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The basics of the 'Black Stuff'

Deutsche Bank's overview of the global oil & gas industry. Structured in three
parts, this layperson's guide includes details on the workings of the oil & gas
industry, key oil producing countries and a summary of the assets and portfolios of
the leading European and US oil & gas companies.

The strategic commodity

As the dominant source of our energy needs for the better part of the last 60
years, crude oil has held influence over the politics and economic strategies of
nations more than any other commodity, frequently proving the source of
instability, dispute and war. From the birth of Standard Oil through the
expropriation of Yukos, the oil industry has similarly found itself the subject of
frequent controversy, with the companies involved often achieving profits and
wielding power greater than the nations in which they are based. For an industry
that, at its most basic involves little more than drilling a hole in the ground in the
hope of finding the ‘black stuff’, the modern day oil industry is a remarkable
amalgam of politics, economics, science and technology. Huge and diverse, it is
also one that can at times prove bewildering, and not just for the uninitiated.

The industry, the countries and the companies - all in one

With this in mind, in January 2008 the Global Qil & Gas Team at Deutsche Bank
first published a document that we hoped would prove of good use for beginners
and industry old hands alike — Oil & Gas for Beginners. Aimost three years and
several reprints later, we have mustered the strength to update and expand our
original text. Structured in three parts it contains contributions from Deutsche
Bank’s global team of oil & gas analysts, many with backgrounds in the industry as
well as drawing on Deutsche Bank's longstanding relationship with Wood
Mackenzie, one of the industry’s leading research houses. In the initial Industry
Section we look at what shaped today's industry, the geology of oil, and its
applications together with how it's found, how it's extracted & refined and how
it's taxed. In the second Countries Section we review the oil & gas production
outlook and histories for the leading OPEC and non-OPEC producers including
details of the major fields, their tax systems, energy infrastructure and, of course,
the status of their reserves. Finally, in the Companies Section we review the
portfolios of 13 of the leading international oil companies that comprise the bulk of
the oil & gas sector's stock market capitalisation, providing asset value
breakdowns and an overview of the major business activities and growth projects.

For the uninitiated and more learned reader alike

Although Oil & Gas for Beginners is intended as a beginners guide we hope that
it will also find favour with the more experienced reader. Overall, we trust that our
audience will find it a useful document and entrust it with a permanent slot on an
already overcrowded desk. So for those of you who want to know more about the
life cycle of a basin, the Earth’s geologic clock or any number of industry relevant
themes read on. We hope that what you find will prove both interesting and
informative.
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Crude oil has been known
and used since ancient

times

Standard Oil’s dissolution
was as much the beginning

of an era

A Brief History of Oil

From biblical times...

Crude oil has been known and used since ancient times with reference to it made by most
historians since records of world history began. Noah is said to have used it to caulk his Ark;
the bible refers to its application as a roofing material in Babylon; the Egyptians used it to
help preserve mummies whilst Alexander the Great was known for his use of oil to create
flaming torches to frighten his enemies. Beyond its obvious application as a source of fire,
the substance was also highly valued by several civilizations for its medicinal properties; for
the Chinese it served as a skin balm; for Native Americans a treatment for frostbite.

A small town in Pennsylvania

Yet the modern oil era almost certainly commenced in 1859 in Titusville, Pennsylvania, when
Colonel Edwin Drake struck oil some 69 feet underground. The commercial objective being
pursued was to extract ‘rock’ oil, which, it had been discovered, could be refined to produce
kerosene for illumination. At 15 barrels-a-day Drake’s discovery prompted a mad rush to drill
for “the black stuff’. Within a year Pennsylvania was producing almost 500,000 b/d; two years
later over 3m b/d was oozing out of the Pennsylvanian hills. The modern oil industry had been
born.

The mother of today’s industry ...

This explosion in production, however, brought with it its own problems. Although demand
for kerosene also surged as copious supplies made it ever more affordable, the absolute lack
of discipline that surrounded both the supply of oil and its refining meant that the newly
found kerosene industry was extremely volatile. Into this arena emerged one particular
businessman who was intent on bringing structure, order and profit to the kerosene refining
industry. Through the Standard Oil Company, John D Rockefeller set about establishing a
business that was to have absolute influence over the US refining and oil producing
industries. By 1890, using business practices that invariably sought to eliminate competition,
Standard Oil controlled almost 90% of the refined oil flows in the United States. It
determined the price at which its products would be sold on the open market and it told the
producers the price that they would receive for their oil. In effect it was, to all extents and
purposes, the US oil industry, a position it largely retained until its dissolution under anti-trust
legislation by the US Supreme Court courts in 1911 into 34 independent companies.

... through the daughters that she spawned

Yet Standard Qil’s dissolution was as much the beginning of an era as it was the end. For the
companies which were born as a result by and large proved those which would go on to
shape the industry as we know it today. Exxon, Chevron, Texaco, Conoco and much of BP,
amongst others, can all trace their roots back to Standard Oil. And in their desperate pursuit
through much of the 20th century to secure new sources of oil from across the globe, not
least the Middle East, they gave birth to the national oil companies that dominate today’s
production. Saudi Aramco, the National Iranian Oil Company, the Iragi National Oil Company,
the Kuwait Oil Company, ADNOC and PDVSA were all established in large part by the
‘sisters’ that emerged from the break-up of Standard Oil.

More sustainable than your average state

Indeed, it is perhaps an irony that an industry whose sustainability is constantly in question
should be comprised of companies that have a history that is longer than that of several
modern day countries. Governments may come and go and wars may pass. Yet in pursuit of
that life-giving incremental barrel of reserves, the major oil companies have evolved into the
industrial behemoths that stand today and will, almost certainly, still stand tomorrow.

Page 8
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Setting the scene

The oil industry has a long and colourful history and before discussing the major players we
need to set the scene; we do this starting with the summary timeline below:

Figure 1: A brief history of oil

Time Oil price, World oil What happened
$/bbl prod. mil
(2006) bbl/d
1849-57 End of whale oil Kerosene distilled from crude and kerosene lamp invented - forces whale oil from market.
1846 Baku percussion drilling First successful percussion well drilled in Baku.
1859 Drake's US well First oil well is drilled in U.S. at Titusville, Pennsylvania, by Colonel Edwin Drake (69 feet).
1863-70 62 Standard Oil born John D. Rockefeller starts his first refinery in Cleveland and founds Standard Oil.
1872 Baku oil boom
1878 25 Oil recession Thomas Edison invented the electric light bulb, eliminating demand for kerosene.
1886 16 The car arrives Gasoline powered automobiles introduced to Europe by Karl Benz and William Daimler
1901 23 Texas oil boom Spindletop blow-out heralds birth of Texaco, Gulf and the Texas oil industry
Baku: 50% world oll Baku supplies just over 50% of the worlds oil, and 95% of Russian oil
1907 16 RD/Shell born Shell and Royal Dutch combined.
1908 16 Iran oil and BP born Anglo-Persian (BP) finds oil in Iran.
1910 13 Mexico oil found Oil discovered in Mexico by Mexican Eagle (later bought by RD/Shell)
1911 13 Death of Standard Oil U.S. Supreme court orders the dismantling of Standard Oil on antitrust violation grounds.
1914-18 20 WW | WW | - cavalry gives way to mechanised warfare.
1917 25 Russian revolution RD/Shell, Nobel and Exxon all lose assets
1922 20 Venezuela oil found Qil discovered in Venezuela by RD/Shell
1928 14 Irag oil found Oil discovered by IPC (BP, RD/Shell, Total, Exxon, Mobil, Gulbenkian) in Irag
1930 15 East Texas oil found East Texas oilfield discovered (largest in U.S. at the time) and over-produced
1931 9 4 Oversupply, price crash World oil glut; Great depression starts. U.S. oil prices fall from 96 to 10 cents/bbl
1931-1938 14 US starts prodn quota Texas Railroad Commission enforces production quota and shutins to stabilise crude prices
1932 13 5 Iran nationalisation Shah Reza of Iran cancels Anglo-Persian concession, but quickly backtracks
1933 11 5 Saudi entered Socal (Chevron) win a large oil concession from King Ibn Saud of Saudi Arabia
1938 16 6 Ghawar discovered Oil found in Saudi Arabia ('the single greatest prize in all history')
Mexico nationalisation Mexico nationalises U.S. and U K. oil company assets
Kuwait oil found Oil discovered in Kuwait
1939-1945 14 WW I WW Il — all governments realise control of oil is vital for security
1943 14 6 Venezuela 50/50 deal Venezuelan contracts renegotiated to give a 50/50 profit split - a landmark event.
1947 17 9 Offshore born Kerr-McGee drills first successful offshore well in the GoM
1950 14 10 Saudi state share raised Aramco 50/50 deal agreed
1951 13 12 Iran nationalisation. Iran nationalised assets of Anglo-Iranian (renamed from Anglo-Persian, later BP)
1956 14 Suez crises Suez canal closed, disrupting world oil transport; US surge capacity and NOCs cope well
1959 15 19 Oversupply Late 1950s oil oversupply 'glut’
Libyan oil found Oil found in Libya
1960 13 21 OPEC created OPEC formed in Baghdad (initially Saudi Arabia, Iran, Irag, Venezuela, Kuwait)
Indonesia nationalisation Indonesia oil industry nationalisation
1967 11 37 The 'Six day war' The 3rd Arab-Israeli war; Israel pre-emptively attacks Egyptian-led forces near its borders
Arab oil embargo Arab oil embargo (Saudi Arabia, Kuwait, Irag, Libya, Algeria) against nations friendly to Israel
Nigeria civil war Nigerian civil war breaks out — 500kb/d oil exports blockaded
10bn bbls field in Alaska 10bn oilfield discovered in Alaska by ARCO
1969 10 44 North Sea oil discovered
1970 9 48 End of the buyers markets World demand closed gap with supply, power shifts to the Middle East producers

US oil peak

US peak oil production year - no more US surge capacity

Source: Deutsche Bank
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Figure 2 contd: A brief history of oil

Libya state share raised Libya raises profit share from 50% to 55% and forces through a 30% oil price hike
Iran state share raised Iran forces profit share up to 55% from 50%
Venezuela share raised Venezuela unilaterally raises state profit share to 60%
1973 15 58 Oil embargo Yom Kippur war: Arab oil embargo in response to U.S. support for Israel
Oil prices up c¢.4x. Prices rise from $2.9 to $11.6/bbl (money of the day)
1974 48 59 Irag nationalisation Irag nationalisation (BP, Shell, Exxon lost assets in Iraq Petroleum Co.)

Saudi partial nationalisation Aramco 60% nationalised (Chevron, Texaco, Exxon, Mobil impacted)

1975 43 56 Kuwait nationalisation Kuwait nationalises oil industry

Venezuela nationalisation ~ Venezuela nationalises oil industry

1979 88 66 Iranian revolution Shah deposed in Iranian revolution, oil prices touch $40/bbl despite no shortage of oil
Oil price shock By 1981 oil prices has risen to $34 from $13/bbl, post the Iranian revolution
1980 91 63 Saudi nationalisation Aramco 100% nationalised
1982 69 57 OPEC introduces quotas Quotas used by OPEC for fist time to prevent oversupply
1986 27 60 Oversupply - price collapse OPEC fails to prevent oversupply - oil prices fall from $29/bbl to $10/bbl
1991 30 65 Gulf war | Iraq invades Kuwait and is swiftly defeated by the Americans; Qil briefly touched $40/bbl
1998-2001 Super mergers BP-Amoco-Arco, Exxon-Mobil, Chevron-Texaco, Conoco-Philips, Total-Elf-Fina
1998 Qil price collapse Asian crisis recession drives oil price collapse
2003 32 77 Gulf war Il Second Irag war
2003-08 Oil price shock Irag on verge of civil war, heightened Iran nuclear tensions, strong oil demand growth from

emerging markets, surprisingly inelastic world demand and dwindling capacity cushion help
drive prices to almost $150/bbl; Various host nations raise taxes and state share

2009-2010 Price collapse Global financial crisis precipitates a decline in oil demand and oil prices collapse to lows of
$33/bbl. Fiscal stimulation and a return to growth eventually see oil prices stabilise around
$70-80/bbl but world remains over-supplied in both oil and gas.

Source: Deutsche Bank

Key points to note are:

= Standard Oil - the mother of all grandmothers, founded by John D. Rockefeller in
1870 was the largest and best run company of its, and perhaps any age. Its pursuit of
efficiency included relentless price wars and other methods to destroy competition and
in 1911 the Supreme Court decided various antitrust laws had been violated. The
ensuing enforced break-up of the company gave birth to 34 new companies, including
the ancestors of Exxon, Mobil, Chevron, Texaco, Arco and others.

=  The key companies have been around a long, long time. ExxonMobil, BP,
ConocoPhilips and Shell can all trace their past back over 100 years. Total can look back
on 80 years and Eni on over 50 years.

= Nationalisation is not new. In fact the first attempt was by the Shah of Iran in 1932,
who was unhappy with the terms that Anglo-Persian (from which BP was born) had
convinced Iran to sign up to back in 1903. However the Shah rapidly backed down for an
insignificant improvement in terms. Mexico nationalised in 1938 but this proved self
destructive, as there existed a wealth of alternative supplies.

= The Texas Railroad Commission - the forerunner to OPEC. The late 1920s glut
caused by the start of the great depression and the over production of the huge East
Texas discovery prompted the Texas Railroad Commission (the state regulator for oil
production) to impose production quotas. Whilst these were initially resisted, laws were
passed that gave the Commission more power and it successfully took the lead in
regulating US production until 1970, when excess capacity finally disappeared. In a
sense OPEC took over the role that the Commission had previously played, and which
was fulfilled by Rockefeller before that.

= The Middle East carve up. Until the 1970s the IOCs had a huge influence on Middle
East oil development and production. American and British/Dutch companies made all
the major discoveries in Iran, Irag, Kuwait and Saudi Arabia, and controlled everything
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from wellhead to car gas tank, with little disclosure. The perceived I0C exploitation (for
‘unfair’ returns) is a fundamental factor behind the current characteristics of the Middle
East oil industry.

= If it doesn’t affect oil supplies, it doesn’t matter to oil prices. Notable by their
absence are the Korean War (1950-53), Cuban Missile Crisis (1962) and the Vietnam War
(1965-75) all had no meaningful impact on prices because oil supplies were never under
threat.

= 1970 pivotal. Although OPEC was created in 1960 (a global version of the Texas Railroad
Commission, upon which it was partially modelled) it wasn't until 1970 that US oil
production peaked. The US hence lost its ‘surge’ capacity cushion for the first time,
which had enabled it to weather previous supply disruptions, including two Arab oil
embargos.

Prior to 1970 the 10Cs held the bulk of industry power, almost uninterrupted. The period from
1970 to 1979 was pivotal in the evolution of power from western oil companies towards
resource holding nations, and we have seen another surge in this theme in recent years.

Classical analysis suggests recent shifts are structural

Time will tell whether recent adverse changes (from an IOC perspective) in contract terms
and field ownership are cyclical blips that will reverse (as has occurred several times in the
past), or not. The classic approach to analysing an industry’s profitability (by breaking down
the threats to that profitability) doesn’t appear to give any comfort for a conventional I0C, as
we depict below.

Classical analysis suggests
recent shifts are structural

Figure 4: Industry threats to profitability, 1970-2003

Figure 3: Industry threats to profitability, pre-1970
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Source: Deutsche Bank Source: Deutsche Bank

Prior to 1970 - IOC heaven. The key industry characteristics were oversupply (which gave
host nations little power), high barriers to entry (because of the need for ‘outlets’ in an
oversupplied world - i.e. a mid and down-stream), collusion to a high degree (due to the
same players being in all the main assets) and growing markets. The threats to industry
profitability were generally low making it an attractive industry, although of course oil
companies had to be ever mindful of not being seen to charge ‘too much’ at the pump for
political reasons.

From 1970 to 2003 - the wheels come off. From the early 1970s to the early 2000s we see
drastic changes. Worldwide demand had largely closed the gap with supply, the US no
longer had a surge capacity and although the 1970s saw stagnant demand growth, growth

Deutsche Bank AG/London Page 11



9 September 2010

Integrated Oils Qil & Gas for Beginners

Deutsche Bank

The threats to profitability of
10Cs are high relative to

previous eras

resumed in the 1980s and 1990s. From an IOC perspective supplier power (i.e. the host
nations) increased strongly in the early 1970s, but was offset to some degree by Alaskan and
N. Sea mega-field developments in the 1980s. Whereas previously new entrants could not
credibly compete with IOCs, the nationalisations of the early 1970s gave birth to NOCs that in
time would start to compete directly, at least for conventional oil projects. We therefore
characterise this era as having 'medium’ threats to profitability and hence ‘medium’
profitability attractiveness to I0Cs overall.

Figure 5: Industry threats to profitability, post-2003
Post 2003:

New entrants

High barriers for new

entrants, host nations

already have NOCs.
Profitability threat: Low

Supplier Power Buyer Power
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Profitability threat: High
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attention. Profitability
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Profitability threat:
Medium

Overall threat to profitability: High
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Source: Deutsche Bank

Post 2003 - further tightening. OECD mega-fields have started to decline, and strong
emerging market demand growth has handed yet more power to the major resource holders
in the Middle East, Russia and Venezuela. Increased terrorism activities have put oil
infrastructure at heightened risk, and geopolitical stability in the Middle East has fallen in the
aftermath of Gulf War Il and with the emergence of Iranian nuclear ambitions.
Correspondingly the oil price has risen by almost a factor of five, and resource holders have
raised both taxes and NOC stakes at the expense of IOCs. Supplier power is thus high (which
has led to a huge increase in the cost of actually producing oil), competition for new acreage
or M&A deals from NOCs is also high, the high pump prices raise consumer discontent and
even the green movement is gathering momentum (both for environmental reasons and as
countries seek to reduce their exposure to less stable oil producing regions). Moreover as the
events of 2008/09 showed all too clearly, oil prices are increasingly volatile in comparison to
costs that are all too sticky; a combination that makes sanctioning projects all the more
difficult. All in all the threats to profitability of IOCs are high relative to previous eras and
hence industry attractiveness is low, at least relative to the past.
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I0Cs and NOCs

The term IOC (International The term 10C (International Oil Company) is usually taken to mean a large, western, listed,
Oil Company) is usually integrated oil company (e.g. Exxon or BP), whereas an NOC (National Oil Company) generally
taken to mean a large, refers to a majority state owned oil company that has often grown out of large domestic
reserves. In some cases the NOCs have evolved directly from previous consortiums of I0Cs

western, listed, integrated
—such as Aramco (Saudi Arabia), NIOC (Iran), INOC (Irag) and KOC (Kuwait).

oil company

The fundamental difference in the reserve holdings between these two groups of industry
players is clear in the left hand chart below:

Figure 6: IOC and NOC oil and gas reserves (billion boe) Figure 7: 10C and NOC oil and gas production 2009
end 2009 (million b/d)
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Source: Wood Mackenzie, BP Statistical Review 2010, Deutsche Bank estimates Source: Wood Mackenzie, Deutsche Bank estimates

Note: 2P WoodMackenzie estimates used for IOCs, BP statistical review and company data used for NOCs.

From a reserves perspective it would seem the NOCs (and hence resource holding nations of
the Middle East, Russia and Venezuela) should have the bulk of industry power. But this of
course is only true in a market that is short of oil, and for most of the last century the world
has basically been in an oversupply situation. For the last few vyears, however,
supply/demand has been relatively tight and if this persists, the superior growth potential of
the NOCs versus the IOCs is clear.

Figure 8: IOC and NOC 2P reserve life 2009 (years)
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Source: Deutsche Bank estimates using data from Wood Mackenzie and the BP Statistical Review 2010

Deutsche Bank AG/London Page 13



9 September 2010 Integrated Qils Oil & Gas for Beginners Deutsche Bank

The 10Cs (Exxon, Shell, BP,
Total and Chevron being
pre-eminent), have long,
colourful histories.

The 10C Sisters — 100 years in the making

The 10Cs (Exxon, Shell, BP, Total and Chevron being pre-eminent) have long, colourful
histories. It is not too much to say that these companies more than any others played major
roles in shaping the world we live in. The last 60 years worldwide GDP growth, business
theory and practice, economics and antitrust laws have all been hugely influenced by their
activities and decisions, as have the current geopolitical issues in countries such as Saudi
Arabia, Iran, Irag and Venezuela.

1870-1911, the titans are born. Rockefeller's Standard Oil had over 40 years to build itself
into a huge integrated oil company that almost totally dominated the US industry before its
break-up in 1911. BP's forerunner (Anglo-Persian) was created in 1908 to develop Iran and
Royal Dutch and Shell merged in 1907 to better develop Indonesian Qil and compete
internationally with Standard Qil. The descendents of these companies, along with Gulf and
Texaco, were to dominate the world’s oil industry, not to mention the economic fate of
several countries, for most of the last century.

Pre WW Il - masters of the world. In the 30 years leading up to WW IlI, worldwide
consumption had grown from less than 0.5 million b/d to 6 million b/d, driven mainly by
strong growth in US GDP and car usage. The early 1930s oil glut (partly due to the discovery
of the huge East Texas field and the great depression) did little to deter the 10Cs from
ambitious international exploration programs. In some cases the motivation was simply to
lock other companies and oil out of an oversupplied market, but by 1940 the end result was
that the I0Cs were all-powerful. BP dominated Iranian oil while Iragi oil was controlled by a
consortium of BP, RD/Shell, Total, Exxon and Mobil. Kuwait had been shared out between BP
and Gulf and Saudi Arabia, containing the greatest field ever found, was controlled by
Chevron, Texaco, Exxon and Mobil (Aramco).

Post WW Il - the fight back begins. W\ Il had shown the world’s governments just how
strategically important oil supplies were and the Middle East governments unsurprisingly
wanted more of the pie. The Saudi government forced Aramco to accept a profit split of
50/50 in 1950 and Iran nationalised Anglo-Persian’s (BP) assets in 1951. Iran’s nationalisation
was shortly undone in all but name but BP lost significant share and the warning signs to the
IOCs must have been clear. Although the ‘Seven Sisters’ (Exxon, Mobil, Chevron, Texaco,
RD/Shell, BP and Gulf) remained immensely powerful, they slowly but surely gave profit
share ground over the two decades leading up to 1970. However despite the creation of
OPEC in 1960, it was not until 1970, when US oil production peaked and it lost its surge
capacity that the theory of Arab oil power finally became a reality.

1970s — the new reality. The implications of the loss of US surge capacity were not lost on
the countries where the |IOC's precious reserves lay. The Yom Kippur war of 1973 and
associated Arab oil embargo drove up the oil price by ¢.4x and in a wave of nationalisation
the Seven Sisters were forced to sell (if they were lucky) the bulk of their assets in Irag, Saudi
Arabia, Kuwait and Venezuela. The Iranian revolution of 1979 removed any lingering 10C
ownership in the Middle East heartland and sent oil prices spiralling upwards once again. The
days of IOC supremacy were over.

1980s — a reprieve in the form of Alaska and the North Sea. The events of the 1970s
forced the IOCs to look elsewhere for oil, and the late-1960s discoveries of huge reserves in
Alaska and the North Sea were the answer. BP, RD/Shell, Exxon and Mobil were instrumental
in exploiting these areas, and the North Sea discoveries gave birth to a new western NOC;
Statoil in Norway.

Page 14

Deutsche Bank AG/London



9 September 2010 Integrated Qils Oil & Gas for Beginners Deutsche Bank

Of the original seven sisters
that so dominated the
world’s oil industry for much
of the last century, four
remain Exxon, Chevron,
Shell and BP

Exxon, is a direct
descendent of Standard'’s
heart; Standard Oil New
Jersey

1990s - profits under threat — mega mergers. By the mid-1990s a flat oil price
environment, stricter terms and competition from the Middle East NOCs (that the sisters had
unwillingly given birth to) made it clear that the culture of perks and large numbers of
expatriates on high salaries could no longer be sustained. Profitability was under pressure;
BP caused shock waves when it cut its dividend for the first time in 1992 and several of the
other majors were also experiencing financial stress. BP showed the way forward with its
acquisition of Amoco announced in 1998 — the largest merger ever at the time. The other
majors quickly realised that the synergies that BP-Amoco would benefit from would leave
them behind unless they followed suit. Exxon and Mobil announced their merger in 1999 and
Chevron and Texaco did the same in 2000. Elsewhere Total acquired Fina in 1998 and then
Elf in 1999 and Conoco and Phillips merged in 2001. Of the majors only RD/Shell refrained
from major M&A activity.

Of the original seven sisters that so dominated the world’s oil industry for much of the last
century, four remain; Mobil went to Exxon, Gulf and then Texaco went to Chevron.

2000s — power moves further towards the resource owners. Since 2003 oil prices have
risen from just above $20/bbl to just below $100/bbl. Qil is a finite resource and it appears as
though the low hanging fruit has been picked; even Saudi Arabia has to use enhanced
production technigues on nearly all of its fields. However demand has marched onwards,
driven in part by a multi-year surge in emerging economies. In the face of restrained industry
investments over the last decade, there is now little effective supply cushion. This worsening
supply/demand situation, when coupled with increased geopolitical tensions, and perhaps
the influx of speculative money into oil trading, can explain the bulk of the recent oil price
rise.

None of these factors appears particularly transitory, and the major resource-owning
countries that have I0C presences have tightened the tax screws once again. Conventional
oilfield development opportunities under reasonable terms are currently hard to find and we
appear to be at an inflexion point. But the 10Cs are still vital for large, integrated, hostile
environment or technically challenging projects and the recent escalation in power towards
NOCs is by no means the death knell for the remaining seven sisters or their peers. That said,
those that can grow their business from non-conventional production will likely eventually
find themselves at an advantage relative to those that persist with the ‘old’ conventional oil
IOC model.

The International Oil Companies

Almost 100 years after his company was broken up, Rockefeller’'s legacy is still huge. One of
the world’s most valuable companies, Exxon is a direct descendent of Standard’'s heart -
Standard Qil New Jersey.

Standard Oil, as mentioned earlier, was founded by John D. Rockefeller in 1870, and rapidly
consolidated the refining companies in Eastern US into one organisation. By the 1911
Supreme Court dismantling ruling, this consolidation had extended into almost total control of
upstream, downstream and midstream US operations, with significant overseas activities. Its
domination was achieved at the expense of using its size to achieve unfairly advantageous
terms from railroads for transit fees, by crushing out all competition via price wars and by
extensive use of bribes. Rockefeller merely saw his company as bringing order and stability
to a market that otherwise would be characterised by boom and bust cycles and
correspondingly chaotic pricing. In his eyes, Standard Qil benefited the consumer, despite
the lack of price competition.

Exxon - leader of the pack for nearly a century. Today's Exxon stems directly from four
Standard Oil companies. Its 1998 merger with smaller sister Mobil was the largest corporate
deal in US history and was remarkable in that it reunited the two largest companies of the
Standard Qil Trust — dismantled almost 90 years earlier by the US Supreme Court.

Deutsche Bank AG/London
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Figure 9: The major IOCs family tree

Standard Oil - founded in 1870 by John D. Rockefeller and dismantled by order of U.S. Supreme Court on antitrust grounds in 1911
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The term ‘supermajors’
usually refers to the six
largest I0Cs — Exxon,
Chevron, RD/Shell, BP,
ConocoPhillips and Total.

Chevron - found the greatest prize in history. Standard Oil of California (Socal) was only
part of Standard Qil for eleven years before the breakup, and eventually became Chevron.
Chevron negotiated the concessions in Saudi Arabia in 1933 and then discovered the 'single
greatest prize in history’ in 1938 — the world's biggest oilfiled, Ghawar. Its merger with Gulf in
1984 was the biggest ever at the time and was followed up in 2001 by the merger with
Texaco (which was born out of the post 1901 Texas oil boom and was never part of Standard
Qil).

BP born in Iran. BP's history dates back to 1901 when William Knox D'Arcy won a large
Iranian concession. He found the first commercial oil in the Middle East in 1908 and formed
the Anglo-Persian Oil Company (later to become Anglo-Iranian, then BP). After losing the bulk
of its Iranian production to nationalisation in 1953 BP’s next major success was in the North
Sea in the 1960s. As discussed above it has caused seismic shifts in the industry with its
trailblazing M&A over the last ten years; the merger with Amoco in 1998, acquisition of Arco
and Castrol in 2000 and then entry into Russia with 50% of TNK-BP in 2003.

Royal Dutch Shell was formed with the merger between the British Shell (created as an oil
shipping company in 1878) and Holland’'s Royal Dutch (created in 1890 following an oil
discovery in the Dutch East Indies) in 1907. Together they were able to fight on equal terms
with the international growth aspirations of Standard Qil. RD/Shell did not get involved with
the mega-mergers, although it did buy Enterprise Qil (the UK's largest E&P at the time) and
Pennzoil-Quaker State (a US motor oil business and descendent of Standard Qil) in 2000.

ConocoPhillips can trace its history back to Standard Qil via Continental Qil, but is actually
more dominated by its Phillips legacy. Phillips was built on a string of discoveries in
Oklahoma starting in 1905 by Frank Phillips. The merger between Conoco and Phillips was
agreed in 2001.

Total was founded by the French government in 1924 and gained its first major overseas
production via a share in the Irag Petroleum Consortium (IPC). Its acquisition of Fina in 1998
was seen as motivated by a desire for downstream assets rather than cost synergy potential,
and was followed by the acquisition of rival French oil firm EIf, in 1999.

The term ‘supermajors’ usually refers to the six largest IOCs — Exxon, Chevron, RD/Shell, BP,
ConocoPhillips and Total.

The other two I0Cs in the previous figure are Statoil and Eni:

Statoil and Norsk Hydro announced in 2006 that they would merge their oilfield operations
to form “StatoilHydro” (later shortened to Statoil). Norsk Hydro started off as a Norwegian
fertilizer company in 1905, whereas Statoil was established as a Norwegian state oil
company in 1972 to develop the Norwegian North Sea. The merger was completed late in
2007 and in theory gives the company enough scale to compete for all but the world’s largest
projects.

Eni (Ente Nazionale Idrocarburi) was founded by the ltalian state in 1953 and was led for
many years by the charismatic Enrico Mattei, who in the 1950s was a vocal critic of the
Seven Sisters. Eni was also involved in the M&A activity of the late 1990s, and was reported
to be in discussions with EIf until Total placed the winning bid. Eni bought the UK E&P
companies British Borneo (2000), Lasmo (2001), Burren Energy (2007) and First Calgary
Petroleum (2008), while it has also been active in acquiring assets.

Deutsche Bank AG/London
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Figure 10: 2009 Oil Production by company Figure 11: 2009 Gas Production by company
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Figure 12: 2009 Total Production by company Figure 13: 2009 Refining Capacity by company
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Figure 14: 2009 1P reported reserves by company Figure 15: Reserve Life by Company 2009
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Figure 16: Western Majors — Production by Geography 2012E

Country Exxon BP Shell CvX Total Conoco Eni Repsol Statoil ocy BG MRO Hess
Canada 7% 1% 7% 2% 0% 17% - - 2% 0% - 9% -
US (Alaska) 3% 4% - 1% - 12% 1% - - - - 3% -
US (Deepwater GOM) 2% 9% 7% 3% 1% 1% 2% 4% 2% - - 8% 1%
US (GOM Shelf) 1% - 0% 3% - - 1% - - - - 1% -
US (Lower 48) 6% 1% 4% 13% 2% 24% 0% - 2% 41% 8% 25% 15%
Total N.America 18% 25% 18% 23% 3% 54% 5% 4% 6% 41% 8% 46% 26%
Argentina 0% 3% 0% 1% 2% - - 43% - 7% - - -
Bolivia - 0% - - 1% - - 10% - 0% 3% - -
Brazil - - 1% 1% - - - 1% 4% - 3% - -
Colombia - 1% - 1% 0% - - 1% - 4% - - -
Ecuador - - - - - 0% 1% 1% - - - - -
Peru - - - - - - - 3% - - - - -
Trinidad & Tobago - 6% - 2% 0% - 1% 17% - - 10% - -
Venezuela - 0% 0% 2% 2% - 1% 7% 1% - - - -
Total S.America & Caribbean 0% 10% 2% 7% 6% 0% 2% 82% 5% 11% 16% 0% 0%
Croatia - - - - - - 1% - - - - - -
Denmark - - 4% 1% - - - - - - - - 2%
France - - - - 1% - - - - - - - -
Germany 2% - 1% - - - - - - - - - -
Ireland - - 0% - - - - - 1% - - - -
Italy - - 1% - - - 8% - - - - - -
Netherlands 7% - 8% 0% 1% - - - - - - - -
Norway 6% 2% 4% 0% 10% 8% 5% - 60% - 1% 13% 8%
Spain - - - - - - - 0% - - - - -
UK 3% 5% 5% 2% 7% 6% 3% - 0% - 15% 6% 7%
Total Europe 18% 7% 23% 4% 19% 14% 17% 0% 61% 0% 16% 18% 17%
Azerbaijan 2% 7% - 3% 1% - - - 6% - - - 4%
Kazakhstan 3% - 0% 12% - - 7% - - - 17% - -
Kirgizstan - - - - - - - - - - - - -
Russia 1% 17% 5% - 1% 2% 1% - 1% - - - 5%
Turkmenistan - - - - - - 1% - - - - - -
Total FSU 6% 24% 5% 15% 1% 2% 8% 0% 7% 0% 17% 0% 10%
Bahrain - - - - - - - - - 3% - - -
Iran - - - - 0% - 0% - - - - - -
Iraq 4% 9% 2% - 0% - 3% - 0% 5% - - -
Oman - - 6% - 1% - - - - 9% - - -
Qatar 21% 0% 7% - 9% 3% - - - 21% - - -
Saudi Arabia - - - 4% - - - - - - - - -
Syria - - 1% - 1% - - - - - - - -
United Arab Emirates 6% 4% 3% - 8% - - - - 2% - - -
Yemen 0% - - - 4% - - - - 4% - - -
Total Middle East 32% 13% 20% 4% 24% 3% 4% 0% 0% 45% 0% 0% 0%

Source: Deutsche Bank estimates Note: 0% indicates a presence
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Figure 17: Western Majors — Production by Geography 2012E (cont’d)

Country Exxon BP Shell CvX Total Conoco Eni Repsol Statoil ocy BG MRO Hess
Nigeria 6% - 10% 8% 10% 3% 7% - 2% - - - -
Algeria - 3% - - 2% 2% 8% 6% 7% - - - 5%
Egypt - 5% 2% - - - 18% - - - 25% - -
Libya - - - - 3% 3% 10% 8% 1% 4% - 13% 6%
Tunisia - - - - - - 1% - - - 6% - -
Total N.Africa 6% 8% 12% 8% 15% 7% 43% 14% 10% 4% 32% 13% 10%
Angola 8% 7% - 7% 13% - 10% - 1% - - 2% -
Chad 1% - - 1% - - - - - - - - -
Congo - - - 1% 4% - 5% - - - - - -
Equatorial Guinea 2% - - - - - - - - - - 21% 15%
Gabon - - 1% - 2% - - - - - - - -
Total W.Africa 11% 7% 1% 9% 19% 0% 15% 0% 11% 0% 0% 23% 15%
Australia 2% 2% 2% 3% - 2% 1% - - - 4% - -
Bangladesh - - - 6% - - - - - - - - -
Brunei - - 5% - 0% - - - - - - - -
China - 0% 1% 1% - 4% 0% - - - - - -
India - - - - - - 0% - - - 5% - -
Indonesia 1% 2% - 10% 9% 7% 1% - - - - - 6%
Malay/Thai JDA - - - - - - - - - - - - 13%
Malaysia 5% - 8% - - - - - - - - - -
Myanmar - - - 1% 2% - - - - - - - -
New Zealand - - 1% - - - - - - - - - -
Pakistan - 1% 0% - - - 3% - - - - - -
Philippines - - 1% 1% - - - - - - - - -
Thailand 0% - - 8% 2% - - - - - 3% - 3%
Timor Leste/Australia JPDA - - - - - 4% 1% - - - - - -
Vietnam - 0% - - - 1% - - - - - - -
Total Asia Pacific 8% 5% 18% 31% 12% 18% 6% 0% 0% 0% 12% 0% 23%

Group Production "10E
(kboe/d)

Source: Deutsche Bank estimates

3,985 3,967 3,201 2,706 2,384 2,349 1,843 896 1,811 645 665 400 408
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Four of the world’s most
powerful NOCs were born
directly from consortium set
up by western IOCs before
wwii

The major NOCs

Four of the world's most powerful NOCs were born directly from consortium set up by
western |OCs before WW |l (the national oil companies of Saudi Arabia, Iran, Irag and
Kuwait). Dominated by the seven sisters, for decades these secretive western consortiums
indirectly controlled the Middle East economies, and inevitably disputes and resentment
arose between them and the host nations. Although pressure in the form of increased state
profit share had been gradually submitted to by the consortiums since the Saudi's first
extracted a 50/50 split from Aramco in 1950, the issue of reserves ownership and control
always simmered beneath the surface, until eventually exploding in the early 1970s. It is
several of these companies that in 1960 established the Organisation of Petroleum Exporting
Countries or OPEC, which we discuss in the following section.

Saudi Aramco is the direct descendent of the Chevron subsidiary that won the concession in
Saudi Arabia back in 1933. Now the world’s largest oil company, and with the largest
reserves, it is recognised as a professional, well run organisation with strong onshore and
shallow offshore technical expertise. Aramco has oil and gas production capacity of
c.12mboe/d and combined reserves of 313bn boe.

NIOC (lran). The National Iranian Oil Company dates back to 1951 when the Iranian Prime
Minister (Mohammed Mossadegh) nationalised the industry in response to the Anglo-Iranian
Oil Company's (BP) long-term refusal to materially improve the state share. A coup ensued,
and by 1954 whilst NIOC still existed, control of the country’s existing fields were placed with
a consortium of western 10Cs. The revolution of 1979 put 100% of the industry into the
hands of NIOC but its performance was severely impacted by the 1980-88 Iran-lrag war.
Current buyback contract terms are relatively unattractive and long delays have occurred in
key projects in which foreign companies are involved. NIOC has oil and gas production
capacity of c.6mboe/d and combined reserves of 312bn boe.

INOC (lIraq). The Irag National Oil Company was created in 1966 but can trace the history of
its assets back to 1928 when the Irag Petroleum Company (IPC) discovered the massive
Kirkuk field. In 1961 Irag nationalised the industry but left IPC (BP, RD/Shell, Total, Exxon,
Mobil, Gulbenkian) controlling all of the existing production. This was redressed by Saddam
Hussein in 1971 when all of Irag’s oil assets were nationalised and handed over to INOC.
Post the 2003 Irag War it remains unclear what the ultimate structure of the Iraq oil industry
will be, however, in 2009 the country awarded a number of service contracts to a mix of
foreign 10Cs and NOCs. At present INOC has oil and gas production of ¢.2mboe/d and
combined reserves of 134bn boe.

KOC (Kuwait). Kuwait Oil Company was created in 1934 as a 50/50 venture between BP and
Gulf and had its first commercial discovery in 1938. In 1975 KOC went the same way as
neighbouring consortiums and was 100% nationalised. Gulf War | (1991) started as a result of
Irag invading Kuwait, partly motivated by Iraq’s desire for the KOC oilfields. KOC has oil and
gas production of ¢.2.6mboe/d and combined reserves of 112bn boe.

Qatar Petroleum. QP was born out of the 1974 nationalisation of assets held by various
IOCs (BP entered the country back in 1934). The key asset today is the giant North Field,
shared with Iran (where it's called South Pars) — the largest non-associated gas field in the
world. QP is the major shareholder in the Qatargas (QP, Total, Exxon) and Rasgas (QP, Exxon)
subsidiaries, which have been set up to exploit the North Field. QP has oil and gas production
of ¢.1.5mboe/d and combined reserves of 181bn boe.

PDVSA (Venezuela). Petroleos de Venezuela (PDVSA) was created in 1975, at the same
time that the oil industry was nationalised. Prior to this Exxon, Mobil, Chevron, Texaco, Gulf
and RD/Shell, amongst other I0Cs, had been exporters. The 1990s saw PDVSA struggling to
meet its desired production capacity of 4mb/d, so the marginal fields and the Orinoco heavy
oil belt were re-opened to foreign investment. Strikes by PDVSA management and workers
occurred in 2002, and President Chavez responded by firing 12,000 of the 38,000 workforce,
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many of which were forced to find work overseas. The company thus lost a large portion of
its skilled human capital base, and is thought to only be producing c2mb/d of oil currently,
versus a claimed capacity of 3.2mb/d. PDVSA has oil and gas production of ¢.2mboe/d and
combined reserves of 207bn boe.

Gazprom (Russia) can trace its origins back to 1943 when a separate Soviet gas industry
was created (i.e., distinct from oil). Russia has the highest gas reserves of any country.
Mikhail Gorbachev's reforms provided the catalyst for the state to list 40% of the company in
1994, but for much of the rest of the 1990s Gazprom was accused of widespread corruption.
Under the Putin-appointed Alexei Miller (2001) Gazprom has been successfully reformed; it
has a monopoly on Russian gas exports and has emerged as a major world power in the
global oil and gas industry. Gazprom has oil and gas production of ¢.8mboe/d and combined
reserves of 267bn boe.

Petrobras (Brazil) is a Brazilian integrated oil company founded in 1953, with 56% of its
shares owned by the government. It has a reputation for being a professional deepwater field
developer and operator, despite a disaster in 2001 when the Petrobras 36 QOil Platform (the
world’'s largest platform at the time) exploded and sank. Petrobras currently produces
c2.2mb/d and has reserves of 22bn boe.

Pemex (Mexico) can trace its history back to the country’s nationalisation of the industry in
1938. It is state owned and has a monopoly over all Mexican upstream and downstream
operations. Pemex is hamstrung by the fact that much of its revenues go direct to the
government and the technology and skills that are required to both slow down field decline
and explore deeper water requires foreign company participation, which is prohibited under
Mexican law. Pemex has oil and gas production of ¢.3mb/d and has combined reserves of 15
bn boe.

Petronas (Malaysia) was created in 1974 by the Malaysian government and remains state
owned. It started LNG exports from Sarawak in 1983 (with RD/Shell) and has expanded its
LNG production since that date, and also acquired interests overseas. Petronas has oil and
gas production of ¢.1.3mb/d and reserves of 13bn boe.

CNPC (P.R.C.) is the P.R.C.'s state-owned oil and gas company, was created in 1988 and is
the descendent of the Fuel Ministry created in 1949. It is the second largest company in the
world by number of employees. In 1999 its major domestic assets were listed in a separate
company, Petrochina. CNPC has been very active in acquiring acreage and assets
internationally over the last decade, including in Venezuela, Sudan, Peru, Turkmenistan,
Algeria and Kazakhstan. CNPC has oil and gas production of 3.6mb/d and reserves of 32bn
boe.

The figure overleaf depicts the family tree of the major NOCs, illustrating clearly the wave of
nationalisations that occurred post 1970.
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Figure 18: The major NOCs family tree
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OPEC stands as the single
most important supply-side
influence in global oil and

energy markets

The OPEC charter: to co-
ordinate and unify
petroleum policies among
member countries in order
to secure fair and stable
prices for petroleum
producers; an efficient,
economic and regular supply
of petroleum to consuming
nations; and a fair return on
capital to those investing in
the industry’

OPEC

Through co-ordination of production, the Organisation of Petroleum Exporting Countries
(OPEC) stands as the single most important supply-side influence in global oil and energy
markets. Accounting for around 42% of world oil production but over 55% of the oil traded
internationally, OPEC has substantial influence over the direction of crude pricing, and one
that looks likely to increase given that the countries that comprise OPEC account for almost
80% of the world’s proven oil reserves. At its simplest, OPEC effectively works as a supply-
side swing, with the members seeking to co-ordinate their production through periodically
agreed production allocations thereby ensuring that the market for oil remains roughly ‘in
balance’ at a particular price band.

A brief history

OPEC describes itself formally as a permanent, inter-governmental organisation which was
created in September 1960 by five founding members; Iran, Iraq, Kuwait, Saudi Arabia and
Venezuela. These five were later joined by nine other members namely Qatar (1961),
Indonesia (1962 albeit suspended in 2009), Libya (1962), the UAE (1967), Algeria (1969),
Nigeria (1971), Ecuador (1973), and Gabon (1975-94) although subsequent years saw these
two latter members, both of whom were only modest oil producers, suspend their
membership of the organisation. More recently, in 2007 Angola was admitted to OPEC and
Ecuador ended its suspension, re-entering the cartel. Today's OPEC thus comprises 12
members.

OPEC'’s Charter

Headquartered in Vienna, Austria OPEC’s objective from the start has been ‘to co-ordinate
and unify petroleum policies among member countries in order to secure fair and stable
prices for petroleum producers; an efficient, economic and regular supply of petroleum to
consuming nations; and a fair return on capital to those investing in the industry’. Through the
early years of the organisation, limited co-ordination between the members and the ongoing
dominance of the major international oil companies (I0OCs) meant that OPEC's influence on oil
markets and pricing was modest. Indeed, the presence of the I0Cs through production
concessions in many member countries meant that OPEC’s ability to influence production
quantities was somewhat limited. However, angered by the low price of oil in the early 1970s
and a belief that the production policies used by the international majors were resulting in
minimal returns for the countries within whose borders the crude reserves lay, the member
countries started to re-nationalise their oil assets and flex their collective strength. Moves by
Libya to oust BP in 1971 were soon followed by similar initiatives amongst other producing
nations. In a world dependent upon oil, OPEC had suddenly realised its power.

Figure 19: Which year did you nationalise? OPEC initiatives to reclaim assets

Country Year Companies plundered

Kuwait 1977 Texaco, Chevron

Libya 1971 BP, Occidental

Iraq 1972 Exxon, BP, Shell

Iran 1973 BP

UAE 1973 BP, Total, Shell

Nigeria 1974 BP

Saudi Arabia 1976 Texaco, Chevron, Exxon, Mobil
Venezuela 1975

Qatar 1977 Shell

Source: Deutsche Bank
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OPEC works by virtue of its
members collectively
agreeing on the level of
supply that is necessary to
keep the market in balance

1973 and the Yom Kippur War

Indeed, this recognition culminated in 1973 when, in response to US support for Israel in the
Yom Kippur War, the Arab nations enacted an embargo on oil exports to the US. The result
was sudden and devastating with oil prices broadly quadrupling overnight and an energy-
hungry world falling into recession. For perhaps the first time the developed world
recognised the power that now vested with the major oil producing nations.

How does OPEC work?

In essence OPEC works by virtue of its members collectively agreeing on the level of supply
that is necessary to keep the market in balance and the oil price within a pre-determined
range. Represented by the Oil and Energy Ministers of the OPEC member countries, the
cartel meets at least twice a year to assess and review the current needs of the oil market
and alter, if necessary, its level of production. Dependent upon market conditions, meetings
can, however, be more frequent.

Introduced in 1982, through collective agreement each member of OPEC is allocated a
production quota. Although OPEC has never defined how the production quotas of the
different member countries are established they are believed to be representative of each
country’s ‘proven’ reserves base, amongst others. The quota represents the oil output that a
member state agrees to produce up to assuming no other restrictions are in place and
assuming the country remains in compliance (which as the charter says is at the discretion of
the member country). Frequently, however, different member states will produce well above
or below their official quota, with production more likely proving representative of a
member’s production capability then its actual quota level. Thus where Venezuela retains a
production quota of 3.22mb/d, its current production capacity is little more than 2.4mb/d. By
contrast although Algeria has a production quota of only 890kb/d, it regularly produces nearer
1.2mb/d.

What is established at each OPEC meeting is the extent to which OPEC believes that the
world crude oil market is over or under supplied. In making this decision the organisation will
consider inventories, expected demand and the current price of crude oil, amongst others.
Politics will also invariably play its role. Having considered the supply position the
organisation will then determine whether it needs to supply more or less crude to the market.

Figure 20: OPEC's ingredients

Member Production Production Production % OPEC  Spare capacity % OPEC Official Reserves as % Petroleum
Quota July May 2010 capacity ‘10 total ‘10 (mbbl/d total Reserves (bn those globally exports as %
2005 (mbbl/d) (mbbl/d) bbls/d) GDP 2009
Saudi Arabia 9.10 8.25 12.00 34% 3.756 61% 264.1 21% 48%
Iran 411 3.75 4.00 1% 0.25 4% 137.6 1% 25%
Iraq n.a. 2.24 2.60 7% 0.36 6% 115 9% 57%
UAE 2.44 2.29 2.70 8% 0.41 7% 97.8 8% 39%
Kuwait 2.25 2.29 2.65 8% 0.36 6% 101.5 8% 53%
Qatar 0.73 0.82 0.90 3% 0.08 1% 27.3 2% 42%
Nigeria 2.31 2.00 2.20 6% 0.20 3% 36.2 3% 35%
Libya 1.50 1.64 1.70 5% 0.16 3% 43.7 3% 55%
Algeria 0.89 1.24 1.40 4% 0.16 3% 12.2 1% 30%
Venezuela 3.22 2.25 2.40 7% 0.15 2% 99.4 8% 24%
Angola 1.90 1.89 2.10 6% 0.21 3% 13.5 1% 77%
Ecuador 0.52 0.47 0.50 1% 0.03 0% 3.8 0% 22%
TOTAL 30.42 29.03 35.15 100% 6.12 100% 952.1 76% 42%

Source: Deutsche Bank, OPEC, BP Statistical Review
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OPEC'’s ability to influence
oil prices reflects its
dominance of world
reserves (77% in 2006) and
the substantial and growing
share of world oil and NGL
production that is accounted
for by its members

Should less supply be required it will set a production ceiling for the organisation as a whole
with each member state agreeing a reduction in its current level of production (and vice
versa). In this way OPEC seeks to ensure that the market is adequately supplied. Importantly,
member countries must agree by unanimous vote on any such production ceilings and output
allocations. A majority cannot overrule a minority and central to the OPEC charter is that each
member country retains absolute sovereignty over its oil production. It should, however, be
noted that Saudi Arabia’s clear dominance of production and ‘swing’ (or spare) capacity mean
that its acceptance of policy will almost certainly be required if a proposal is to succeed.

Why is OPEC able to influence prices?

OPEC's ability to influence oil prices reflects its dominance of world reserves (77% in 2009)
and the substantial and growing share of world oil and NGL production that is accounted for
by its members and, consequently, the impact that changes in their production policy can
have on world oil supply. In 2009, oil production by OPEC members (including Angola) is
estimated to have accounted for around 29mb/d or 34% of world demand for crude oil and
natural gas liquids (although NGLs are outside the organisation’s quota system). Where all
countries outside OPEC operate at full capacity, it is purely within OPEC that spare oil
production capacity resides (and this predominantly in Saudi Arabia).

Figure 21: OPEC - recent years have seen its share of world crude production falter as

OPEC members have sought to support oil prices
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Source: Deutsche Bank, OPEC, BP Statistical Review

The ‘call’ on OPEC

In effect, OPEC therefore acts to meet the CALL on oil supply by consumers that cannot be
met by the non-OPEC producers (hence the term the ‘call on OPEC’). OPECs importance to
supply also means, however, that commodity market pricing is heavily influenced by its
ability to supply and as such, the level of spare capacity that resides amongst its members.
To the extent that OPEC is operating towards full capacity, the price of crude oil will most
likely reflect broad concerns that, in the event of an unexpected supply disruption, OPEC
might be unable to ensure the supply of sufficient crude oil to world markets. Equally, at
times of significant excess spare capacity the price of crude oil will likely fall reflecting both
the likely availability of sufficient supplies of crude oil and commodity markets’ recognition
that, on past occasions, a build in spare capacity has often been associated with poor
adherence to production quotas by certain members of the cartel (i.e. quota ‘cheating’) as
they seek to obtain additional revenues from the supply of crude.
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From the mid-1980s through
the start of the current
decade, OPEC adopted
specific policies on pricing

The diagram below depicts recent moves in OPEC production and spare capacity. It
emphasizes that on several occasions in the past decade, strong global growth meant that at
times OPEC was stretched to capacity with very little slack left in the system. However,
towards the end of 2008 a modest build in new OPEC capacity, not least within Saudi Arabia,
coincided with a very sharp downturn in demand as the global financial crisis struck. As a
consequence spare capacity within OPEC has moved back towards levels not seen since
2002 at which time the global economy was similarly facing much more challenging
economic conditions. Looking forwards, it would seem reasonable to anticipate that, with
some 5-6mb/d of spare capacity, oil prices are unlikely to quickly retrace their 2008 highs.
However, given uncertainties around the stability of some 8mb/d of supplies from lIran,
Nigeria and Irag, geopolitical tensions will continue to prove an important concern.

Figure 22: OPEC production and spare capacity — getting longer
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Source: Deutsche Bank, OPEC, BP Statistical Review

Because OPEC does not have the power to force its members to adhere to their production
quotas but instead relies upon their mutual compliance, past efforts to contain the level of
supply have invariably seen certain members failing to adhere or ‘cheating’ on their
production ceilings. Based on past behaviour compliance by the Gulf States, (Saudi Arabia,
Kuwait, Qatar and the UAE) tends to be high whilst that of Nigeria, Iran and Venezuela often
waivers.

What price does OPEC want?

From the mid-1980s through the start of the noughties, OPEC adopted specific policies on
pricing, informing the market of the crude oil price that it would look to achieve for the OPEC
basket (see below) and using the guota system to try and maintain prices at around its
targeted level. Initially, the organisation set a specific price as its objective with $18/bbl
targeted between 1986 and 1991 before an increased $21/bbl was set as a target through
the balance of the 1990s. Often poor discipline amongst its members and erosion of its
market share meant, however, that the crude oil price invariably traded below its target such
that, from 1999, a new approach was adopted — that of maintaining the price within a $22-
28/bbl target band.

This policy proved far more successful and the target band has never officially been revised.
Over the past decade, however, it is only too apparent that OPEC's price intentions have
changed and dramatically. Initially this was evidenced by the organisation’s 2004 initiatives to

Deutsche Bank AG/London
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defend a $40/bbl oil price, a $55/bbl price in late 2006 and to defend a $60/bbl oil price as the
financial crisis hit in late 2008. More recently, however, with crude oil prices showing some
good recovery from their lows of the recent economic downturn the Organisation has
declared itself comfortable with an oil price range of between $70-80/bbl. Important here no
doubt is the fact that with oil exports on average accounting for over 40% of OPEC
members’ GDP, an oil price of at least $50-60/bbl is now a pre-requisite if they are to balance
their domestic budgets and meet the ever increasing expectations of their citizens for an
improvement in living standards.

The OPEC basket

The OPEC basket comprises a mix of 12 different blends of crude produced by the member
countries. In determining the price band for crude oil that OPEC wishes to see in world
markets it is this basket that is key. As of June 2010 the basket comprised Saharan Blend
(Algeria), Girassol (Angola), Oriente (Ecuador), Iran Heavy, Basra Light (Irag), Kuwait Export,
Es Sider (Libya), Bonny Light (Nigeria), Qatar Marine, Arab Light (Saudi Arabia), Murban (UAE)
and Merey (Venezuela). Note that with the OPEC basket both heavier and more sour than
WTI it trades at a typical 5-10% discount.

What is the western I0Cs What is the western I0OCs exposure to OPEC?
exposure to OPEC?
For the 10Cs, decisions by OPEC to introduce production restrictions or to manage the pace

of capacity growth clearly hold potential implication. For those companies that derive a
significant proportion of their oil production in OPEC territories, volumes at a time when
restrictions are being implemented will almost certainly be reduced. With this in mind in the
table below we detail our estimates of the companies’ oil production by OPEC territory
together with the percentage of total oil production and hydrocarbon production that is OPEC
sourced. What is evident from this is that even today, OPEC territories remain a very
important source of IOC barrels most particularly at Total, Chevron, ENI and Exxon although,
with the profitability per OPEC barrel tending to be much lower than that elsewhere, the
significance of this production to upstream profits is likely to be far lower than the volume
percentage may indicate.

Figure 23: The western majors production of crude oil in OPEC territories (2010E)

Country BP RDS XOM CVvX Total cop ENI  Repsol Hess oxy BG  Statoil MRA
Saudi Arabia 3%*

Iran 0% 1%

Iraq 1%

Kuwait 3%*

UAE 7% 8% 12% 17%

Venezuela 1% 1% 5% 4% 2% 3% 2%

Nigeria 14% 16% 12% 13% 4% 9% 3%

Angola 7% 8% 8% 12% 14% 9%

Algeria 1% 1% 7% 2% 5% 1%

Qatar 0% 2% 4% 10%

Libya 0% 7% 6% 14% 7% 8% 1% 1% 19%
Ecuador 1% 2% 4%

As % Oil 15% 23% 38% 31% 58% 12% 49% 16% 13% 1% 0% 17% 19%
As % Group 10% 12% 23% 21% 34% 5% 28% 8% 7% 1% 0% 9% 11%
Group Oil Prodn kb/d 2533 1641 2387 1846 1389 954 1056 449 293 491 189 1070 243
Total Prodn kboe/d 3967 3201 3985 2706 2384 2349 1843 896 408 645 665 1811 400

Source: Deutsche Bank * Partitioned zone (assumed 50% Kuwait and 50% S Arabia)
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It is only over the last 500
million years or so that the
sources of crude oil and gas
have been laid down

90% of the world'’s oil & gas
reserves were generated in
six source rock intervals and
only 4% of the earth’s
history

In the beginning .....

A brief summary

Although the earth is thought to have been formed over 4.5 billion years ago, it is only over
the last 500 million years or so that the sources of crude oil and gas have been laid down.

At its simplest, the deposition of organic matter from plants and micro-organisms in waters
with little if any oxygen, or at a rate faster than that at which they could be consumed, led to
the establishment of layers of organic matter and very fine silt particles on the sea bed which
were subsequently buried and compacted as the earth’s conditions changed. As these
organic rich ‘source rocks’ were buried over time and subjected to ever greater pressures
and temperatures so the organic matter was broken down to form hydrocarbons in the
earth’s ‘source’ kitchen. The greater the temperature and pressure the more the hydrocarbon
chains were broken down from bitumen to oil to natural gas.

Once formed, compaction may have driven these hydrocarbons from the host rocks in a
process known as migration. Because the hydrocarbons formed were less dense but
occupied a greater volume than the organic matter from which they were formed, they
migrated upwards via micro fractures in the source rock into new depositional stratum. This
process of migration is likely to have continued until the oil or gas reached an impermeable
layer of rock whereupon it was trapped, with the rock which it was trapped in, most likely
sandstone or limestone, effectively acting as a ‘reservoir’.

For oil and gas to accumulate each of these three elements must coincide (source, reservoir
and trap). Equally, all must occur within a ‘dynamic system’ where each can interact with the
other. Sadly, it is the multiple of the probabilities of each of these occurring that determines
the likelihood of geologic success. Moreover the extent to which this oil or gas can be
extracted will depend on a number of factors. Not least amongst these are the porosity and
permeability of the reservoir rock—i.e., the extent to which space exists between the grains
of the rock and the ease with which fluid can flow through those spaces.

Figure 24: Elements of a working hydrocarbon system

shale top-seal :

source - - - -
rock

Source: Deutsche Bank

Why ‘Rock Doctors’ matter

In short, without even considering the odds around the successful exploration for oil and gas
a considerable number of factors need to have aligned for hydrocarbons to have been
established. First and foremost amongst these are that, at some point in the earth’s history,
the conditions for deposition were in place. With over 90% of the world's oil & gas reserves
generated in six source rock intervals which represent only 4% of the earth’s entire history,
our review of oil's formation starts with a look at the ‘Rock Record’ of time.

Deutsche Bank AG/London
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The Earth’s c4.5 billion year
history can be sub-divided
into a series of episodes

Geologic time and rock record

Using the rock record, the Earth's ¢4.5 billion year history can be sub-divided into a series of
episodes. These episodes are uneven in length, and their preservation at any one place is
typically highly incomplete—the rock-record often skewed toward preservation of the
unusual.

As a result, ‘type sections’ have been established around the world that are considered to
best represent each episode or historic epoch. These are then dated using two methods:

= The relative time scale — based on study of the evolution of life across the layers of rock
= The radiometric time scale — based on the natural radioactivity of chemical elements

Construction of a relative time scale is underpinned by the principle of ‘superposition’ — one
of the great general principles of geology. Superposition states that within a sequence of
layers of sedimentary rock, as originally layed down, the oldest layer is at the base and that
the layers are progressively younger with ascending order in the sequence.

In the table below we outline the major subdivisions of the geologic record.

Figure 25: Major subdivisions of the geologic record

Eon Era Period Epoch (MIn years)
from to
Quaternary quocene 0.01 0
Pleistocene 1.8 0.01
Pliocene 53 1.8
Cenozoic Miocene 23.8 5.3
Tertiary Oligicene 33.7 23.8
Eocene 54.8 33.7
Paleocene 65 54.8
Cretaceous 144 65
Phanerozoic | Mesozoic Jurassic 206 144
Triassic 248 206
Permian 290 248
Upr Carboniferous* 323 290
Lr Carboniferous* 354 323
Paleozoic Devonian 417 354
Silurian 443 417
Ordivician 490 443
Cambrian 543 490
Precambrian 4500 543
Source: Deutsche Bank * Upr Carboniferous equivalent to Pennsylvanian, Lr Carboniferous equivalent to Mississippian

Although life on earth is thought to first have emerged in excess of 3.5 billion years ago, the
record of multi-cellular life only really expands during the Phanerozoic Eon - a relatively ‘brief’
period which captures the Earth’s last half a billion years, c12% of geologic time.

It is today almost universally accepted that hydrocarbons originate from organic matter,
therefore it is to this most recent portion of the earth’s history that commercial oil and gas
generation is confined.
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The minerals that combine
to make different ‘rock
types’ have passed many
times through the ‘rock-
cycle’

Basic geology

The search for oil and gas is focused within the upper levels of the Earth’s ‘crust’. This crust
varies between 0 and 40 km thick, and sits on top of the molten ‘mantel’. The crust can
broadly be sub-divided into two types — oceanic and continental.

As implied by its name, oceanic crust underliess the oceans, and is dominated by dense
‘basaltic rocks’ — rich in iron and magnesium-based minerals, but with little quartz. Its greater
density means it sits lower than its continental counterpart. Continental crust is dominated
by less dense ‘granitic rocks’ — rich in quartz and feldspar minerals, which lends it a relative
buoyancy versus that under the oceans. Qil and gas exploration is exclusively focused within
the upper layers of the Earth’s continental crust.

Plate tectonics... geology’s unifying theory

The Earth's crust is divided into c¢.12 ridged plates. Radioactive decay within the Earth
releases heat and drives convection of the molted ‘mantle’. Across geologic time, this causes
the Earth's plates to ‘drift’ - the plates sliding over the partially molten, plastic
‘asthenosphere’ (upper mantle). The speed of this motion varies both within and between
plates, but typically occurs at ¢c.1cm per year — about the rate at which your fingernails grow.

As they drift, the plates interact at their margins - new crustal material being created at mid-
ocean ridges, and destroyed in subduction zones. These subduction zones are marked by
deep ocean trenches and high mountain ranges. Across geologic time ‘plate-tectonic drift’
has opened and closed oceans, and built and destroyed mountain chains.

Through this process the minerals that combine to make different ‘rock types’ may have
passed many times through the ‘rock-cycle’ and it is these building blocks which form oil and
gas source rocks, reservoirs and seals.

Plate movements also deform the crust, producing folds and faults. This forms structures
within which oil and gas could concentrate - ‘structural traps’ being the most visually
obvious, and hence most commonly drilled, style of oil and gas accumulation.

Figure 26: Schematic cross section through a convergent plate margin
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Rocks are divided according
to their process of origin
into 3 major groups:
igneous, sedimentary and

metamorphic.

Rock types and the rock cycle

Rocks are divided according to their process of origin into 3 major groups: igneous,
sedimentary and metamorphic. These are then sub-divided according to mineral composition
and ‘texture’ (grain/crystal size, size variability, rounding/angularity, preferred orientation).

Across time, minerals pass between the groups via a continuous process of sedimentation,
burial, deformation, magmatism, uplift and weathering — known as the ‘rock cycle’.

Figure 27: The rock cycle
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Source: Deutsche Bank after Hutton (1727 to 1797)

Igneous rocks. Igneous rocks form through the cooling of minerals from a molten, or
magmatic, state. In continental settings they are characterized by high levels of silica, and,
when eroded, they deliver both quartz (sand) and clays (mud) into sedimentary systems.
Sand is the fundamental building block of most reservoirs, clays being the fundamental
building block of most seals.

Sedimentary rocks. Sedimentary rocks form the host to almost all oil and gas reserves. They
are deposited in layers, within depressions known as sedimentary basins and are floored by
‘basement’ igneous/metamorphic rocks. These basins form as the earth’s crust is deformed,
the layered nature of their fill reflecting the cyclical process of deformation, uplift and erosion.
Sediments are divided into two broad sub-groups — detrital and chemical.

= Detrital sediments are composed of fragments of rock or mineral, eroded from pre-
existing rocks — a signature of the mechanical processes of erosion, transportation and
deposition by terrestrial, ocean or wind currents, preserved in their fabric. Also referred
to as clastic (from the Greek klastos, to break), examples include conglomerate,
sandstone and mudstone/shale.

= Chemical sediments are precipitated from solution, mostly in the ocean. Limestone and
dolomite are the most common form (calcium and magnesium carbonates), but within oil
& gas geology another important form are evaporitic deposits, including gypsum and
halite, crystallized from evaporating seawater, generally referred to as ‘salt’.

Metamorphic rocks. As rocks are buried or have igneous bodies injected into them, they are
exposed to elevated temperature and pressure conditions. In a subtle form, this is a key
process in the conversion (maturation) of organic matter into oil and gas. However, taken
further, this leads to the transformation, or ‘metamorphism’ of rocks into new types. Typically
this change is to the detriment of reservoir quality.
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Hunting for sand...

Sandstone and limestone Sandstone and limestone account for ¢19% and c¢9% of the Earth's sedimentary rocks
account for ¢19% and ¢9% of  respectively, and these form almost all the world’'s discovered oil and gas reservoirs —
the Earth’s sedimentary hydrocarbons sitting between the mineral/rock grains in sandstone, and within voids in

rocks respectively limestone.
Enveloping these rocks is a background of mudstone and shale — which accounts for c67%
of the Earth's sedimentary rocks. These fine-gained rocks accumulate in low-energy
environments, during periods of quiet deposition. Typically impermeable, they form good
‘seals’ to prevent the escape of hydrocarbons, and their conditions of deposition can also
favor the preservation of organic matter — meaning they may be an effective hydrocarbon
source.

= |n this context, one of the exploration geologist’s principle tasks is to develop and apply
models that help predict the distribution of reservoir units within a background of mud.

Unraveling depositional settings

The processes that shaped the Earth through geologic time (wind action, rivers, waves etc)
are broadly the same as those observed today (the principle of uniformitarianism).
Therefore, by understanding the relative distribution of sand/carbonate/mud within modern
depositional systems, it is possible to subdivide basin fills in the rock-record into units,
whose set of characteristics, or ‘facies’, reflect their environment of deposition.

At any one point in time a whole series of depositional environments will coexist from dry-
land, into shallow water and then out into the deep ocean (see below). These environments
contain sediments/rocks which have differing source, seal and reservoir potential.

Figure 28: Schematic transition in depositional environments from land-to-sea
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Source: Deutsche Bank

A key control on grain-size distribution across these environments, and hence reservoir
quality/seal integrity, is the path and energy of the currents eroding, transporting or
depositing the rock/mineral fragments. As velocity falls, heavier particles are deposited.

Slope gradient is a major factor dictating the energy of flows, and, broadly speaking,
sediments tend to become finer grained moving from land out into the deep oceans.
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The mapping cyclic
sequences are one of the
most powerful predictive
tools used in the search for

oil and gas.

In more detail, the erosive power of rivers falls between mountainous areas and flood plains,
before rising again into shallow water, where sediments are churned by waves and tides.
Below storm-wave-base, energy levels fall, before rising again within focused channel
corridors, as flows accelerate down the continental slope, before slowing and expanding
across the deep ocean floor.

Reading the rock record

Through geologic time however, the pattern of depositional systems does not remain static.
In response to rises/falls in sea-level and/or the uplift/subsidence of the land, the whole
land-to-sea depositional system may advance seaward or retreat landward.

Viewed at any one geographic point, this shift is likely to be marked by an abrupt change in
the depositional signature preserved within the rock record, which should be clearly marked
both within well logs and on seismic.

A seaward shift in the system (progradation/regression) is typically marked by coarser
sediments such as beach sands overstepping finer sediments such as continental slope silts
and muds. At the same time, exposure and erosion of the old beach-line is likely to release
large volumes of sand into the deeper parts of the basin — thus maximizing the potential to
concentrate sands into reservoirs.

In contrast, a landward move in the shoreline (retrogradation/regregression) is typically
marked by the abrupt drowning of shoreline sands and their draping in slope muds. These
muds are regionally extensive, can be used to map clear time-horizons through the basin fill,
and may form highly efficient seals. Falling sea-level can also isolate a basin from wider
patterns of ocean circulation. This may lead it to stagnate, falling oxygen levels favoring the
preservation of organic material, which could then mature into hydrocarbon source rocks.

Repeated advances and retreats in depositional systems result in a cyclic sequence of rocks
— potential reservoir sand/limestone encased within sealing mud. As such, the mapping of
such sequences, both in terms of space and time, is one of the most powerful predictive
tools used in the search for oil and gas.

Figure 29: An advancing shoreline and its signature within the rock record
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Source: Deutsche Bank
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To accumulate oil & gas in
economic quantities four
elements must coincide
Source

Reservoir

Trap

Dynamic

Working hydrocarbon system

To accumulate oil & gas in economic quantities four elements must coincide.
= A'source rock’ is needed to generate the hydrocarbons

= A suitable ‘reservoir’ interval is needed to bear the hydrocarbons

= A'trap’ is needed to contain the hydrocarbons

= All three elements must occur within a ‘dynamic’ system where each can interact

Figure 30: Elements of a working hydrocarbon system

source

Source: Deutsche Bank

The exploration for and appraisal of oil and gas is an exercise in risk management. The risk
associated with a prospect can be represented by an assumed ‘probability of geologic
success’ (Pg) - defined as the product of the probabilities of the 4 elements above.

P,=P

g source

xP xP,. xP

reservoir trap dynamics

The combination of each of these factors in a way that is supportive of the generation of
commercial quantities of oil and gas is by far the exception rather than the rule.

This leads to an uneven distribution of oil & gas spatially and across time. In the chart below
we outline the occurrence of reserves across the Earth’s main types of geological setting.

Figure 31: Oil and gas reserves by geologic setting
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Across geologic time, 91.5% of the world’s oil and gas reserves were generated in just six
source rock intervals. These six intervals, however, only account for ¢c33% of Phanerozoic
time — or just 4% of the Earth’s entire history.
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Similarly, 96.4% of the world’s oil and gas is trapped within just six reservoir intervals.

Figure 32: Distribution of oil and gas source rocks and reservoir intervals across geologic time (Phanerozoic)
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Source rocks

It is almost universally It is almost universally accepted that hydrocarbons originate from organic matter — principally
accepted that hydrocarbons small plankton, algae etc. The best evidence for this is the presence within oil and gas of the
originate from organic pigment porphyrin; the only known sources of which is hemin, which gives blood its red

matter - principally small colouring, and chlorophyll, the green colouring of plants.

plankton, algae, etc o ) ) . . L .
These organic-rich sediments are fine grained (deposited within low energy environments),

dark in colour and are often referred to as sapropels.

Conditions needed for organic matter build-up

Although no single cyclical geological process can be identified driving conditions which favor
source rock formation, generally speaking, for organic matter to be preserved in quantities
large enough to generate commercial quantities of hydrocarbons, it needs to accumulate
under conditions of quiet deposition in a setting where levels of oxygen within the water
column are low enough to dissuade microbes, worms and other creatures from consuming it.

Locations where these conditions occur include sediment-starved narrow seas and isolated
basins. In such locations, water masses may for periods of time become separated from
wider ocean circulation, the water column may stagnate, leading to oxygen-starved or even
anoxic conditions. Such quiet environments are typified by fine-grained sediments such as
mud and shale, and the basins often referred to as ‘black shale basins’.

Figure 33: Basin isolation and the establishment of anoxia
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Anoxia can also be generated under conditions where organic matter from seasonal
planctonic/algal blooms simply rains down through the water column at a rate faster than that
at which the sea-floor organisms can consume it. The laminated organic/silt nature of many
source rocks is often cited as reflecting the seasonality of such events.

Source rock maturity... the ‘oil window’

The preservation of organic matter is only the first step in the generation of oil and gas. As
geological time passes, these ‘immature’ organic-rich rocks are buried. As the depth of
burial increases the organic matter is exposed to greater pressures and temperature and the
process of ‘'maturation’ begins. This is said to occur within the ‘source kitchen'.

On average, maturation to oil begins at c120°F (50°C), peaks at 190°F (90°C) and ends at
350°F (175°C). This range of temperatures defines the ‘oil window'. Below this window
natural gas is generated. The depth of these temperature thresholds is dependent on the
‘geothermal gradient’ within the Earth’s crust. On average, this is ¢1.4°F per 100 ft, although
it can be very variable depending on the geological context.
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At higher temperatures, oil molecules are converted into lighter hydrocarbons, producing gas.
Above 500°F (260°C), the source becomes ‘over mature' — hydrocarbon chains are broken
down and organic material is carbonized.

Figure 34: Burial and the transformation of organic Figure 35: Schematic basin burial history and maturity
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Finally, it has been observed that higher temperatures and greater burial depths are required
for generation within younger rocks compared with older rocks.

Hydrocarbon types

Locked within oil and gas is the geochemical signature of the types of organic matter from
which it formed. This results in a four-fold classification of kerogen (organic matter), each of
which has different hydrocarbon characteristics — outlined below.

Figure 36: Van Krevelen diagram showing changes of kerogen with maturation
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Migration
Once formed, compaction Once formed, compaction may drive hydrocarbons from the host source rocks in a process
may drive hydrocarbons known as migration. This process is most often sub-divided into three parts:

from the host source rocks
in a process known as

migration

Primary migration - movement of oil/gas through the low permeability mature source
rock. This typically occurs directly in the hydrocarbon phase movement via micro-
fractures.

As temperatures increase, organic mater converts to bitumen and oil — which have lower
densities, and occupy a larger volume than the original kerogen. Products are then
expelled into adjacent fractures. At even higher temperatures and pressures, liquid
hydrocarbons can be dissolved in the gas phase. As this migrates upward, temperatures
and pressures reduce, and the oil-phase re-condenses. Source rock’s low permeability
means small molecules tend to be preferentially released — the rock’'s ‘expulsion
efficiency’ measuring the percentage of a particular hydrocarbon escaping.

Secondary migration - movement of oil/gas through carrier rocks or reservoir rocks
outside the source rock, or movement through fractures within the source rock.

Hydrocarbon buoyancy is the main force driving secondary migration. This migration
typically occurs either through internal permeability or via faults and joints. Generally
speaking tensile fractures and normal faults tend to be more open than those formed in
compressional regimes where reverse faulting is more dominant (see later). In detail,
along the plain of a fault, zones of fractured rock (‘breccias’) can increase permeability.
However, in finer grained rock clay ‘gorges’ can form effective barriers to flow.

Tertiary migration - movement of a previously formed oil and gas accumulation.

In the chart below we examine the formation and migration of the world's oil and gas.

Figure 37: Vertical migration of the world’s reserves (%)
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Key for high quality

reservoir formation is the

combination of porosity and

permeability

Reservoir quality

Key for high-quality reservoir formation is the combination of porosity and permeability at the
micro-scale, with few internal barriers to flow at the medium-/macro-scale.

Porosity. Porosity describes the fraction of a rock’s bulk volume accounted for by void space
between its constituent grains. For sandstones, porosity is usually determined by the
sedimentological processes under which the rock’s constituents were originally deposited -
primary porosity refering to the original porosity of a rock. This may, however, be enhanced
by the action of chemical leeching of minerals or the generation of a fracture system. This
overprint is referred to as secondary porosity. For carbonates, the porosity is mainly the
result of such post-depositional changes. Post depositional ‘cements’ however can also
reduce porosity

Although porosity is independent of grain-size, it is strongly a function of the degree of grain-
size uniformity (sorting) within a sediment — porosity decreasing as sorting becomes poorer.
Sorting is again an expression of the environment in which the sands were deposited.

Figure 38: Evolution of porosity with burial
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Figure 39: Grain sorting and depositional environment
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Permeability. Permeability, measured in millidarcies (mD), describes the ease with which a
fluid can pass through the pore spaces of a rock. A clastic rock’'s permeability is strongly
influenced by grain size but is also a function of sorting, and can be strongly directional.
Similarly to porosity, post-depositional processes can both enhance and reduce permeability.

Effective porosity. Petroleum geologists often refer to 'effective porosity’ — this is the pore
space that contributes to fluid flow through the formation - defined as a rock’s porosity after
excluding all isolated pores and pore volume occupied by water adsorbed on clay minerals or
other grains.

A hydrocarbon-bearing reservoir rock with porosity but low, or no permeability is described
as 'tight’. Such tight reservoirs can be encouraged to flow via forcibly imposing secondary
porosity through fracturing (see later).

The effects of burial. Compaction reduces porosity with depth — porosities in sandstones
and carbonates at depths >3km are much more variable than in shale, this being due to
chemical alteration (diagenesis), cementation and dissolution.
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Sands within such a system
are delivered down the
continental slope by
‘turbidity current’ - the
deposits of which are
referred to as ‘turbidites’

Internal barriers to flow
Having examined how the depositional environment has a key control on porosity and
permeability at the micro-scale, we now move to the meso- and macro-scale.

Sections of reservoir sand are often interrupted by laterally continuous horizons of mudstone.
These might be of a scale below the resolution of seismic, but can have a fundamental
impact on flow properties and the economics of field development.

By way of illustration, we schematically outline below the rate of flow and ultimate
hydrocarbon recovery performance across a range of depositional sub-settings within a
deepwater system.

Sands within such a system are delivered down the continental slope by ‘turbidity current'—
the deposits of which are referred to as ‘turbidites’. Turbidites are sediment-driven gravity
flows—a close relation to snow avalanches, but where as an avalanche transports snow
within air, a turbidity current transports sand and mud within a current of turbid water.

These flows range in energy—some being sand dominated with the capacity to transport
house-sized boulders, to much weaker flows, which are little more than moving suspensions
of mud and silt. Flows within systems dominated by sand-sized particles tend to be more
energetic and erosive—cutting into underlying sediments and dumping sand onto sand. This
results in internally well connected reservoir units with few internal barriers to flow.

In contrast, flows within systems with a greater mud component tend to be focused within
channels, which in turn are often confined by levees. In such settings, the focus of flow
periodically shifts, with individual sand bodies separated by draping muds. Such reservoirs
tend to have more internal mudstone horizons, these potentially forming barriers to the flow
of hydrocarbons.

Figure 40: Various depositional settings within deepwater and their differing production characteristics

Source: Deutsche Bank
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Crucial to the success of any
potential trap are its
proximity to hydrocarbon
migration pathways, the
permeability of its seal, and
the height of its closure

The trap and seal

A hydrocarbon trap occurs where porous and permeable reservoir rocks are encased in such
a way that they are 'sealed’ against the vertical and horizontal escape of oil and gas.

Crucial to the success of any potential trap are its proximity to hydrocarbon migration
pathways, the permeability of its seal, and the height of its closure (see below). Ideally the
seal will be impermeable to oil and gas, however if escape is at a slower rate than the supply
of hydrocarbons from the source, a commercial accumulation could still occur.

Figure 41: Styles of structural and stratigraphic trap (cross secti
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Structural traps

Structural traps are produced by the deformation of the Earth’s crust. Below we outline two
broad styles of ‘tectonic’ setting — extensional and compressional. Extensional settings
tend to be characterized by ‘graben’ formation and ‘normal faulting’ — the earth’'s crust
stretching and thinning. In compressional settings, structures include folds, thrusts and
reverse faults.

Figure 42: Extensional and compressional structures (cross section)
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Source: Deutsche Bank

Stratigraphic traps
Stratigraphic traps occur due to lateral transitions of rock-type within depositional systems or
via the alteration of sediment properties during burial.
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Lateral facies. In the chart below we schematically illustrate the migration of a meandering
river across a muddy floodplain. Through the river is transported a mix of sand and mud.
Sideways movement in this channel is achieved via erosion around the outside of each bend,
and deposition on the inside. As the current slows, it preferentially drops the heaviest fraction
of its load — sandy point-bars building on the inside of each meander.

Periodically the channel coarse switches, and the previous channel and its point-bars are
covered in floodplain overbank muds — these sealing the point-bar sands.

Figure 43: Stratigraphic trap formation via lateral facies changes (plan-view and cross section)
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Other stratigraphic trap types - reefs, unconformities and salt dome pinch-outs
A wide range of other stratigraphic trap styles occur — some of which are illustrated below.

Figure 44: Range of stratigraphic trap styles at the basin scale (in cross section)
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Reservoir volumetrics
The volume of hydrocarbons  \\ithin the reservoir, the volume of hydrocarbons ‘in-place’ is described by the measures oil
initially in-place (OlIP) and/or gas initially in place (GIIP). OlIP is more commonly referred to in
terms of stock tank oil initially in place (STOIIP) — the in-place oil volume, but measured at the
Earth's surface temperature and pressure.

‘in-place’ is described by the
measures oil initially in-
place (OlIP) and/or gas

initially in place (GIIF) Only a portion of this oil/gas is ‘'moveable’; only a portion of which is recoverable to surface.
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In frontier exploration areas,
P50 resource forms ¢25% of
P10 volume estimates; P90

resource forms ¢25% of P50

Variables in the equation

When calculating reserve/resource estimates, a company uses a range of statistical methods
to capture uncertainty surrounding the discovery. Key variables in this analysis include:

= Gross rock volume — how big is the container?

= Net-to-gross — how much reservoir sand is there versus shale?

= Net pay - The ‘net pay’ refers to the length of the column in metres or percent within the
reservoir that is hydrocarbon bearing

= Porosity — how much volume do the voids between the sand grains form?

= Hydrocarbon saturation — what % of this space is filled with oil/gas versus water?

= Recovery factor — how much can you get out? (permeability is a key factor)

= Formation volume factor — how will the oil volume vary between reservoir and surface?
Each of these variables is asigned a range of values with an associated probability. A Monte
Carlo simulation is then run to repeatedly sample random values from the parameter

probability distributions — this resulting in a range of resource volumes which are then sorted
to yield a success case probability density function for the prospect’s resource.

The data would then be presented for a prospect as P10, P50 and P90 resource estimates. In
the success case, these equate respectively to at least 10%, 50% and 90% probabilities that
the resource quantities identified will equal or exceed the resource estimate.

At the exploration stage, a prospect’s probability density function has a strongly asymmetric
left-skew:

®  As a broad rule of thumb, in frontier areas it can be assumed that P50 resource forms
¢c25% of the P10 volume estimate; the P90 resource ¢c25% of the P50.

Appraisal aims to convert left-skew to right; well data ultimately allowing the
geologist/engineer to replace in a probabilistic view of hydrocarbon volume with a
deterministic model, against which investment/development decisions can be made.

Figure 45: Success case probability density function, drilling aims to remove left-skew
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Hydrocarbon basins
typically follow a lifecycle of
licensing-exploration-
development-decline-
abandonment.

Getting it out

The Life Cycle of a Basin

Hydrocarbon basins typically follow a lifecycle of licensing-exploration-development-decline-
abandonment. The maturity of a basin is important for a variety of reasons, including:

= Tax and incentives that the host nation needs to put in place to attract investments.
®m  State revenues and national budget planning.

= Which companies will be most interested in investing; IOCs, independents or mature
field specialists for example.

Licensing — establish some legal rights

Before any exploration work can start in an unexplored basin, there needs to be a legal
framework put in place so that oil companies have some assurance that they will have a legal
right to make money out of any discoveries.

Host governments usually auction leases for exploration acreage at regular intervals and
occasionally will commission seismic surveys of the acreage under offer to provide some
basic information to prospective bidders. Assuming the acreage is of interest to the industry,
bids will all be submitted by a certain cut-off date. Each bid may include an upfront fee, and
often has other commitments, such as to acquire a certain amount of seismic data, and/or
drill at least a specified number of wells. Lease durations vary greatly around the world; UK
licenses are typically awarded for 25 years, whereas in the US the usual initial term is 10
years, although these can usually be extended for a fee or further work commitment. The
lease is usually awarded under one of two fiscal regimes; production sharing contracts
(PSCs) or tax & royalty concession (see section on taxation).

Figure 46: Global E&A activity (wells per year) and Brent Figure 47: North North Sea (UK) discoveries and
($/bbl) 1950 - 2010 production, 1971-2031
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Exploration - still a high risk game

Once acreage is obtained, the oil company will usually commission a seismic survey, from
which potential reservoir targets are selected. Once the targets have been ranked in order of
attractiveness, a drilling company and associated service companies (supply boats,
helicopters, cementing, mud logging etc) are hired and the target is ‘drilled up’.

Historically, E&A activity across the upstream industry has broadly risen and fallen on a 12-
month lag to crude prices (see figure above).
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With a mixture of skill and luck the oil company will hopefully make a discovery at some point
in its drilling campaign, however even with the advantage of modern seismic the chance of
finding commercial oil or gas is still less than 20% (see later discussion). Assuming a
commercial discovery is made then a flurry of industry interest will often result with bids for
new acreage often rocketing.

Development — put the infrastructure in place

After discoveries the challenge is to develop the fields, which can take a surprisingly long
time. In the following figure for the Northern North Sea for example, the delay of 12 years
between a peak in discoveries and peak in production is high, but not uncommon.

Development involves drilling all the production (and if need be, injection) wells, and building
infrastructure such as platforms, pipelines, processing plants and possibly export terminals.
The development phase for large fields can involve huge capex outlays, and depending upon
local regulations, can kick start a significant local services industry such as in the UK or
Norway. Typically, the oil company (be it NOC or IOC) will put out tenders to the oil service
industry for the front end engineering and design (FEED) of any future production installation.
Once the service companies have tendered their bids, the IOC/NOC will assess the economic
feasibility of the project, and if the outlook appears positive, selected service companies will
be contracted to proceed with more advanced designs and, ultimately, field development.

Ideally the total oil waiting to be discovered in a basin would be known to all parties. The
government could ensure it creates terms that maximise its revenues, could make long-term
economic plans, oil companies could drill with greater certainty of success and the service
industry could be established knowing the appropriate amount of work is inevitably going to
be forthcoming. Unfortunately we don’t live in an ideal world; the best the industry can do is
make estimates of what reserves remain to be discovered and, as the following figure
shows, such estimates can be highly inaccurate until quite late in the basin’s (or field) life.

Figure 48: Typical progression of field reserve estimates over time
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Early in a basin’s life the approach to estimating ultimate basin reserves is to use so-called
‘creaming curves'.

A creaming curve is a plot of cumulative discoveries versus cumulative wells, as shown in the
following left hand figure (Northern North Sea). The reserves growth curve shown for the
Gulf of Mexico on the right (cumulative discoveries by year) is often also labeled as a
creaming curve, which is not strictly correct. However it is accepted by most as such; it has a
similar shape and tells broadly the same story.
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Figure 49: Creaming curve — Northern North Sea, with Figure 50: Gulf of Mexico shallow and deepwater

exponential fit curve (million bbls) creaming curves (Min boe)

< 60000 - r 1000
- o
12000 ] g - 900
/ < 50000 - L 800
10000 : 3
/ Then almost flat as new finds are insignifiant § 40000 ' 700 g
8000 4 ] — | 600 &
@ 2 -
é 6000 Flattens out as discoveries get smaller and snaller ; 30000 - - 500 §
= z L 400 8
E ] i J 2
4000 - g 20000 o~ - 300
2 f 200
2000 % 10000 -| Iy
Steep initially as large fields found E J o r 100
o4 . . . . . . . . ) 3 0 et o oo
o o o o o o o o o o — wn [=)] o ~ — wn a oM ~ — wn a o ~
¢ & 8§ 8 8 8 R 8§ 8§ 2228855588888 ¢8¢%
cumblative wefls B R R = T = T = TR = = = = B B A N}
Cumulative discoveries Exponential fit Cumulative GoM (deepwater) = Cumulative GoM (Shelf)
Discovery size (R.H.S)
Source: Deutsche Bank, Wood Mackenzie Source: Deutsche Bank, Wood Mackenzie

With a creaming curve we expect to see an initial steep rise as the larger fields are found
first, simply by virtue of the fact that they are easier to see on seismic and are hence drilled-
up first. As initial success attracts further exploration activity so more fields will be found, but
the average size of discoveries will inevitably fall. The curve will resemble an exponential,
with an asymptote towards the basins ultimate recoverable reserves.

Early on in a basin’s life an exponential curve can be fitted to the actual discovery data and
used to extrapolate what the ultimate reserves to be discovered in a basin might be, although
the ex-ante accuracy of this approach is generally poor.

Oil and gas fields have quite It is also neither impossible or particularly uncommon for a basin to have more than one
different production profiles; ~ Creaming curve; data graphed above from the Gulf of Mexico illustrating that as the GoM's
oil tends to peak quickly, conventional shallow-water areas matured; technology opened deeper waters. As this in turn
gas has a longer plateau has showed evidence of maturing, activity has pushed into the ultra-deep.

Decline — prolonging the death throws as long as possible

Oil and gas fields have quite different production profiles; oil tends to peak quickly, plateau
for a relatively short time then deliver a long tail of decline. A non-associated gas field will
usually have a long plateau of 20 years or more, as with the Troll field shown below.

Figure 51: Kizomba A oil production (Angola) Figure 52: Troll gas production (Norway)
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When these profiles are aggregated at the basin level, for oil a similar profile to individual
fields is sometimes seen, i.e. a relatively steep rise followed by a long decline. However, for
gas the basin production profile can take various forms depending upon the mix of
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associated and non-associated fields brought online and the use of LNG. That being said, the
Norwegian gas profile shown below is not atypical.

Figure 53: Alaska liquids production 1965-2040E Figure 54: Norway gas production 1970-2050E
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During the decline phase, field free cash flow generation diminishes not just as a
consequence of lower volumes, but also due to the higher costs associated with enhanced
production technigues and maintaining aging infrastructure. |OCs typically have a large list of
potential worldwide project investments and invariably, putting money into squeezing the last
drops of oil out of an old oilfield doesn’t make the cut and the fields are sold. In the following
figure for example, at a $65/bbl long-term oil price BP has several fields in the North Sea that
are so insignificant in terms of value to the company that they may well be candidates for
disposal. Small E&P companies such as Venture, Paladin and Dana have historically been very
successfully taken over such depleted fields and extended the useful lives by several years.

Figure 55: BP UK assets — potential disposals as fields decline in value

5000 -
4500 A
4000 -
3500 -
3000 -
e 2500 A Candidates for disposal
&+
2000 A
1500 A
1000 A
500 A
0 | N N
» o c o g X 0 G5 0 c 2 H 08 00 H 0 o g =00
S5 0 © c & Q2 9 o2 5 ®© o o © c o ®T = =
S 233 f 523888558 <ms3=E53=022
8 8 E 5 o >0 2 = c > T o & > 2 3 T =
sS55I G0 T 3 < Wam £ = & >
- g0 2= <
= n

Source: Deutsche Bank

The US shallow GoM is a prime example of this, where since the 1970s the |OCs have sold
most of their fields to smaller independent oil companies such as Apache. These smaller
organisations are better setup to extract maximum value from old fields; they have lower
corporate cost bases, are more nimble in their decision making and generally have a more
entrepreneurial culture than their larger cousins.
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Abandonment. At some point the cost of extracting any remaining oil will not be justified by
commodity prices, and the field will need to be abandoned. Onshore this usually entails
plugging the wells with cement and steel plugs, and returning the land to its original
condition. Offshore the dismantling of large platforms requires careful planning and the use
of large cranes; it can be a capital intensive and risky affair.

Can be very expensive. Taking the North Sea as an example, after three decades of
production, there are a large number of facilities that are approaching the end of their lives.
Forty fields have been decommissioned in total so far, and a further 66 are in the process of
being decommissioned. In the UK the legal liability for decommissioning a field’s platforms,
pipelines, etc. lies with the original partners, however in Norway and Holland the legal liability
can be passed on to successive field owners. The risk with the Norwegian and Dutch
approach is that it is often smaller oil companies that manage a field through its final few
years of low production life, and these companies may struggle to fund the potentially
expensive decommissioning and clean-up process.

To give an idea of the scale of costs, the ongoing decommissioning of the North West
Hutton field is expected to cost ¢.$285m, and the decommissioning of Total's Frigg field is
expected to take six years and end up costing ¢.$700m.

A growing market. The North Sea decommissioning market represents an important source
of future revenues for engineering, diving and heavy lift service companies, amongst others.
Wood Mackenzie estimates that the value of the North Sea decommissioning market is
¢.$40bn, with the market expected to grow steadily over the next 15 years, as shown in the
figure below.

Figure 56: North Sea estimated future decommissioning costs
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In terms of accounting for future decommissioning costs, oil companies take provisions each
quarter through the P&L.
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Edwin Drake is credited as
being the first man to
successfully drill for oil in
the USA

Seismic operations use
sound waves to try and
create an image of

subsurface rock layers

Field Operations

Little changed

Edwin Drake is credited as being the first man to successfully drill for oil in the USA, almost
150 years ago. His twin innovations were to drill using steam power rather than hand digging,
and to use steel pipe liners to stop water flooding causing the hole to collapse.

Despite nearly a century and a half of subsequent innovation, the operations involved in
finding and developing oil fields face the same underlying technical challenges that Drake
faced; the only certain way of knowing if a reservoir exists is to drill a hole through it, and
such discoveries are still worthless unless an economical way to transport the oil or gas to a
consuming market can be found.

To overcome these underlying challenges a field will typically evolve through the following
lifecycle:

Figure 57: The life cycle of an oil field
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The equipment involved at each step in the timeline above has become vastly more
advanced, but it still solves the same underlying challenges that the pioneers of 150 years
ago faced.

First step - where to look?

In the early days of the industry local seepages of oil were an obvious indication that a
reservoir might lie in the rocks below. Surface geological indications gave some additional
hints about the underlying structure of rock formations and hence where a trap might exist.
Unfortunately this approach doesn’t work for the deeper and smaller fields that are the target
of today's exploration efforts, and since as early as the 1930s seismic techniques have been
used to try and ‘see’ below the surface and so increase the chances of exploration success.

Land Seismic

Seismic operations use sound waves to try and create an image of subsurface rock layers. If
such an image can be created with sufficient detail then potential areas where oil and gas
might be trapped can be identified, and then a drilling company can be hired to drill the
prospect.
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Figure 58: Picking a prospect using a modern-day seismic
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So how can sound be used to create such an image, and what are the limitations?
During a seismic survey, sound waves are generated by a loud ‘bang’, for example by the
detonation of dynamite in a hole dug in the ground, or from an air gun in the water (by the
sudden release of highly compressed air). The sound wave energy propagates down through
the earth and then is partially reflected by each rock strata boundary back to the surface.
Geophones placed at the surface record all such reflections, which are then digitised and
stored.

Figure 59: The basic land seismic setup
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On land the source of energy (i.e. the "bang’) is usually either dynamite or a specialist truck,
called a vibroseis truck (or a ‘thumper’ truck). Whichever source is used, it is moved to
different locations and all the data from each geophone (which can number in the hundreds)
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Seismic processing results
in a picture that is scaled in
time, rather than depth.

is recorded for each shot. At the end of a seismic survey there is a vast amount of data that
in its raw form is useless — it is just a load of squiggles that require significant amounts of
processing.

Processing and interpretation is not straight forward

The processing is an exercise in reverse engineering. It has to try and deliver a model of the
earth’s crust that fits the recorded data and the energy source used. The recorded data is the
source ‘bang’ after having been modified by the earth’s rock and the geophones.
Mathematically, backing out a model of the rock formation given the recorded data and the
source wavelet is a ‘de-convolution’ problem. This is easy enough to complete using today's
computers, but is complicated by several factors that conspire to make the process of
seismic processing and interpretation as much an art as a science:

= The geophones and recording system introduce distortions — i.e. what gets recorded is
not exactly what arrived at the geophones.

= The signal to noise (S/N) ratio decreases with depth — the deeper the reflections have
travelled to and from, the more attenuated the energy is, and the lower the S/N ratio is.
Lower S/N ratios imply less reliable processed results.

m  Filters are applied to the recorded data to try and remove distortions introduced by
equipment and setup, but such filters invariably also remove some useful information,
and so decrease the S/N ratio.

= Mathematically there may be multiple possible solutions (i.e. models of a sequence of
reflective layers in the earth’s crust) that fit the data. The results can therefore be
ambiguous.

= The solution is often very sensitive to small changes in applied filters and other model
assumptions.

Results are in time, not depth. Seismic processing results in a picture that is scaled in time,
rather than depth. Estimates of velocity of sound in rock can be made to try and convert the
seismic image to depth (rather than time), but this is inaccurate and can result in the
estimated depth of an identified target reservoir being wrong by several hundred feet. From a
drilling perspective hitting potential reservoirs much higher than expected is potentially
dangerous.

Surface seismic can be accurately tied into depth by the use of well bore seismic data (see
later), but unfortunately this can only be performed once an exploration well has been drilled
— a chicken and egg scenario. The end result is that for wildcat exploration wells, despite all
the sophistication of modern seismic, as the drill bit gets anywhere near any targeted
horizons great care must be taken.

Offshore seismic

Offshore seismic is logistically easier than land based operations as there is no need to
continuously move geophones around by hand and dig holes for explosive devices (not to
mention dealing with a local population that might not be too keen on dynamite blowing up
bits of their land). However the nature of a modern offshore seismic acquisition vessel
means that it is a far more capital intensive operation than land. A modern acquisition vessel
can cost $250m and due to the wear and tear of its salt water-based operations, generally the
expensive seismic cables, streamers, airguns and hydrophones (the water-based equivalent
of geophones) must be replaced every six years.
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Figure 60: Offshore seismic operations
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2D/3D/4D/multi azimuth — 2D/3D/4D/multi azimuth — what are they?

what are they? The term ‘3D’ has become common throughout the industry but what does it mean? It
basically comes down the amount of data recorded and not surprisingly, the more data that is
acquired, the greater the processing options the better the end interpretations. Note that in
general the performance of receivers (geophones or hydrophones), energy sources and the
entire data acquisition chain has gradually improved over time and so data acquired today is
likely to be higher quality than that recorded as recently as ten years ago. ‘Higher quality’
implies better S/N ratios and higher resolution — both of which are major contributors to
improved post-processing results.

2D - A single line of acquisition data is recorded, so meaning that an interpretation can
only be made on a single slice of the earth. This is typically used for fast surveys of large
areas in virgin territory.

3D - multiple parallel lines of data are acquired, so allowing a cube of interpreted data to
be created, giving a 3D image of what is happening subsurface. 3D data is usually
acquired when either 2D and/or exploration drilling throws up something interesting that
needs to be investigated in greater detail, or when existing seismic data is of an older
generation.

4D - this involves running the same seismic surveys again and again over time, the idea
being that it is possible to see how the fluids within a field move over time. In practice it
has had limited success and is not a widely used application.

Multi azimuth — has enjoyed high profile success in the US GoM in 2006 with the Jack
discovery being attributed in part to multi azimuth imaging. The idea is to ‘illuminate’
more of the target subsurface geology than is possible with conventional 3D (below
attenuating salt domes for example). This is achieved by using more than one energy
source location (i.e. there will be at least two vessels shooting air guns during the
survey).
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Exploration for, and
appraisal and development
of, oil and gas is an exercise

in risk management.

Assessing risk and reward

Once the geophysicists have identified a set of targets, the next step is to assess the
likelihood of discovering an active hydrocarbon system.

Exploration for, and appraisal and development of, oil and gas is an exercise in risk
management. In 1997, Chevron published a land-mark paper outlining its approach to risk
assessment — defining geologic success (Pg) as the product of the probabilities of 4 principle
elements that must coinside in order to accumulate oil & gas in economic quantities: source,
reservoir, trap/seal and their connection within a ‘dynamic’ system where each can interact
with the other.

P,=P

g source

xP xP,. xP

reservoir trap dynamics

The table below outlines the general distribution of project risking through a typical cycle of
exploration/appraisal/development activity.

Figure 61: Geological success within differing scenarios

Producing area Emerging area Frontier
Same Play Same Play New Play —Same Trend New Play —New Basin
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Source: Otis & Schneidermann, AAPG Bulletin 81, Deutsche Bank

Following the identification of a prospect on seismic, key steps in the reduction of
uncertainty include drilling or ‘spudding’ the first exploration well often termed the ‘wild
cat’, and testing that well — testing providing tangible evidence on which meaningfull
recoverable reserve estimates can be made. Note that the date on which a wild-cat well is

spudded refers to that on which it first breaks ground.
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Benchmarking exploration success rates

So what are the typical drilling success rates seen in the oil and gas industry and how has
recent technology impacted on these? Analysis of 107,772 E&A wells, drilled across 109
countries between 1951 and 2010 indicates that on a global basis, average exploration and
appraisal commercial success rates have risen only modestly over the last six decades:

= Commercial exploration success rates rising from 13% to 16%; averaging 15%
= Appraisal success rates rising from 57% to 69%; averaging 66%

= Combined commercial E&A success rising from 28% to 37%; averaging 31%

Figure 63: Combined E&A success rate/range and
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Although the high-low range around this data (on a regional basis) has tightened materially;
the average baseline discovery size has remained ¢60 MIn boe since the 1970s.

However, at the same time, the number of appraisal wells required to bring this volume to
development has almost doubled (see above).

Figure 64: Total volume discovered per decade across

the c108k E&A wells in our dataset (Min boe) success
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Figure 65: Average volume discovered per exploration

Source: Deutsche Bank, Wood Mackenzie Source: Deutsche Bank, Wood Mackenzie

Country-by-country analysis... statistically inexact

This global/regional analysis can be broken down on a country-by-country basis, however the
statistical significance of the data breaks down; a material number of countries emerging as
high or low outliers, but with very few wells drilled (see below).
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Figure 66: Global commercial exploration success rate (2001 to 2010 year-to-date)*
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Figure 67: Global appraisal success rate (2001 to 2010 year-to-date)*
100% > 20 Exploration wells
o <20 Exploration wells
80 /0 """"" Global Average 68%
60%
40%
20%
0% +—-—r—r—TrTrrTTTrTrrrrrrrrrrerrrrrrrrrrrr’’eYrYYYYTTTTTTTTTTTTTTTTTTTTTTTTTTTTTTTTTT T T T
= »--d d4Z=<T z =- =035 = como zoHw® exZZ 1%}
§5'gﬁg§ 5585853338388 33553 3 ggg,gm§%a=§ma-e=gmagm:.aggéagg@:aggmwa gg-‘;{Ng:gEag:a;ﬁ;@_ 2385858522853
25 23 TE» 38BRRESP a2 3 PUETSLEoRESIERST gESV T ECogpeoeags 4 Sn pR2xg a‘%g §55585553%s° peg3
T = @ 3. 3 AT 25 P ) Sl ) ® S FLe S <z & _ "7 & » @
El S o @ by m S22 a & E] 5 o 3 o SN 2 4
28 " P B 85 g &% e Cgs 't § TRE 5 g3
g £ B - g £ N g 8 58 = 3
> 2 S EE] H 2 3 Bz 3 3
° 2 8o S o z & o
c = ) 5] 5 2 & 5
g > 5 -} N
g o =
g &
Source: Wood Mackenzie, Deutsche Bank * 7,613 wells

As success rates in a basin rise... the size of the prize shrinks

These static levels of E&A success seem surprising, given significant advances in exploration
technology (e.g. the application of 3D seismic and developments in sub-salt imaging).
However, what this global data really highlights is a constant resetting of the exploration
learning-curve as successful/growing companies constantly hunt for materiality.

In basins with long exploration histories there is clear evidence that as more wells are drilled,
and more data gathered, E&A success rates do increase through time (see below). However,
as a basin matures the materiality of yet to be discovered volumes falls; large basin-opening
finds replaced by smaller accumulations that leverage off existing infrastructure.

Figure 68: North Sea ‘creaming curve’ (Min boe) Figure 69: North Sea: discovery size vs E&A success rate
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The never-ending quest for materiality
E&A drilling data also highlights the challenge of accessing material exploration volumes:

= Since 1981, 89% of the upstream industry’s commercially successful exploration wells
have identified fields of 100 MIn boe or less. These discoveries collectively account for
21% of the total oil volume and 12% of the gas volume discovered since 1981.

= |n contrast, across the same period, just 2% of the successful exploration wells drilled
made discoveries of 500 Min bbl or greater; but the collective volumes identified account
for 47% of the total oil volume and 71% of the total gas volume discovered since 1981.

From the integrated oil & gas majors (where simply standing still in volume terms is a
constant battle) to the E&P sector (where investors are principally focused on the
transformational potential of exploration success), this global record of static E&A success
would appear a bleak backdrop for investment.

For the smaller players, although the 60 Min boe discovery-size base-line remains material,
growth resulting from this exploration success and perhaps subsequent development
inevitably forces them into more challenging prospectivity/frontier areas; where, although the
materiality of the prize is larger, so too are the exploration uncertainties.

Figure 70: Successful exploration wells (number per Figure 71: Global volume discovered (oil dotted line Min

year, line RHS) subdivided by field size identified bbl, oil & gas Min boe solid line) subdivided by field size
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Figure 72: Distribution of trap size (Min bbl) within total Figure 73: Distribution of trap size (Min boe) within total
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Up until the early 1900s well
bores were “drilled’ by
cable-drilling, Rotary drilling
is the technique used by oil
rigs around the world today.

Field Operations - Drilling

The ability to drill a hole down several thousand meters to test a potential reservoir is often
taken for granted by non-oil industry observers and analysts. Indeed advances in the
equipment used have improved the success rates in reaching targets, and perhaps even
more importantly (but often under appreciated, even within the industry itself), the quality of
hole drilled has improved. Higher quality well bores (straighter, less rugose) allow superior
data to be acquired, and in a world where finding smaller reservoirs is the game, high quality
data is paramount to understanding a reservoir, field and basin.

Up until the early 1900s well bores were ‘drilled’” by cable-drilling, which is still used for
shallow water wells and foundation work on some building sites today. A cable pulls a heavy
cylindrical weight up, and then simply lets it fall into the ground, and this slowly but surely
makes the desired hole. Cable-drilling is only useful for very shallow wells, and by 1902 a
new technique, rotary drilling, had been introduced in California.

Rotary drilling is the technique used by oil rigs around the world today. A hollow pipe with a
drilling bit on the end of it is rotated by one of two methods; either a ‘rotary table’ or a 'top-
drive’. The rotating bit cuts the rock beneath it, with the weight of the pipe pushing down on
the bit carefully controlled, along with the speed of rotation, to ensure maximum cutting
efficiency.

Figure 74: Rotary drilling and mud system
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Source: Deutsche Bank

A fluid called ‘mud’ (which is actually a cocktail of expensive chemicals and custom designed
for each section of each well) is pumped down through the middle of the drill pipe, comes
out the drill bit and is circulated back up the annulus between the drill pipe and the hole. This
performs several vital functions:
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= |t carries away cuttings from the drill bit.
= |t provides lubrication to try and prevent the drilling pipe from getting stuck.

® |t provides a hydraulic pressure in the hole that prevents (in theory) any gas or oil from
‘blowing out’.

= |t deposits a thin, impermeable layer of mud over the reservoir zones called ‘'mud cake’.
This mud cake prevents further invasion and damage of the reservoir by drilling fluids
and is vital from a data acquisition and productivity perspective.

Water-based mud. A problem with water-based mud systems is that water is readily
absorbed by clay. Clay beds (or ‘shale’) hence tend to swell when drilled through by water-
based mud, and this swelling can cause no end of technical difficulties. Even if the driller can
avoid the pipe getting stuck, he/she typically has to waste valuable drilling time going over
the clay zones and back-reaming them to try and get rid of all the ‘sticky’ points. Not only
that, but when the wireline logging operation commences (see later), swelled up clay zones
are often the points at which wireline instruments become stuck, and to get them out again
can take days of unproductive rig time.

Oil-base mud (OBM) uses oil rather than water as the solvent, and as such is not absorbed
by clay. OBM usually results in better quality, faster drilled holes. The downside is 1) it is
more expensive that water-based mud and 2) the returns from the well bore are full of OBM
and hence care (i.e. expense) has to be taken to prevent any of this oil contaminated waste
entering the local environment.

Rotary table and top drive. The method used to rotate the drill pipe nearly always takes one
of two forms; either a:

= Rotary table, where a circular section of the drill floor rotates and via a ‘kelly bushing’ so
causes the drill pipe to rotate, or;

= Top drive, which is large electric or hydraulic motor which is positioned on top of the
drill pipe.

The top drive, developed in the mid 1980s, was a big step forward in that it allowed more
flexible drilling operations (mud can be pumped continuously no matter where the top of the
pipe is in the derrick, whether back-reaming the drill bit up the hole or pulling the pipe out of
hole — all of which are limited with a rotary table). The end result is fewer stuck pipes (and
hence less lost wells), better hole quality (and hence better quality data from wireline logging)
and better control when drilling deviated wells to target reservoirs.

Down-hole mud motors. For directional drilling (in which a well is guided, sometimes at a
high angle, to a very specific target) another option exists; instead of rotating the entire pipe,
a hydraulic motor just above the drill bit is powered by the pressure and flow of mud being
pumped through the pipe, and this motor provides the power to rotate the bit. This setup
makes it easier to ‘steer’ the drill bit.

The BHA stands for ‘bottom-hole-assembly’. This refers to the bottom few hundred feet of
the drill pipe and its basic form is usually made up by the drill bit followed by heavy pipe
called "collars’ interspersed with larger diameter pipe with what look like fins on the side — so
called ‘stabilisers’. The BHA assembly provides weight for the bit to cut rock, rigidity to keep
the hole as straight as possible and strength to transmit torque to the bit and absorb huge
mechanical shocks as drilling progresses.

The BHA can include several optional elements that make it more complicated — mud motors
for directional drilling (as discussed briefly above). MWD (measurement-whilst-drilling)
sensors to provide real-time direction and torque measurements or even LWD (logging-
whilst-drilling) instruments that can record various physical properties of the formation drilled
through.
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Wells are nearly always
drilled in stages, and when
the bottom of each stage is
reached the freshly drilled
hole, known as ‘open-hole’,

is cased off using steel pipe

Casing. Wells are nearly always drilled in stages, and when the bottom of each stage is
reached the freshly drilled hole, known as ‘open-hole’, is cased off using steel pipe and so
becomes ‘cased-hole’. The main reason is to prevent the hole collapsing on top of the drill
pipe (which might otherwise become stuck). A drilling program might for example look
something like this:

= Pile-drive a 24 inch conductor pipe down to 50m.

= Drill open hole to 1000m with a 17 inch diameter bit.

= Pull out the drill pipe and set a 13 3/8 inch ‘surface casing’.

= Drill on to 2000m using a 12 % inch bit size.

= Pull out the drill pipe, run a basic wireline logging program (see later), then set a 9 5/8
inch ‘intermediate casing’.

= Drill on to target depth of 25600m using an 8 % inch drill bit.

= Pull out the drill pipe, run a wireline logging program over the target zone, then if the
indications are encouraging, set a 7 inch ‘production liner’ in preparation for more
extensive testing.

Figure 75: Example well with four casing ‘strings’
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Source: Deutsche Bank

Cementing. The diameters quoted above are just generally used diameters around the
world, but various other diameters are also in common use. To ‘set’ the casing it is first
lowered into the well, then the drill-pipe is lowered (without a drill bit on the end) down inside
the casing to the bottom, and is used to pump cement up the annulus between the outside
of the casing and the hole. This cement will set and bond the casing to the rock formation
that has been drilled through. In this way then the casing and cement together should isolate
different reservoirs from each other and from the surface.

Wireline logging is a set of operations using cables and downhole instruments to acquire
measurements that provide strong indications or whether any oil or gas has been found or
not. We discuss wireline logging in more detail over the following pages.
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BOP stands for blow-out-
preventor and is a large set
of valves that sit on top of
the well being drilled.

BOPs. BOP stands for blow-out-preventor and is a large set of valves that sit on top of the
well being drilled. The BOP wiill if required, seal the well quickly even if there is a drill pipe in
the way. It has several sets of seals (called ‘'rams’), as shown in the following figure, which
are used in different circumstances.

Figure 76: A blow-out preventor (BOP)
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= Pipe rams to control a kick. In the case of the mud system failing to control the
pressure of a reservoir, this reservoir will force fluid (oil, gas or water) into the well bore
which will in turn displace mud out of the top of the well. The driller and mud engineers
will see this (it is known as a ‘kick’) and try to regain control by quickly adding heavier
mud into the borehole. However if no ready supply of heavy mud is available, it may be
necessary to close the pipe rams — these are large rubber seals that will form around the
drill pipe and seal in the kicking well. This buys time for the mud engineer to make up
heavier mud, which when ready, is pumped down the center of the drill-pipe to ‘kill" the
well.

= Shear rams in the last resort. If following a kick the mud weight is not raised quickly
enough, or if the pipe rams leak, the reservoir fluids will continue to enter the well bore.
This will decrease the aggregate well bore fluid density, and thus its weight and hence a
vicious circle is setup which can quickly (within minutes in some cases) spiral into a
blow-out. A blow-out initially usually takes the form of a geyser of mud shooting into the
drilling rig, but if left unchecked the geyser will become increasingly full of the oil or gas
from the uncontrolled reservoir. Depending on the wind conditions, this oil and gas
needs only one spark to ignite it and then death and destruction are a real possibility. To
avoid this unpleasant scenario the BOP contains a set of ‘shear rams’, which will cut
straight through the drill-pipe and seal the well off.

Another risk with kicks is that gas can contain H2S (or ‘sour gas’), and this is not friendly stuff.
It smells like rotten eggs in concentrations of 5ppm, but quickly destroys one’s sense of
smell (so people think it has gone away), with inhalation proving fatal at around 20ppm.
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Drilling in the sea is more
complicated than on land

Directional wells

Identifying a potential reservoir trap and drilling straight down into the top of it is an intuitively
obvious strategy. In this case the challenge is to make sure the well is drilled straight, and a
properly designed BHA, mud system, functioning rig equipment and an experienced driller
should be able to deliver. However deviated wells are often required, for example:

= |f development drilling dictates several wells targeting different zones in the reservoir all
from one central platform location.

= |f targeting a thin reservoir, acceptable flow rates might only be achieved if a long,
horizontal well is drilled.

= Drilling an offshore target from the shore.

The target lies under a built-up or environmentally sensitive area.

To accurately drill a deviated well is more technically challenging than a vertical well. In the
past experienced directional drilling consultants contributed to what at times, was as much
art as science. Today science dominates; MWD (measurement whilst drilling) instruments
placed near the drill bit give a real-time readout of exactly where the drill bit is heading and
when coupled with a down-hole motor, targets can usually be hit with precision.

Figure 77: Vertical and deviated wells

A vertical well A deviated well

Source: Deutsche Bank

Land and offshore rigs

The discussion so far covers most that is needed to be known about land rigs by an
investor/analyst. Apart from scale of equipment and hence ability to drill deeper there simply
isn't much more interest in the world of land rigs. They are relatively commoditised and the
Chinese, Russians and Polish, amongst others, have been making very good ones for
decades.

Drilling in the sea is more complicated than on land; the lack of stability (for floaters), the
corrosive environment, the more cramped conditions and the more difficult support logistics
all dictate this.

During drilling the offshore well needs to be extended from the seabed to the rig floor, so
that the mud system can be controlled. This is achieved by using a ‘riser’, which is a large
diameter steel pipe that connects the top of the well on the seabed with the rig. The BOP
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Within offshore rigs there
are two main categories;

jackups and floaters.

can either be mounted on the seabed or be on top of the riser at the surface. Rigging up and
down the riser for each well adds on to required rig time versus an onshore operation, and
pressure testing the entire system is also more complicated than onshore BOP pressure
testing.

Within offshore rigs there are two main categories; jackups and floaters. Jackups do not

float, they simply stand on retractable legs (usually three) and hence provide a stable platform
from which to drill.

Figure 78: Offshore rigs
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The Jackup can of course only work in water depths that are less than the length of its legs,
and typically this limits operations to less than 400ft water depth. When moving between
drilling locations the hull is usually towed by tugs or carried by a specialist vessel, with the
legs sticking high into the air. Once the jackup has arrived at the drilling location, the legs are
lowered to the seabed, and then the hull (upon which all the drilling equipment is installed) is
jacked up the legs, so raising itself out of the water.

Unlike Jackups. Floaters are not limited to 400ft water depths as they do not rely on standing
on long legs. They are essentially ships with drilling equipment, are usually self propelled and
have a marine crew. When it arrives on location the floating rig needs to anchor with the help
of support vessels, which can be a time-consuming process, but the main technical
challenges versus jackups is the floating nature of the platform. The problem is that the rig
will move up and down with swell and with tides if present, but the well bore of course
doesn't i.e. the drill pipe will have a tendency to smash into the bottom of the hole simply
with the heave of the rig, which would make drilling a decent well problematic. The solution
involves using a large hydraulic system known as a wave-motion-compensator. It adds up to
yet more mechanical systems to operate, maintain, and potentially go wrong.

Drillship or semisub? \Which of a drillship or semi-submersible is better is unclear, and
basically seems to come down to availability as much as technical factors. It could be argued
that transit speed between locations is faster for drillships and that keeping on station
(whether by anchors or dynamic positioning) is easier in certain prevailing current locations
with a long, thin ship-shape than a square semisub shaped hull. However the ship-shape
layout limits space for an operation that uses ever larger equipment and ever more sub-
contractors (that all want a bed to sleep in and a doghouse for their specialist equipment).
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Figure 79: Offshore riser and BOP setup
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Logistics and supply. There is an entire industry that simply services the logistical needs of
the offshore drilling industry. It includes:
m  Catering — supply of food and onboard catering staff and cleaners

m  Supply vessels — to supply fuel, food, water, chemicals, drill pipe, casing, cement and act
as an offshore storage facility when deck space becomes tight.

= Supply vessels — used to act as emergency support for evacuation in bad weather or
kick/blow-out scenarios, sometimes for transport of personnel from shore or from rig to
rig within a field, and occasionally as accommodation if there's no space left on the rig.

®  Anchoring vessels — usually supply boats or dedicated powerful tugs that aid in the laying
of anchors.

m  Helicopters — the provision of helicopter transport and emergency support.

Drilling day rates

Day rates for new rig contracts are often announced by the drilling companies, and can be
easily monitored by industry observers. There are over 500 offshore working rigs in the
world, typically working an average contract length of less than a year. The net result is a
steady stream of new contract announcements each month that provide a valuable leading
indicator of where industry costs and service company revenues are heading.

Drilling day rates behave as economists would expect; as demand outstrips supply so day
rates quickly rise, and as soon as there is too much supply rates collapse. The high oil price
environment of the last few years has led to a surge in demand for all classes of rigs, and has
driven up day rates to record levels
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Figure 80: Worldwide offshore fleet (jackups, semis,

drillships). Contracted vs. subcontracted 1984-2010
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The same drivers behind day rates tend to also drive the rest of the service industry
supply/demand balance and so when drilling day rates rise, so usually does the cost of all the
other associated services — supply boats, helicopters, cementing, mud, wireline logging etc.

IOCs will usually have many rigs working for them, all on different day rates and with
different contract ending dates. WWhen we see a large increase in day rates as in the last few
years, it therefore takes time to fully impact the cost base of the IOCs, as the portfolio of rig
contracts slowly but surely rolls over to the higher day rate environment. Similarly, in the
event of a day rate collapse (if drilling companies build too many new rigs for example), the
lower day rates on offer will take a year or two to feed through to the IOC bottom line.
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Rock Doctors and Mud
Loggers — what has been
drilled though?

Field Operations - Evaluation

Perhaps surprisingly, simply drilling a hole into the ground rarely conclusively reveals whether
it has intersected an oil or gas reservoir. For an exploration well, successfully drilling a hole to
the target depth is only the start of the story. The drilling of an exploration well is really just a
means to an end, and that end is to acquire as much data and knowledge about the
subsurface rocks and reservoirs as possible. If a well is drilled that is so crooked, rugose, or
‘sticky’ that no decent quality data can be acquired, then money has been wasted.

Rock Doctors and Mud Loggers — what has been drilled though?

Exploration well-sites will almost always have a geologist working on site (the 'wellsite
geologist’, appropriately enough, or to some, the ‘rock doctor’). The role of the wellsite
geologist is to analyse the rock cuttings that circulate to the surface from the drill bit, and
keep a record of what rock type (sandstone, shale, limestone etc) has been drilled though.

The rock doctor is not the only source of data during drilling, a ‘mud logger’ has equipment
that is setup to continuously analyse and record any gas present in the mud returns from the
well bore — a sudden increase in gas is an obvious indication that a hydrocarbon reservoir has
been drilled through. The mud logger will also regularly take samples of the returned mud
and see if it fluoresces under ultra-violet light — another key indicator of hydrocarbons. The
wellsite geologist and mud loggers thus provide vital initial analysis on the subsurface
structure. However as we discuss below, this data is often compromised and at best an
incomplete picture — it needs to be complemented by additional data — typically from coring
and/or wireline logging.

Mud - it hides the truth...

The mud system, whilst vital to keep control of a well, results in all but a very few wells being
drilled in an ‘over balanced’ condition — this is when the pressure of the mud in the well is
greater than the reservoir fluid pressures. As such little or no reservoir fluids enter the well
during drilling and so the wellsite geologist and mud logger are at a disadvantage when it
comes to identifying whether oil or gas has actually been drilled through. The mud log can
completely miss an oil or gas bearing reservoir.

Furthermore, although the geologist can use returned mud cuttings to identify what kind of
rock has been drilled through, only a relatively rough estimate of the depth that the cuttings
came from can be made (who knows how long a particular cutting took to circulate back to
the surface?). In a world where reservoirs as thin as 5ft can be potentially commercial, not
knowing where it is to within 100ft is a problem.

Coring - ideal but expensive

The best way to asses the formation that has been drilled through is to have physical
samples. This can be achieved by ‘coring’, a process where a special drill bit and tubes inside
the bottom hole assembly allow a continuous core to be taken whilst drilling. The downsides
include:

= Drilling is much slower than normal. The speed is limited whilst coring and far more trips
in and out the hole with the drill pipe are required. Anything that slows down drilling time
is a big issue when you consider $1m/day offshore costs are no longer unusual.

= |ts not 100% reliable, there can be gaps in the core, or in the worst case, no core at all is
gathered — and remember this is a one shot operation; if the core isn't taken properly
then going back to try again is not an option (at least not in the same well).
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Wireline logging involves
the lowering of instruments
to the bottom of a well, then
pulling them up slowly with
a winch, whilst recording in
high resolution the
information provided

Wireline logging the best compromise...

A bit of history - in 1927 Conrad and Marcel Schlumberger ran the first ‘electric log" of an oil
well in France. This involved lowering an electrode on the end of a long cable to the bottom
of a well, and continuously recording the voltage difference between the electrode and the
surface whilst pulling the electrode up slowly. This simple procedure proved powerful, as
reservoirs bearing water or hydrocarbon chemically react in different ways with drilling mud
to produce different voltage differences — the SP (Spontaneous Potential) wireline log was
born.

Figure 82: A typical land wireline logging setup
Top drive/hook

Tie down chain

The wireline cable - . .
Wireline logging unit
Lower sheave wheel
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Source: Deutsche Bank

Wireline logging today still uses the same basic technigue - i.e. the lowering of instruments
to the bottom of a well, then pulling them up slowly with a winch, whilst recording in high
resolution (and with high depth accuracy) the information provided by the instruments. The
main wireline devices (‘tools’) used today are the following.

= SP (Spontaneous Potential) — helps detect water bearing reservoirs.

= Gamma Ray — indirectly detects the level of clay in the formation, i.e. shaliness.

= Resistivity — indicates possible hydrocarbon zones.

= Micro resistivity — very shallow and high resolution resistivity — helps indicate
permeability and detect thin beds.

m  Caliper — measures the diameter of the well, in either 1 or 2 axis.

= Neutron and density — porosity and lithology (identifies sandstone, limestone, shale,
carbonates, volcanics). Also helps discriminate between gas and oil.

= Sonic — porosity and gas indicator.

= Formation imaging — hundreds of micro-resistivity sensors combine to give a 360 degree,
very high resolution resistivity image of the well wall. Useful for fracture detection and
lithological analysis.

Deutsche Bank AG/London

Page 67



9 September 2010

Integrated Oils Qil & Gas for Beginners

Deutsche Bank

= Wellbore seismic — a ‘quickshot’ ties in the surface seismic to depth rather than just
time. A full 'VSP’ (vertical seismic profile) survey gives a single seismic column that can
be overlaid with a surface seismic.

= Pressure and fluid sampling — reservoir pressure gradient measurements discriminate
between oil, gas and water zones. Reservoir fluid samples can be brought to surface for
further analysis.

m  Sidewall cores — samples of down-hole rock from specific depths are brought to surface
and then used for further analysis.

= Magnetic resonance logs — measure formation permeability.

Figure 83: An example Wireline Log
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The oil company will decide which combination of the above services are required for a
particular well, but in general most exploration wells will have a combination or all of the
above wireline services run.

The logging operation itself means that the wellbore is occupied by wireline equipment, and
so whilst the wireline crew work hard for anything up to a week acquiring the required data,
for the drilling crew its essentially downtime.
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‘Appraisal’ wells are drilled
following a discovery
exploration well, primarily
to delineate the physical
size of the reservoir

LWD - why not acquire the data whilst drilling?
Wireline logging has disadvantages — namely:

= The entire drilling operation has to go on hold whilst wireline logging is in progress.

= The data quality is sometimes compromised by poor borehole conditions and invasion of
drilling mud into the formation.

A way to avoid these problems is to use ‘logging whilst drilling” (LWD) tools to acquire largely
the same data (resistivity, sonic, nuclear) whilst drilling.

LWD is technically more challenging than wireline logging; the instruments need to be much
stronger due to the immense mechanical stresses that are part and parcel of an active drill
string, and the system has to cope with much lower real-time data transmission capabilities
(there is no handy wire to transmit data along). However over the last 10 years the reliability
issues have been largely resolved and a combination of mud-pulse telemetry systems and
down-hole data storage adequately handle the data acquired in most scenarios.

The main disadvantages of LWD are:

= The costs of losing the equipment down-hole (due to stuck pipe) are much higher than
for wireline instruments.

= The cost in rig time of equipment failure, as the entire drill string has to be pulled out is
such a scenario that can be significant.

= There is a smaller scope of services available versus wireline implying the wireline crew
might have to be on the rig anyway, but under-utilised and,

= |t has potentially lower data resolution.

There’s only one way to be sure — Well Testing

Despite the sophistication of LWD and wireline logging instruments, there remains only one
way to be sure that a well will flow with commercial rates — a Well Test. A Well Test involves
setting up equipment so that the reservoirs can flow oil and gas at controlled rates through
surface valves also known as ‘chokes’. Measurement of the flow rates, properties of the
fluids produced and fluid surface pressures yield invaluable information about not just the
permeability, contents and potential flow rates of the reservoir, but also its physical size.

Appraisal wells — as much data as possible

‘Appraisal’ wells are drilled following a discovery exploration well, primarily to delineate the
physical size of the reservoir and to gather as much additional information as possible. The
key here, as for exploration wells, is one of data acquisition. An appraisal well that reaches its
target depth but falls short on the data acquisition program (e.g., wireline or LWD equipment
failure, or poor hole quality) is from a geologists perspective, a largely wasted drilling
exercise.
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Development drilling differs
from exploration and
appraisal drilling in that data
acquisition is no longer the

main aim of the game

Field Operations - Development

Development drilling - efficiency is king

Development drilling differs from exploration and appraisal drilling in that data acquisition is
no longer the main aim of the game. By this stage the field has (hopefully) been reasonably
well understood and the locations of what will be the producing wells have all been selected.
The goal in the development drilling phase is thus simply to drill targets as efficiently as
possible. Whilst it is always potentially useful to have more data, during development drilling
data acquisition programs are usually far less intense than during exploration drilling. A mud
log and a single run of wireline tools may well be enough to confirm the reservoir has been
intersected where expected.

Development wells can be complex, with long horizontal sections to tap thin beds, and even
multiple branches spurred off from a single surface well to target several areas of a reservoir
from one set of surface production equipment. Fracturing and acidising of the reservoir may
be used to help maximise well productivity and if need be, multiple injection wells may be
included in the development drilling program to again aid field productivity

Field architecture

Once the development wells have been drilled, the drilling rig will leave the field and
infrastructure will be put in place to allow the control of the producing wells, safe storage (if
required) and export of oil and gas. As with drilling, the nature of these facilities is more
complicated (and thus capital intensive) offshore than onshore. The same comment is true of
gas versus oil; the infrastructure to handle gas production has to handle higher pressures of a
much more mobile ‘fluid’ and as such usually demands higher specifications than the
infrastructure that would handle the energy equivalent amount of oil production.

Onshore - oil is usually straight-forward...

Figure 84: Typical onshore oilfield architecture
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For oil the standard onshore field architecture is straightforward; oil is gathered by a network
of pipes into a central treatment plant, where any associated gas and water is removed (a
‘GOSP’ - gas oil separation plant). The crude is then either piped or trucked to a refinery, or
export terminal. The GOSP in a modern development will do something useful and
environmentally sound with the ‘waste’ gas — either send it back to the field for re-injection or
supply a local gas market of gas export LNG plant.
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The world’s offshore oil and
gas developments are
dominated by permanent
structures (i.e. ‘platforms’).

...gas less so

For most of the life of the oil industry, associated gas has been considered nothing more
than an inconvenience encountered during oil production. The safest action to take was
simply to burn it — i.e. ‘flare’ it. Today this is unacceptable in most countries not only from an
energy wastage standpoint, but also because flaring gas is a material contributor to
greenhouse gases.

In the case of onshore gas wells (i.e. pure gas fields rather than ‘associated gas’ produced
with oil), there are usually fewer producing wells required in the first place than for an oil field
(since gas is far more mobile — i.e. it flows through even relatively low permeability rock
much better than oil), but the wells still need to be tied back via pipe to a central processing
station, where any water, sulphur or other impurities are removed.

If the gas is destined for local market distribution then it is usually treated to have an
appropriate calorific value. Where local demand does not justify the development of a large
gas field then LNG is usually the only option (although GTL economics will likely improve with
time and technological learning). A large diameter pipe transmits the gas to the LNG plant
where it is treated before being cooled to —162°C for export as a liquid.

Offshore - as usual, deeper is tougher

The world's offshore oil and gas developments are dominated by permanent structures (i.e.
‘platforms’). In shallow waters (400ft or less) these usually stand directly on the seabed and
are constructed from steel or concrete.

Offshore wells are extended via rigid pipe all the way to the platform, where control valves
(the ‘christmas tree’) allow manual or remote opening/closing of each well independently.
This setup also allows access to the wells at a later date for work-over or other remedial
operations.

Figure 85: Different offshore platform options
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In water depths greater than a few hundred feet, rigid platforms installed on the seabed start
to become too expensive, just from the sheer volume of steel and cement that is required. A
variety of solutions are used by the industry to develop such ‘deep water’ fields, including
FPSOs (floating production, storage and offtake vessels), SPARs, TLP (tension leg platforms)
and Compliant Towers.
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Floating production systems
usually refers to FPSOs
(floating production, storage
and off-take vessels)

A SPAR is basically a large
cylinder with a deck on top

TLP stands for ‘tension leg
platform’

FPS - floating production systems usually refers to FPSOs (floating production, storage and
off-take vessels) or FPSSs (floating production semi-subs). FPSOs are ships that have been
converted (typically from an oil tanker, or built from scratch) to accept oil production from
subsurface wells, and store the produced oil until a tanker comes alongside to unload it.
FPSOs can range in sophistication from simple barge-like vessels anchored via chains to
huge dynamically positioned ships capable of separating out oil/gas and water, storing over
2 million bbls of oil and re-injecting produced water or gas.

Some FPSQO’s have the capability to weathervane around a cluster of producing risers (via
complex equipment known as a ‘turret’), and/or quickly disconnect from the producing fields
(in the event of hurricanes for example). FPSOs are the most common solution to deepwater
developments off the West African coast, and have also been used extensively by Petrobras
in developing their deepwater Brazilian fields. The connection between the wells and the
FPSO is either via rigid pipes (risers), flexible pipes or a combination of the two.

FPSOs have the advantage that there is a ready supply of oil tankers to convert, and
shipyards are comfortable with building or modifying ship shaped vessels, however the fact
that the vessel will float up and down with tide or swell means that the christmas tree usually
has to be on the seabed rather than the FPSO, so making future well access a costly affair;
the FPSO must be moved off location and a drilling rig hired.

A SPAR is basically a large cylinder with a deck on top, secured in place with anchors.
SPARS have been used extensively in the North Sea and shallow water US GoM. They are
relatively cheap to fabricate, but have limited deck area and tend to have relatively large
vertical movement in rough seas, so as with FPSOs limiting deck access to wells for
maintenance.

TLP stands for ‘tension leg platform’. It has very limited storage capability and so is usually
used where there is local pipeline infrastructure — shallow water GoM for example. It is
anchored via steel tendons to the seabed that are under high tension. This makes the TLP
platform relatively stable, so allowing the ‘dry tree’ solution of a steel riser from the seabed
to deck, with a Christmas tree control valve on top. This allows a portable rig to be installed
on the TLP deck with direct access to problematic wells, without interrupting production of
the remaining wells.

SURF - the plumbing

A platform is all that can be seen from the surface for a typical offshore development, but on
the seabed all the development wells (whether producers or injectors) need to be connected
to gathering stations and to the platform. This is usually done via small diameter rigid and
flexible pipes that are installed by a specialist installation company (such as Acergy or
Technip) and such hardware is collectively known as ‘SURF’ — subsea, umbilicals, risers and
flowlines.

Subsea units are production units that sit on the sea bed, feeding oil or gas from a well
through a flowline to a manifold, which collects the hydrocarbons from numerous wells. Each
manifold is connected to an umbilical and a riser. The former is a pipeline which carries
hydraulic, power and communication cables, which enables the operator on the surface
facility to control valves on the manifold. The latter is the piping through which oil or gas
travels to reach the surface.

Subsea completions - bypass the platform altogether?

SURF infrastructure can be spread over a wide area, and indeed several West African fields
are tied back via subsea pipelines over 10kms to central platforms. An obvious evolution is to
extend the tie backs all the way to the coast, and do away with the need for a platform
altogether, so potentially saving capex and the need to support workers offshore. For gas this
is already being done, notably with Norway’s Snohvit (Statoil) project, which transmits gas
140kms to a receiving terminal and LNG plant on the Norwegian coast.
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For oil however, long subsea tiebacks are more difficult. The cold seabed temperatures make
the oil more viscous, to the extent that some grades simply will not flow without extremely
powerful pumps and/or commingling with a solvent — but of course without a platform
nearby such solutions imply that long power cables and chemical injection lines need to be
laid from shore, so reducing project feasibility and economics.

Extending the field life

As oil and gas is produced from a reservoir, so pressure may drop, sometimes surprisingly
quickly. The problem with falling reservoir pressure is two-fold; flow rates fall and gas tends
to break-out of the oil, with gas production increasing at the expense of the more valuable oil.

In addition, as the reservoir is depleted so the amount of water produced from the perforated
zones will increase, implying a need to handle ever increasing amounts of unwanted water at
the surface.

Figure 86: Rising water production as an oil reservoir is depleted

Casing ——— |

Qil reservoir

3 7y
oil—>§ §<—oil water—» g §<—water p

water
A

Casing —— |

Oil reservoir

Water zone

Source: Deutsche Bank

Perforations, /

i.e. producing zone
P 9 Water zone Top of water zone moves up as
oil zone is depleted

To maintain production at both optimum rates and mix, and to maximise the ultimate
recovery factor of a reservoir, various solutions are possible:

= Drill more wells.

m  Shut off lower water producing zones (via plugs set using wireline equipment).

m  |nstall surface pumps — known as ‘nodding donkeys'.

= |nstall down-hole pumps — ESPs (electric submersible pumps).

= Drill water or gas injection wells that help maintain reservoir pressure.

= Gas lift — install secondary tubing that allows gas to be pumped down the well to the
reservoir level. This gas then commingles with produced oil, thereby lowering its density
and helping it to flow to surface.

®m  Fracturing of the reservoir using large scale hydraulic pumps.

Ultimately the goal of all the above factors is to increase the field's recovery factor.
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Recovery factors

When an oil and/or gas reservoir is produced, only a portion of the hydrocarbons initially in
place is recovered to surface. Measured as a % of the in-place volumes, this is expressed as
a recovery factor. A central focus within development is to maximize this factor.

Three forms of recovery are recognized:
= Primary recovery - Uses only the natural energy of the reservoir, which in turn originates

from burial of the reservoir units, and the natural buoyancy of both oil and gas.

= Secondary recovery — Involves adding energy to the natural system, for example by
injecting water into the reservoir to maintain pressure and displace, or sweep, oil.

= Tertiary recovery - Includes all other methods used to maximize recovery.

Below we detail typical recovery factors within an oil reservoir — from oil initially in place
(100%), through primary, secondary and tertiary recovery — this together recovering ¢.52% of
oil initially in place. We also detail low and high recovery scenarios around this ‘average’.

The relative buoyancy of gas means that recovery factors are materially higher — see below.

Figure 87: Typical primary, secondary, tertiary cumulative recovery factors and low-high range
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Secondary and tertiary recovery are together refered to as ‘'enhanced oil recovery’, or EOR.
Over the following pages we briefly review primary recovery and a number of EOR
techniques.

Primary recovery

The ultimate oil and gas recoveries observed in a field vary depending on the exact ‘drive
mechanism’ that is in action. Four primary drive mechanisms are recognized:

= Natural water drive — Energy is provided via connection to an underlying pressurized
aquifer which typically is many times the volume of the hydrocarbon reservoir. A
pressure drop drives the expansion of both oil and water, resulting in a radial ‘sweep’
toward the production well.

m |f the aquifer underlies the entire reservoir, the mechanism is described as ‘bottom
water drive’, if just driven from the reservoir edge, it is described as 'edge water drive’.
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Primary recovery rates
typically ranges between
25% and 40

= Solution gas drive — Also known as depletion drive, solution gas drive operates via the
expansion of dissolved gas and liquid oil in response to a pressure drop — the change in
volume driving production. In steep drilling reservoir units this mechanism is described
as gravity drainage.

= Gas cap drive — Operates via the expansion of free gas in response to a pressure drop —
gas cap expansion maintaining the pressure within the oil leg.

= Compaction drive — Energy for oil production is provided by the collapse of grain fabric
of the rock and expansion of the pore fluids when the reservoir pressure drops.

In practice, most primary recovery is via a combination of these drive mechanisms, but
generally speaking water drive is the most effective primary recovery mechanism for oil —
primary recovery typically ranging between 25% and 40% - rising to a maximum of 75%. For
gas, gravity drainage, water drive and depletion drive can deliver recovery in excess of 80%.

Depositional controls on recovery factor

Although deposition environment has a fundamental control on rock fabric, which in turn is
one of the principle drivers of the way oil and gas is produced from rocks, commentators
have found it difficult to prove statistically that depositional environment is a strong factor in
determining recovery efficiency. This is evident in the chart below, where we present
recovery factor data from 821 oil fields that produce from rocks deposited across a wide
range of depositional environments.

However, within depositional environments, the spread in recovery can be related to some
gross reservoir characteristics/geometries. By way of illustration we have focused on
deepwater settings where observed recovery factors range from as low as ¢.5% up to ¢.60%
- the average performance being ¢.30%.

At the gross reservoir scale, the lower end of the recovery range typically lies within laterally
discontinuous, vertically poorly connected channelised deepwater systems. In contrast,
laterally continuous sheet systems, characterized by sand-on-sand deposition, exhibit high
recovery efficiency.

Figure 88: Recovery factor by depositional environment (dashed line average, bar shows range)
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The principle method of
secondary recovery is
waterflood

Secondary recovery... waterflood

The principle method of secondary recovery is waterflood. In waterflood, water is injected
into one or more wells, arranged in a pattern that will maximize the displacement of oil
toward a producer. At the production well oil only is initially produced.

However, as the front edge of the transition zone between the oil and water reaches the
producer 'breakthrough’ occurs. After breakthrough, both oil and water are produced, and
this ‘water cut’ progressively increases, until the trailing edge of the transition zone is
reached and only water is produced.

Tertiary recovery techniques

By altering the relative physical/chemical properties of reservoir liquids, EOR aims to increase
hydrocarbon recovery by maximizing displacement efficiency in a cost efficient way. Below
we briefly summarize the principle EOR mechanisms which are currently employed.

= Thermal EOR is principally employed within accumulations of heavy oil — this being
heated to reduce its viscosity and increase its mobility. Common techniques include
steamflood and cyclic steam injection - see section on oil sands.

= Miscible liquid flooding uses the principle that some fluids can mix with oil and
therefore can be used to displace oil with no capillary resistance. Liquids used include
methane, ethane, nitrogen and CO,.

= Polymer flooding reduces the mobility of displacing water by increasing its viscosity.
This is done to reduce instabilities in the oil-water flooding front — these resulting from
water's greater mobility versus the oil it is being used to displace. This technique works
best within high permeability reservoirs, and might be applied where high water cuts
have developed in the late stages of waterflood.

= Micellar floods use surfactants to ‘scrub’ residual oil from pores by reducing interfacial
tensions and creating emulsions or dispersions of hydrocarbons and water.

= Alkaline flooding, also known as caustic flooding, uses NaOH or KOH to produce soap-
like surfactants (see above). Given the relative availability of NaOH and KOH, caustic
flooding is one of the cheapest EOR techniques.

= Microbial EOR remains experimental, but in theory harnesses micro-organisms together
with a source nutrient, which when injected into the reservoir produce H,, CO, and
surfactants that together help mobilize the oil.
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Oil Field Service Companies — where do they fit?

The oil services sector provide the assets and/or staff (with varying degrees of complexity
and intellectual capability) across various points of the life cycle of oil and/or gas. Their clients
will include the integrated oil companies, national oil companies, the independents, refiners
and petrochemical companies. The oil services span the entire oil and gas supply chain and
will therefore cater for a variety of companies that do not necessarily fall into the
aforementioned client base. They will often sub-contract to each other various parts of the
project whether it be engineering, procurement, installation and/or construction. Of course
the supply chain will ultimately lead to the owner/operator. It is important to note that every
client relationship will comprise personnel from both sides—i.e., the work will never fully be
outsourced.

Put simply the capital expenditure of the aforementioned client base will drive the backlog of
an oil service company. Backlog is defined as the aggregate value of the company’s contracts
(existing and recently awarded) at a specific point in time. Backlog will in turn drive a service
company'’s revenue as projects that can have a shelf life of between 3 months to five years
through to completion. The rate at which a contract crystallises into revenue and ultimately
profit will depend on the nature of the contract, and we expand on this in the next section.

Figure 89: Market cap split between the US and Figure 90: US and European oil service companies
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Although there is some overlap, the US service companies tend to offer drilling and
completion services (e.g. mud logging, supply vessels, pressure pumping etc) and the
Europeans focus predominantly on engineering & construction and seismic activities. A fully
integrated E&C company will participate in the engineering design, construction and
installation (including commissioning) of an oil and gas development effectively being
involved from start to finish.

Making sense of it all

As illustrated in the previous chapter on “Getting it out”, the oil life cycle can be broadly split
into several themes: 1) Exploration and appraisal, 2) Developing the field 3) Production
management 4) Managed decline and decommissioning. Though each segment requires a
certain level of capital intensity, a key common denominator is the heavy reliance on skilled
personnel. This is typically a combination of staff from the operator(s) and contractor(s). The
relationship between operator and service contractor is multilayered and very complex, with
the role of the operator often being one more of project management and funding while the
contractor is responsible for implementing the majority of the work. We illustrate below, the
key global players within the service industry, highlighting their involvement across the
different parts of the oil and gas chain.
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Oil Service companies - Europe

Figure 91: The oil service ¢ by company in Europe
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Figure 92: The oil service chain by company in Europe (cont’d)
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Oil Service companies - US

Figure 93: The oil service chain by company in the US
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Figure 94: The oil service chain by company in the US (cont’d)
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Oil Service companies - Asia

Figure 95: The oil service chain by company in Asia

China Chiyoda Consolidated Daewoo Dubai Dry GS Hyundai JGC
Petroleum Contractors Docks Engineering
Co and
Construction
Identifying Seismic Onshore seismic
targets Offshore Seismic

Onshore Drilling
Exploration and appraisal: [Shallow water driling
drilling services Deepwater driling

Ultra deepwater drilling
Surface servicing
Exploration: associated (Surface equipment

well head services Subsurface servicing
Subsurface equipment and products

Exploration and
Appraisal Driling

Onshore/offshore operations and
maintenance (OPEX)

Deepwater SURF
Deepwater facilities
. . Shallow water SURF/Facilities
Engineering &
Develop the field _ ) Frontier Developments
Construction Services
LNG
Re-gas terminals
Refining & petrochemicals.
Onshore facilities & Infrastructure
Gas to liquids.
Heavy Oil Sands: extraction
Heavy Oil Sands: refining
Po

Non oil and gas

and others

Source: Deutsche Bank

Figure 96: The oil service chain by company in Asia (cont’d)
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Figure 97: Backbone functions of the service sector across the oil life cycle
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A word on costs...

The cost of the various field operations described above has been very much in the limelight
over the last few years. Stories of the over-heated services market in Canada or of capital
over-spend on complex projects such as ENI's Kashagan or Statoil’'s Snoevhit LNG facility
have abounded. Indeed, a glance at average finding and development costs at the IOCs or at
CERA’s cost index highlights that between 2004 and 2008 capex costs in the oil and gas
industry more than doubled. Put another way, CERA estimates that costs rose by ¢.12% pa
between 2000 and 2008, while our analysis of company data suggests an increase of 19% in
finding and development costs over the same period.

Figure 99: IHS/CERA upstream capital cost index — 2000 Figure 100: Industry average Finding and development
to Q12010 costs 2000-2009
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So what is in the cost of a barrel of oil?

In order to understand the drivers of this increase we must first understand exactly what are
the costs incurred in extracting a barrel of oil. Excluding taxation (which we consider later on)
the three key cost components are exploration, capital and operating costs.

= Exploration - the cost of finding resources. Also referred to as finding costs, it includes
signature bonuses, seismic and exploration and appraisal drilling. In terms of accounting
exploration costs are generally expensed if the well is unsuccessful but can be
capitalised if the well is found to be successful for development.

= Capital (or development costs) — these are generally the largest component of the cost
base and can comprise such things as the project FEED (front end engineering and
design), procurement of equipment, construction of facilities, drilling, vessel/rig purchase
and engineering and project management costs. In terms of accounting, capital costs are
effectively the equivalent of FAS 69 development costs and can be capitalised on the
balance sheet and depreciated over time in line with production.

= Operating Costs - these are essentially the day-to-day operating expenses and
comprise such costs as consumables (e.g. fuel, gas and chemicals used in the extraction
of gas and/or gas), aircraft to fly staff to/from the rig, catering on the rig, transportation
and other logistics and day-to-day maintenance of the rig/vessel. Accounting wise
operating costs are expensed to the P&L in the period in which they are incurred.

In an ideal world one would be able to get a good idea of the exact composition of both
capital and operating costs. However, as a result of limited company disclosure and more
significantly the very disparate nature of the producing locations (onshore, offshore, arctic,
desert, etc) this industry is not one that lends itself easily to analysis. As illustrated below,
given the disparate nature of costs both by geography (e.g. Australia vs. US GoM vs. Middle

Deutsche Bank AG/London Page 83



9 September 2010 Integrated Qils Oil & Gas for Beginners Deutsche Bank

East) and type of development (deepwater vs. shallow water vs. onshore), trying to get a
good overview or even compare projects is nigh on impossible.

Figure 101: Average OPEX split in Europe Figure 102: Average OPEX split in US onshore
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Figure 103: Average OPEX split in US offshore Figure 104: CERA capital costs index by project type

Index (Yr 2000 =100)
Rigs (Day rates) ]
Other (labour, %

materials, fuel)
26%

240 -

220 -

200 -

180

Sub-seakit 160 1

6% Steel casings 140 -
40%
Logistics 120
8%
100
Yar;ﬁoi;)sts Q106 Q306 Q107 Q307 Q108 Q308 Q408 Q109 Q209 Q309
o
Overall — Offshore e Deepwater Allland
Source: RDS, Deutsche Bank estimates Source: CERA, Deutsche Bank estimates

As such we present below our assessment of the key drivers of both capital and operating
costs and how the various components may have contributed to the sharp increase in costs
over the last few years. We then present our analysis based on Wood Mackenzie data of
what it actually costs to extract a barrel of oil.

So what drove the increase in costs?
We believe the following factors constitute the key drivers of the oil and gas industry cost
base and were pivotal between 2004-09 in the rise and fall of the cost of producing oil.

= Labour shortage - following major redundancies and outsourcing of in-house services
through the oil price collapse and mega mergers of the late 1990s, most I0Cs
unexpectedly found themselves suffering from a shortage of experienced employees at
a time when the industry embarked on a period of price-driven investment. In order to
attract and re-train experienced engineers from other industries, higher salaries were
often offered. For example the American Association of Petroleum Geologists indicates
that the average annual salary for a geologist with 20-24 years experience went from
$113k in 2005 to nearer $167k in 2008 i.e. annual growth of 14%.

= Complexity of projects — given the various difficulties in accessing resource, I0C’s have
increasingly pushed into ever more complex projects such as deepwater, GTL, oil sands
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Figure 105: Steel prices surged on high demand

increasing the cost of rig/pipe construction
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as well as ever harsher environments. This has led to longer development timelines and
increased costs to develop the necessary technology and get the project operational.

Tight services industry - this surge of interest in developing projects such as the
Canadian oil sands or in the deepwater meant the services industry has grappled to keep
up with demand. Deepwater rig rates rocketed through the 2004 — 2008 period as
illustrated below, while a number of oil sands projects were postponed due to an
overheated services market in Alberta.

Increased competition - at the same time that oil and gas enjoyed a period of
investment growth, so too did other industries many of which use similar services and
materials such as construction, metals and mining and shipping. This resulted in
increased demand and competition for services/consumables and thus higher prices.

Figure 106: Rig rates skyrocketed since 2004 particularly

in the deepwater
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Source: CRU, Deutsche Bank estimates

Figure 107: CERA upstream Capital costs index 2000-end

2009 by component — 12% inflation 2004-2008

Index (Yr2000=100)
Steel
5509 Offshorerigs
500 Equipment
Yards & Fabrication
450 Bulk materials
400 - -t Offshoreinstall'n vessels
Land Rigs
350 Engineering project mgt
300 | — Construction labour
250
200
150

Jul-07

Japan HRC

US$'000/day
700
e Deepwater >7500ft e Shallow <3000ft
600
500
400
300
200
100
P
T 0
Jul-08 Jul-09 Jul-10 8855883833833 8888553838323
o o O (=] (=] (=] (=] o 9 (= (= (= (= o O QO O Q 9O 9
N N N N N N N AN N NN NN NN NN N NN
- M = M = M - ® = M M= ® = ® = o = O
China HRC g 000000 O0COCOC o Qoo oo oo o oo
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Service contracts — through the period of 2004-2008 there was a shift in service
contracts from lump-sum to cost plus. Cost plus increased from ¢.26% of contracts
signed in 2005 to nearer 30% in 2007. This meant that service companies were better
able to pass through cost increases in consumables, labour rates etc.

Figure 108: CERA upstream OPEX costs index 2000-end

2009 by component — 10% inflation 2004-2008
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Commodities — the price of consumables such as fuel, gas and chemicals used in
producing oil and gas, the price of steel (as shown above), even global food prices such
as corn, rice, wheat (this would impact on catering costs in rigs) all rocketed through the
period on increased demand from a number of sectors.
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= Foreign exchange — the majority of budgets and expenses in the oil and gas industry are
in US$. Fluctuations in the value of the US$ can have an impact on industry costs.

How much does it cost to extract a barrel of oil?

In terms of cash operating costs to keep a field producing once it is on-stream, we present
below an analysis we conducted using Wood Mackenzie's country-by-country database
showing an estimate of the weighted average cash operating cost by country against 2009
production. What is immediately evident is that cash operating costs are higher in the more
mature and/or complex regions, while OPEC has by far the lowest operating costs. This is not
surprising given the mature, non-growth regions are faced with declining production on
infrastructure that was designed to handle higher volumes of production. Equally, lower costs
and cost inflation in the Middle East in particular are not surprisingly given this is a growth
region with often huge, lower complexity and readily accessible fields with good surrounding
infrastructure. Shown below we estimate that in 2009 average cash operating costs
excluding royalties amongst the world’s top producing regions were only $6.20/bbl (or
$11.10/bbl if OPEC territories are excluded).

Figure 109: Estimated OPEX cost of production ($/bbl) across major territories (where

OPEX is predominantly lifting and transport)
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Of course, the above only focuses on the operating costs associated with extracting a barrel
of oil from different geographic territories. Add in the capital costs associated with
exploration and development (c$20/bbl globally), taxation (average 67% rate globally) and
expected return on investment (c15%) and the actual cost of developing a new green-field
barrel of oil is significantly higher. Indeed, looking at the growth projects that are expected to
provide the basis for future supply and our analysis of the major growth regions not least the
US GoM, Brazil, Nigeria and Angola suggests that at present an average oil price of over
$60/bbl is required for projects to deliver an above cost of capital return to the partners. This
is not dissimilar to the $70/bbl suggested by OPEC as being ‘fair’.

Where to from here?

While costs have fallen somewhat since the peaks of 2008, they have by no means fallen to
the extent that industry hoped for back in early 2009 when oil prices were near $40/bbl. As
the chart below illustrates, in a ‘blue sky’ scenario, some companies were anticipating a
return to 2005 cost levels. However, flash forward a year and we see that capital costs only
fell a modest 12% from the peak, while opex costs declined by an even more modest 8%.
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Figure 110: Companies had hoped for costs to decline to
2005 levels
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Moreover, CERA believes that cost deflation has bottomed out and that costs will in fact start
to increase from here, surpassing the 2008 peak as early as end 2010.

Figure 111: Harsh reality — declined only a modest 12%
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Quite where costs may move to from here is obviously open to debate. Key however will
remain both tightness in the services market but also, as importantly, the view of the major
oil companies (both NOC and IOC) on quite where the oil price is likely to trade on a
sustainable basis over the longer term. With many companies typically using a $60-80/bbl
price band in their investment decisions, any further sharp spikes in cost would almost
certainly see a reduction in industry investment decisions, thereby driving a reduction in
investment decisions and service sector demand.

Figure 112: Number of FID taken 1970 — 2010 YTD
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Source: Wood Mackenzie Pathfinder, Deutsche Bank estimates

Such behaviour was more than evident through 2008/9 when as illustrated above the number
of final investment decisions (FIDs) taken by the industry started to fall back. Although the
trend has more recently been exacerbated by the economic downturn interesting in our view
is that this reduction initially became evident at a time when the oil price was still strongly
rising. For with project development costs moving to levels which, at $30-35/bbl plus,
required a long term oil price that was above many companies’ expectations the economics
of many planned developments simply collapsed.

Costs may continue to rise. Ultimately, however, economics dictates that over the long run
they must move in line with the oil price.
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In many respects a
company’s reserves are
representative of its
lifeblood

Oil & Gas reserves

A cautionary tale

In January 2004, Royal Dutch Shell stunned investor's by informing them that through
inappropriate bookings over several years it had significantly overstated its proven oil and gas
reserve base. At a stroke the company wiped out 3.9bn barrels or 20% of its previously
reported proven oil & gas reserve base. Investor’s responded by marking the shares down by
8%, so removing around US$15bn from the company’s market value.

But where did the reserves go and how could almost 4 billion barrels of oil equivalent be
there one day and not the next? Equally, how could a company of Shell's stature get its
estimates so wrong? Amongst others, the answers largely came down to definitions of what
can and cannot be considered a proven oil reserve under SEC definitions and the flexibility
that companies have in interpreting those definitions. Of course the oil resource was still
there. It had not disappeared. However, for whatever reason Shell had inappropriately
booked substantial resources as proven reserves for a number of years and in doing so
conveyed an inaccurate picture of the company’s exploration success and potential for
growth over much of the previous decade. Almost overnight, understanding what could and
could not be treated as a proven SEC reserve became a major industry issue with the
credibility of ratios that had long been central to valuing an E&P business thrown into
question. Put bluntly, oil & gas reserve accounting gained new prominence.

Figure 113: Shell reserves replacement Figure 114: Shell reserves restatement
ratios pre & post restatement increases F&D costs/boe ($ 2003)
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A company'’s lifeblood

In many respects a company's reserves are representative of its lifeblood. Qil discovery and
production is after all what most exploration businesses are all about. The reserves statement
is thus key to providing a view of the as yet un-depleted assets of the company and as such
the potential for a company’s future growth. It also affords a strong and yet potentially
misleading representation of the extent to which a company’s exploration efforts have met
with success in any one year i.e. expressed as a percentage of current year production it
illustrates both the extent to which the oil & gas reserve base of the company has been
replenished over the preceding year and, by taking reserves in their entirety, how many years
the current rate of production could be sustained for. At the same time, reserve recordings
are also important to reported profitability. This is because oil companies amortise their
production assets on a unit of depletion basis. Thus the greater the barrels of oil (or units)
associated with an investment project (e.g. the reserves booked), the lower the level of
amortization per unit of production.
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Reserve definitions tend to
focus on those guidelines
provided by both the SEC
and the Society of
Petrochemical Engineers or
SPE

Under SEC rules, reserves
can only be recorded if, per
the guidelines as laid down,
there is a high degree of
confidence that the reserves

are recoverable.

On the face of it, the recording and reporting of reserves data would seem fairly
straightforward. A company explores, it discovers and it records the quantity of reserves
found. It then amortises the cost associated with the discovery and exploration spend on
those reserves on a unit of production basis. However, because determining the amount of
oil and gas discovered, yet alone its recoverability involves, amongst others, estimates of
field size, rock porosity, rock permeability and fluid type, expressing the recoverable amount
is by its very nature uncertain. Add to this uncertainty surrounding the economics of its
extraction (i.e. at current prices is it economic to produce) and it is not hard to see that
reserves accounting has the potential to be a very inexact science.

Yet because the reserves estimate is so fundamental to the value of a company investors
need to have confidence in the reserves estimate. Inaccuracies and both the sustainability
and profitability of a company may be misstated. With this in mind and in an effort to protect
investors, guidelines have been laid down by various regulatory bodies on reserves
accounting with various definitions accorded to reserves dependent upon their status and the
probability of their recovery. It is these guidelines, most significantly those that must be
adhered to for compliance with the US SEC, that form the basis of today’s reserve
statements.

What are reserves?

So how are recoverable reserves defined? Clearly, the absolute level of reserves in a given
field and their recoverability will never be known until production reaches the economic limit
and the reservoir is abandoned. Any reserves estimate is thus almost certain to be
inaccurate. With this in mind the objective of the guidelines and requirements on reserves
reporting is to provide investors with a realistic but, if anything, conservative estimate of
available reserves.

From an industry standpoint, definitions and industry parlance tends to focus on those
guidelines provided by both the SEC and the Society of Petrochemical Engineers or SPE.
Some knowledge of both is therefore necessary. However, as mentioned previously, most
significant for investors and, as a consequence, companies are those laid down by the SEC
not least given that use of the SEC's definitions is obligatory under US reporting
requirements. These tend to be more conservative in their approach. Yet, they have also
come under some considerable degree of criticism in recent years not least as technological
developments within the industry for estimating the scale of recoverability have left them
looking somewhat antiquated in their requirements.

SEC Reserves - Proven developed and proven undeveloped.

Under SEC rules, reserves can only be recorded if, per the guidelines as laid down, they are
deemed to be proved. Two types of recoverable reserves exist namely proved developed
and proved undeveloped. Per SEC guidelines these are defined broadly (but not literally) as
follows.

= Proved oil & gas reserves. These are estimated quantities of oil, gas and NGL's which
geological and engineering data demonstrate with a high degree of confidence are
recoverable from known reservoirs under existing economic conditions (i.e. prices and
costs). Reservoirs are considered proved if economic production is supported by either
actual production or conclusive formation tests. The area of a reservoir considered
proved includes that portion outlined by drilling and defined by gas-oil/water oil
boundaries and the immediately adjoining portions not yet drilled but which can be
reasonably judged as economically productive on the basis of geological and engineering
data. In the absence of data on fluid contacts, the lowest known occurrence of
hydrocarbons (i.e. how far do we conclusively know the oil bearing rock extends) should
be used. Reserves that can be produced economically through improved recovery
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A field will only be included
as recoverable once a final
investment decision or FID
has been taken

techniques can be included as proved when successful testing by a pilot project or
operation of an installed programme is supportive of enhanced recovery in that SPECIFIC
rock formation.

= Proved developed oil & gas reserves. Proved developed oil and gas reserves are
reserves that can be expected to be recovered through existing wells (or existing
extraction technology in the case of oil sands) with existing equipment and operating
methods. Reserves are also considered ‘developed’ if the cost of any required
equipment is relatively minor compared to the cost of a new well. Additional oil and gas
expected to be obtained through the application of fluid injection or other improved
recovery techniques for supplementing the natural forces and mechanisms of primary
recovery should be included as “proved developed reserves” only after testing by a pilot
project or after the operation of an installed program has confirmed through production
response that increased recovery will be achieved.

= Proved undeveloped oil & gas reserves. These are (summarily) those reserves
expected to be recovered with reasonable certainty from new wells on un-drilled
acreage or from existing wells where major expenditure is required for re-completion.
Proved undeveloped reserves should only be booked where it is expected production
will commence within five years unless specific circumstances exist. Following a review
of SEC regulation, companies may now also book volumes to proved undeveloped
reserves that can be recovered through improved recovery projects where the intended
EOR technique has been proved effective by actual production from projects in the same
reservoir or in an analogous reservoir, or based on other evidence that uses reliable
technology to establish reasonable certainty.

The Final Investment Decision or FID

Importantly, however, use of terms like ‘reasonable certainty’, ‘reasonably judged’ and
‘economically’ also confer a considerable degree of latitude to the companies in their
determination of when a field is proven and the scale of the reserves which they may deem
to be recoverable. As such, their application may be more or less conservative. In general,
company practice has evolved such that a field will only be included as recoverable once a
final investment decision or FID has been taken, committing the company to the actual
development of its acreage. The signing of an FID is thus a key indicator for investors and a
potentially important indicator of the timing of reserve bookings.

Room for manoeuvre

Yet, decisions on what level of reserves to report in any given year can be subject to huge
variation and there is certainly the very real potential for companies to massage the level of
recoverable reserves reported in any one year and so present a favourable profile of reserve
replacement to the outside world.

As an example of quite how bookings and interpretations may vary we show below DB
estimates of the bookings made of the Ormen Lange gas field in 2003. Ormen Lange is a
major gas field within Norwegian territorial waters with an estimated 14 trillion cubic feet of
gas reserves. Under the operatorship of Statoil, five partners were involved in its
development at the time that the FID was signed these being Statoil, Shell, Norsk Hydro,
Exxon and BP (BP has subsequently sold its position) and, with the final investment decision
taken in 2003 the partners were free to book the reserves as ‘Proved’ under SEC definitions
in their 2003 accounts. Looking at the reserve bookings and the % shares owned it is
possible to estimate the implied ‘proved recoverable’ reserves as interpreted by each of the
different companies. As illustrated by the figure overleaf and despite the absence of any
disputes between the partners over the field, these varied from an implied 800mmboe at
Shell who, following the travails of their reserve restatement in 2004 almost certainly will
have adopted an ultra conservative approach, to an implied c2bnboe by a more aggressive
BP.
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Figure 115: Ormen Lange - Five partners initially set to

share in the spo

As stated, the point made here is not to say that one company is correct in its bookings and
the other incorrect. The example does, however, illustrate that the SEC rules surrounding
reserves replacement remain subject to interpretation. It also shows how reserves
replacement estimates can be manipulated by companies should they choose to, so enabling
them to present a picture of future potential growth that most suits their needs at a particular
point in time.

Figure 116: Ormen Lange: Same field, same guidelines,

different bookings
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Techniques and technology have moved on

It is also important to observe that since the SEC rules were issued in 1978 industry
technology and technigues have advanced considerably. In particular, advancements in down
hole and seismic technology have meant that significant investment decisions will be made
in field extensions even though expensive ‘flow testing’” may not have occurred. This is
particularly so in off-shore developments such as the Gulf of Mexico where, given the water
depths and environmental requirements, flow testing is extremely expensive and, because of
reserve knowledge acquired through other means, largely unnecessary. Not surprisingly, the
companies are reluctant to commit to expenditure that they deem expensive and
unnecessary in order to satisfy the SEC's reserves booking requirements. This lead to the
SEC performing a comprehensive review of the regulation around the booking of reserves in
2008/09, with guidance updated to better reflect the modern day oil industry.

Changes that were made to SEC reporting guidance include:

= Use of an average oil price (based on the closing price of the first of each month) in
determining entitlement barrels (was the closing price on the last day of the reporting
year, which in recent volatile markets led to significant swings in entitlement barrels,
particularly in PSC regimes).

= |nclusion of unconventional hydrocarbons such as bitumen, oil shale or coal bed
methane gas. The calculation of economic viability of unconventional reserves should be
based on end product prices (i.e. on the price of syncrude in the case of oil sands as
opposed to the price of bitumen). Companies must however highlight reserves that are
non-traditional oil/gas.

= Technology that is considered reliable, that is it has demonstrated consistency and
repeatability in the formation being evaluated may be used to establish reserves
estimates and categories. This means that companies can now book reserves that have
been discovered using technologies other than well/drilling (so long as meet reasonable
certainty requirements and will be developed within normal timelines).

Deutsche Bank AG/London

Page 91



9 September 2010

Integrated Oils Qil & Gas for Beginners

Deutsche Bank

SPE definitions - Proven,
probable and possible

Proven (1P) reserves are
those reserves that, to a
high degree of certainty
(90% confidence or P90), are

recoverable

Proven plus Probable (2P)
reserves have at least a 50%
probability (or P50) that
reserves recovered will

exceed the estimate.

Proven, Probable plus
Possible (3P) reserves are
those reserves that, to a low
degree of certainty (10%
confidence or P10), are

recoverable

= Companies now also have the option to disclose probable and possible reserves should
they wish to do so. The definitions used by the SEC are in line with those of the SPE
(see below).

Non-qualifying reserves under the SEC guideline
Importantly, the SEC also provides guidance on those reserve types that do not qualify for
treatment as reserves.

= Qil, gas and NGL's the recovery of which is subject to reasonable doubt because of
uncertainty as to geology, reservoir characteristics or economic factors. This includes
adjacent reservoirs to existing production that are isolated by major, potentially sealing
faults until such a time as those reservoirs are penetrated and evaluated.

SPE definitions - Proven, probable and possible

We have stated that it is the SEC definitions that are most important in determining reported
recoverable reserves. The SPE definitions which are based on a more probabilistic approach
are, however, also important not least as prior to the revisions performed by the SEC in 2009,
the industry viewed SPE definitions as presenting a better representation of the reserves that
might more realistically be expected to be recovered.

Under the SPE’'s definitions, reserves are presented as proven, probable and possible
depending upon the likelihood of their recovery. Thus:

= Proven (1P) reserves. These are those reserves that, to a high degree of certainty (90%
confidence or P90), are recoverable from known reservoirs under existing economic and
operating conditions. There should be relatively little risk associated with these reserves.
As described earlier, proven developed reserves are reserves that can be recovered from
existing wells with existing infrastructure and operating methods. Proven undeveloped
reserves require development.

= Proven plus Probable (2P) reserves. These are those reserves that analysis of
geological and engineering data suggests are more likely than not to be recoverable.
There is at least a 50% probability (or P50) that reserves recovered will exceed the
estimate of Proven plus Probable reserves. All told this is the level of oil that based on
probability analysis is most likely to be recovered.

= Proven, Probable plus Possible (3P) reserves. These are those reserves that, to a low
degree of certainty (10% confidence or P10), are recoverable. There is relatively high risk
associated with these reserves. Reserves under this definition include those for which
there is a 90% chance of recovery (proven), a 50% chance of recovery (probable) and up
to a 10% chance of recovery (possible). Evidently, 3P reserves are the least conservative
and, whilst ultimately 90% recovery may occur, from the outset the odds are that use of
this measure will overstate the level of recovery.

Perhaps the simplest way of considering these guidelines is by reference to the probability
curve shown below. The curve represents the probability distribution of the amount of oil
recoverable in a field under a multitude of different variables and sensitivities. Through
reference to the curve is possible to interpret that, under the differing assumptions, in 90%
of cases the field would hold at least 270m barrels of oil, in 50% at least 310m barrels of oil
and 10% of cases at least 350m barrels of oil. Conservatively and on a P1 basis, the number
of barrels that is exceeded by 90% of the scenarios plotted is that which would be
recognised as the 1P reserve estimate or in this instance some 270m barrels.
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The SEC guidelines require
the use of the average of the
closing market price of oil
on the first day of each
month as the basis for

calculating proven reserves

Figure 117: SPE reserves: Diagrammatic view of the definitions of 1P, 2P and 3P
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In addition to these three definitions of reserves, a further category exists for those reserves
which for whatever reason are not deemed commercially recoverable at the present time
namely contingent resources (or technical reserves). Thus Contingent Resources are those
quantities of hydrocarbons which are estimated, on a given date, to be potentially
recoverable from known accumulations, but which are not currently considered to be
commercially recoverable. Contingent Resources may be of a significant size, but still have
constraints to development. These constraints, preventing the booking of reserves, may
relate to lack of gas marketing arrangements or to technical, environmental or political
barriers. Thus, for example, in the world of LNG while the gas deposits required for plant
throughput may be known to be in place, a project will almost certainly not be deemed
commercial and investment approval granted until contracts have been signed for the
majority of the LNG product. As such, even though the gas reserves are known to exist, the
absence of a secure market means that they cannot be treated as recoverable.

SEC and SPE - Some quirks.

Roughly speaking, reserves that companies may claim as proven under SEC rules correspond
with 1P (or P90) reserves under SPE definitions. SEC rules do, however, add additional
constraints, not least the two below.

a) The SEC guidelines require the use of the average market price of oil on the first day of
each month over a 12 month period as a basis for calculating proven reserves and
future discounted cashflow whereas under SPE requirement long run budgeting
assumptions are permitted. In the past the SEC used the closing oil price on the 31%
December as the basis for calculating entitlement reserves. However, for those
companies involved in profit sharing contracts (PSC's) this often had a meaningful
impact on the reserves statement. This is because under PSC’'s the oil companies
recover their capital costs through reserves and production entitlement to ‘cost oil’.
Clearly, the higher the oil price used to estimate their entitlement, the lower their
entitlement to reserves. For those for whom PSC's are significant, the result of applying
this guideline in a year when the price of oil has shifted markedly is to require a
meaningful negative adjustment to reserves. For example, we estimate that the c. $34
shift in oil prices between 31 December 2006 and the same date in 2007 resulted in a
potential ¢.30% reduction in reported reserves replacement ratios by the European
majors. Similarly the very low year end oil price in 2008 ($30/bbl) meant that RR rates in
2008 were positively impacted, with the industry average increasing to just under
100%. The move to using an average oil price in determining entitlement should help to
reduce the level of volatility in reserves bookings.
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Figure 118: Impact on RRR as a result of the higher oil Figure 119: Reserves replacement rates negatively
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b)  SEC requirements dictate that only reserves recovered over the current license period
can be included in recoverable reserves even though licenses are commonly extended.
This contrasts with the SPE definition which allows inclusion of reserves recovered over
the field life. The result is a more conservative, and potentially understated, estimate of
future reserves under SEC guidelines.

Reserve revisions

Because the estimation of reserves is inherently uncertain, it seems only natural that any
statement of reserves is likely to be subject to revision as new information on the potential to
recover oil from a given field becomes available. Similarly, as new reserves are discovered
through exploration, existing fields extended by new drilling, or enhanced recovery
techniques applied to existing fields so estimates of reserves are likely to alter. Each year all
of this information is thus presented separately for both oil and gas reserves on a region by
region basis in a company'’s reserves statement with the movements categorized according
to the source of their alteration.

= Technical revisions or revisions of estimates: Either positive or negative, technical
revisions represent alterations to the initial estimate of the reserves that were deemed
recoverable from a particular field. Given that the initial reserves estimate will typically
have been presented on a conservative P1 basis, it would be reasonable to expect that
they should in most cases represent additions although this need not necessarily be the
case, particularly where a company is involved in profit sharing contracts at a time of
rising oil prices (see later). Nonetheless, significant and repeated negative technical
revisions with no good reason and investors are likely to question the quality of the
reserves data. Note that no new capital expenditure should be associated with this sort
of revision.

= Discoveries & Extensions: \Where discoveries are self explanatory, new reserves may
also be added by extending the boundaries of an existing field through drilling new wells
or revising geological and engineering interpretations not known to exist when the
opening balance reserves were estimated. Extensions are thus usually the result of
successful drilling operations and will likely require significant capital investment for
extraction.

= Improved recovery: Given time and technology, the potential for the extraction of oil
from a field may prove greater than initially anticipated i.e. recovery rates increase.
Typically this will be because at the time the field was first included in the reserves
statement, the potential for enhanced oil recovery would not have been assessed.
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= Acquisitions and disposals: Shown separately, reserves movements on acquisitions
and disposals highlight the reserves which have either been disposed of through the
year or those acquired as asset parcels or through the purchase of another company.

Figure 120: Sources of industry reserve movements Figure 121: The North Sea: technical extensions and
2000-2009 enhanced recovery can be key to production growth.
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Reserves: What do they
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Intuitively, it would seem natural to expect that the single most important driver of reserve
movements would be those reserves discovered through exploration. However, as illustrated
above the reality is often very different. For example we estimate that extensions and
discoveries on average accounted for around 50% of the increase in reserves in the period
1990 to 2003 (excluding reserve acquisitions). This is also largely illustrated by production and
reserve creep in the North Sea. Whilst a significant proportion of the extension of North Sea
production will have resulted from the discovery of new fields, a substantial proportion of the
improvement arose as a consequence of greater recovery rates than initially anticipated aided
by improvements in technology and changed economic circumstances (in this case a notable
favourable change in the basis of taxation).

Reserves: What do they actually tell us?

Conceptually, data on reserves is of paramount significance when assessing the valuation of
an exploration and production business given that it affords important information on the
outlook for near to medium term growth, business sustainability, asset value, exploration and
development efficiency and a company’s exploration capability. Indeed, of all of the ratios
that are used to analyse a company’s performance, it is those derived from the reserves
statement that provide the most insightful information on a company's prospects and relative
profitability.

= Medium term growth: On the basis that under SEC reserve rules companies’ capital
investment plans and reserve bookings go largely hand in hand, the reserves
replacement ratio (i.e. aggregate reserve additions divided by annual production
expressed as a percentage) affords a strong insight into near to medium term growth.
This is because by booking the reserves the company is in large part indicating that
investment plans are in place for the development of a set level of reserves. Thus
reserve additions in excess of 100% on average over several years and the company is
affording a strong indication that production is likely to grow. Similarly, reserve additions
below 100% on average for a sustained period and pretty soon growth is likely to
deteriorate.

= Business sustainability: By dividing total year end reserves over annual production,
investors are afforded a view of how many years a company could sustain production for
at current levels. Clearly, as a resource based industry, the greater the number of years
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of potential production the greater the value of the company and the more sustainable
the valuation. It should be noted that, for a growing business, to maintain proven
reserves at a set number of years requires greater than 100% annual reserves
replacement. Indeed, for a company growing at 1% annually over the long term with
10.0 years of reserves life, reserve replacement would have to run at 111% per annum if
reserves life of 10.0 years were to hold constant.

Figure 122: 2009 SEC 1P reported reserves by company Figure 123: 2009 Reserve Life by Company
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Asset value: As a resource based industry, the absolute level of a company’s reserves is
clearly a central part of valuation affording investors a strong view of the company’s net
asset base and, consequently, a further means of assessing absolute value and inter-
company comparisons.

Cost efficiency. Combined with disclosed costs for exploration and development,
reserves data provides investors with a view on the costs associated with discovering
and developing a barrel of oil (typically expressed in US$ as finding and development
costs per barrel of oil equivalent). This in turn affords investors with insightful information
on the potential profitability of a company’s operations and allows for useful inter-
company comparisons. Taken over time, this cost information also provides insight into
the direction of industry costs and efficiency. Key ratios include finding costs per barrel
of oil equivalent, finding and development (F&D) costs per barrel of oil equivalent and
technical costs.

Exploration capability: Reserves data affords investors an insight into how successful a
company has been relative to its peers at discovering new, commercial resources. All
other things being equal, one would clearly expect a company that had shown consistent
success in replacing its reserve base to be valued more highly than one whose record
was less successful.

SEC Proved reserves versus 2P reserves: To the extent that companies release
estimates of their total resource base in addition to SEC reported reserves, investors are
afforded some insight into the potential for near term reserves bookings and, potentially,
how conservative companies are in their reserve bookings. Perhaps more significantly,
the provision by consultants such as Wood MacKenzie of estimated 2P reserves data for
the different oil majors affords a useful view of the extent to which companies may or
may not be conservative in their SEC reserve bookings together with an idea of how
much scope exists to replace reserves from the existing resource bank in the medium
term future.
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FAS 69 sets out a
comprehensive set of
disclosures which all
publicly traded oil and gas
companies are required to

publish annually.

Reserves Accounting- FAS 69

FAS 69 sets out a comprehensive set of disclosures which all publicly traded oil and gas
companies are required to publish annually. Necessary disclosures include; proved oil and
gas reserve quantities, capitalised costs relating to oil and gas producing activities, costs
incurred in oil and gas property acquisition, exploration and development activities, results of
operations for oil and gas producing activities and a standardised measure of discounted
future cash flows.

Disclosure of proved oil and gas reserves

Net (both operating and non-operating interests) quantities of proved and proved developed
reserves of crude oil and natural gas must be disclosed as at the beginning and end of the
year. Changes in the net reserves should be disclosed separately as follows:

= Revisions of previous estimates: Changes in estimates resulting from development
drilling/changes in economic factors

= |mproved recovery: from application of improved recovery techniques

m  Purchases of reserves in place from other companies

m  Extensions and discoveries: extension of proved acreage and the discovery of new fields
with proved reserves

= Production: volume of reserves exploited during the year
®m  Sales of reserves in place to other companies

If reserves relating to royalty interests are not included because the information is
unavailable, that fact and the enterprises share of hydrocarbons produced should be
disclosed for that year. The geographic location of the reserves should also be disclosed, in
addition to oil and gas purchased under long-term supply agreements. As with all the
disclosures detailed below, investments that are equity accounted should not be included but
disclosed separately.

Disclosure of capitalised cost relating to oil and gas producing
activities

The aggregate capitalised costs and the aggregate accumulated depreciation, depletion and
amortisation (DDA) incurred during the year must be disclosed.

Capitalised costs comprise all costs capitalised during the year on both proved and unproved
properties. DDA costs represent the accumulated depreciation on capitalised oil and gas
assets and is included in technical costs, which are calculated on a per barrel of oil equivalent
basis. Technical costs also include exploration costs and production costs.

Disclosure of costs incurred in oil and gas property additions

Both property acquisition costs expensed during the year and finding and development costs
must be disclosed. Finding and development costs are generally quoted on a per barrel of oil
equivalent basis. Finding costs comprise the costs of the exploration and appraisal
programmes, while development costs are the costs of constructing and installing the
facilities to produce and transport the oil and gas. Together they compare the money spent to
add reserves with the actual reserves added.
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Operations for oil and gas
producing activities must be
disclosed in aggregate and
for each geographic region.

Disclosure of operational results

Operations for oil and gas producing activities must be disclosed in aggregate and for each
geographic region. This disclosure is effectively an income statement for FAS 69 purposes
and includes:

= Revenues: must be separated into sales to third parties and sales to affiliates. All
revenues must be shown at arms-length prices. Production or severance taxes should
not be deducted in determining gross revenues but should be included as part of
production costs. Royalty payments and net profit disbursements should be excluded
from gross revenues.

= Production costs: also known as lifting or operating costs — comprise staff costs, on-site
energy costs, rental of capital equipment and consumables such as drill bits etc.

m  Exploration costs and DDA as explained above

= |ncome taxes: which are calculated using the statutory tax rate for the period

Disclosure of discounted future net cash flows

A standardised measure of discounted future net cash flows relating to an enterprise’s
interests in proved reserves and in reserves subject to purchase under long-term supply
agreements must be disclosed at the year end. This incorporates the following:

m  Future cash inflows: calculated by applying the year-end prices to year end reserve
volumes

= Future development and production costs: estimated expenditure to be incurred in
developing and producing the proved oil and gas reserves based on year end costs
(assuming a continuation of existing economic conditions)

= Future income tax expenses: calculated by applying the appropriate year-end statutory
tax rates, with consideration of future tax rates already legislated, to the future pre-tax
net cash flows, less the tax basis of the properties involved

m  Future net cash flows: future cash inflows less future development and production costs
and tax expenses

m  Discount: discount rate of 10% p.a. to reflect the timing of the future net cash flows

m  Standardised measure of discounted future net cash flows: future net cash flows less
the computed discount

In addition, the aggregate change in the standardised measure must be disclosed and if
material should be presented in its individual components; net change in sales and transfer
prices and in production costs related to future production, changes in estimated future
development costs, sales and transfers of oil and gas produced during the period, net change
due to extensions, discoveries and improved recovery, net change due to purchases and
sales of mineral in place, net change due to revisions in quantity estimates, previously
estimated development costs incurred during the period, accretion of discount, net change in
income taxes and other.

Disclosure of current cost information

FAS 69 permits companies to use historical cost/constant dollar measures in computing
assets and related expenses. Companies need to present supplementary information in a
current cost basis if it has significant holdings of inventory and other non-hydrocarbon related
property, plant and equipment balances.
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So how do analysts use FAS 69 information?

The most commonly used measures of upstream performance for analysing companies
include finding and development costs, technical costs, DD&A, reserves replacement ratios
and reserves life.

Finding costs. Finding costs comprise the costs of exploration and appraisal programmes
alone i.e. how much did it cost the company to find each barrel of oil actually added to
reserves in the year. Costs included would include drilling, lease or purchase of equipment,
seismic assessments, cost of employees involved in exploration. Finding costs have risen
considerably over the last few years as reserves replacement has come under pressure at a
time of rising costs.

Finding costs = Total exploration costs divided by organic reserves additions (i.e. revisions,

improved recovery & discoveries/extensions)

Figure 124: Industry average finding costs 2000-09 Figure 125: 10C finding costs 3-yr average 2007-09
($/boe) ($/boe)
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Finding & Development costs. Developments costs are the costs of constructing and
installing the facilities to produce and transport oil and gas together with acquisition spend.
Finding and development costs can be broken into four categories: three form part of the
broad exploration and development cycle (acquisition of acreage, exploration of that acreage
and development of any successes) while the fourth is the purchase of existing reserves.

Finding & Development cost/bbl = Exploration plus development expenditure divided by organic
reserves additions (i.e. revisions, improved recovery & discoveries/extensions)

Figure 126: Average industry finding & development Figure 127: 10C finding & development costs 3-yr
costs $/boe ‘2000-09 average 2007-09
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Depreciation, Depletion and Amortisation: (DD&A) represents the amortisation of the
capitalised value of oil and gas properties on a unit of production basis.
DDA = Depreciation, depletion and amortisation charge for the year/production for the year

Figure 128: Industry average. DDA $/boe 2000-09 Figure 129: I0C DD&A 3-yr average. 2007-09 ($/boe)
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Technical costs: Technical costs include exploration expenses, DD&A and production costs
i.e. it is the entire cost excluding any marketing costs, involved in producing a barrel of oil
(finding, developing, producing, etc).

Technical costs = exploration costs + DD&A costs + lifting costs/annual production

Figure 130: Industry average technical costs $/boe 2000- Figure 131: I0C technical costs 3-yr average 2007-09
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Reserve replacement ratio: This is defined as the company’s ability to replace production
with reserve additions in the year under review. The reserve replacement ratio can be shown
excluding (i.e. organic growth) or including acquisitions.

Reserve replacement ratio = Movement in reserves (revisions & reclassifications + improved
recovery + extensions and discoveries) /Total production for the year

For RRR inclusive of M&A also include acquisitions and disposals in calculation of movement in reserves
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Figure 132: Industry average reserve replacement % Figure 133: I0C reserve replacement 3-yr average 2007-
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Reserve Life: This is the number of remaining years of 1P reserves and is calculated as
remaining reserves over annual production. It indicates how many years a company can
continue to produce from its existing reserves should it find no additional reserves and
maintain the same rate of production. Despite much pessimism regarding reserve life, as the
below chart shows, the average in 2008 was not very dissimilar to the average 10 years ago.
It is also worth noting that these reserve lives are only based on 1P reserves, while most
companies have significant volumes of 2P reserves, which are considered by the industry a
more accurate representation of sustainability.

Reserve Life = Total 1P reserves/annual production

Figure 134: Industry average reserve life 2000-09 (years) Figure 135: I0C reserve life 3-yr average 2007-09 (years)
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All of the above FAS69 indicators are used by the market to assess the efficiency and
profitability of each company. However, it should be noted that these measures are not
always the most meaningful. For example, finding costs relate to exploration expenditure
incurred in that year and usually have nothing to do with the actual reserves booked in that
year given it normally can take up to 3 years before FID is taken on a discovery and the
reserves are booked. Similarly, development costs incurred in a single year by and large do
not relate to the majority of the reserves booked in that same year e.g. F&D costs at RDS
appear very high over the last number of years as it invested heavily in its giant oil sands and
LNG projects where only limited reserves were booked.
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Figure 136: Oil reserves around the world - 1,476 billion

barrels at end of 2009
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Over 50% of the world'’s oil
reserves are located in the
Middle East

North America

Reserves - Where and what?

It is the nature of life that all things most highly sought are the hardest to find...and oil is no
different. Located predominantly in ‘unfriendly’ countries or in technically challenging
locations or located in vast quantities in ‘friendly’ countries but in difficult to extract/process
forms, oil reserves are not to be had easily.

Figure 137: Gas reserves around the world - 6,621 TCF
at end of 2009
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As illustrated above, over 50% of the world’s oil reserves are located in the Middle East, a
region which has suffered repeated geopolitical tensions and instability throughout the years.
Saudi Arabia alone with its 264 billion barrels is the world’s largest holder of oil reserves and
consequently the largest producer and exporter of oil in the world.

It is worth noting that all reserves estimates for OPEC countries are issued by the countries
themselves who do not issue any detail on wells or any detailed data hence these estimates
could be subject to manipulation (particularly when we consider that OPEC production quotas
are tied to its members reserves and that the level of reserves in a country can enable that
country to gain access to bigger loans at lower interest rates). It is also worth noting that the
definition of reserves varies from country to country e.g. in the US only reserves that are
being produced are classified as proven while in Saudi Arabia all known fields are classified
as proven, while Venezuela includes non-conventional oil (bitumen) in its reserve base.

So how much oil has been extracted?

While the use of oil is age old, commercial production only truly commenced in the 1860s
following Drake's drilling success in Pennsylvania. Since then some 50,000 oil fields have
been discovered and oil production has increased exponentially; in 1859 total annual
production in the US was a mere 2,000 barrels, within 47 years this figure was 127mbbils,
and in 2006 a total of 2.6bn bbls were produced in the US. While it is almost impossible to
accurately state what total initial, global reserves were (given new fields are discovered every
year and reserves estimates are changed as new technology is developed which enables
additional reserves to be classified as commercial), it is estimated that approximately 77% of
the world’s total recoverable oil has already been discovered of which 39% has already been
produced and consumed. As illustrated below, an average 46% of initial reserves in the top
ten reserve holders have been depleted since production commenced.
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Figure 138: The world’s largest oil fields

Field Name Location Start up Discovery Recoverable reserves Remaining Peak Production Field

(year) (year) (m bbl) Reserves (mbbl) (kb/d) Participants
Ghawar Saudi Arabia 1951 1948 126201 64551 5573  Saudi Aramco
Greater Burgan Kuwait 1946 1938 48372 20533 2416 KOC
Safaniyah Saudi Arabia 1957 1951 36536 21044 1552 Saudi Aramco
North/South Rumaila Iraq 1954 1953 24807 13283 1534  South Oil
Samotlor Russia - West Siberia 1969 1961 21163 3432 3027 TNK-BP
Kirkuk Iraq 1934 1927 19853 5098 1424 North Oil (NOC)
Cantarell Mexico 1981 1976 17500 6,000 2,100 PEMEX
Romashkin Russia- Volga-Urals 1945 1943 17125 1944 1081 Tatneft
Upper Zakum (UC) UAE 1982 1964 16125 16125 650 ZADOC
Shaybah Saudi Arabia 1998 1968 14698 13156 1000  Saudi Aramco
Abqgaiq Saudi Arabia 1946 1941 14348 3347 1056  Saudi Aramco
Gachsaran Iran 1940 1928 14084 4686 921 NIOC
Kashagan Kazakhstan 2009 2000 13600 13600 1800 ENI
Ahwaz Asmari Iran 1959 1958 13597 4290 1082 NIOC
Lagunillas Venezuela 1926 1926 13140 325 237 PDVSA
Manifa Saudi Arabia 1964 1957 12800 12332 1100  Saudi Aramco
Marun Iran 1965 1964 12173 2101 1344 NIOC
Khurais Saudi Arabia 1963 1958 12082 11826 1075  Saudi Aramco
Prudhoe Bay Unit US (Alaska) 1977 1968 12015 1266 1540 BP
Zuluf Saudi Arabia 1973 1965 11899 8087 600 Saudi Aramco
Northern Fields Kuwait 1960 1955 11692 7156 900 KOC
Rokan PSC Indonesia 1954 1940 11651 1505 963 Chevron
Agha Jari Iran 1939 1936 10933 1653 1023 NIOC
Fyodorov Russia- West Siberia 1973 1971 10662 2241 723  Surgutneftegaz
Songli Historic China - - 9894 0 1209 PetroChina
Bachaquero Venezuela- West 1930 1930 8491 324 238 PDVSA
Qatif Saudi Arabia 1946 1945 8385 7392 500 Saudi Aramco
Berri Saudi Arabia 1967 1964 8381 3785 762  Saudi Aramco
Majnoon Iraq 2002 1977 8259 8186 1250 NOC
Bu Hasa UAE 1965 1962 8258 1796 n.a. ADCO
Daqing Fields China 1960 1959 7884 5375 1079 PetroChina
AFK Group Saudi Arabia 2007 1940 7719 6019 500 Saudi Aramco
Sarir Libya 1961 1961 7665 0 1175 LNOC
Tia Juana Lago Venezuela 1929 1929 7360 216 115 PDVSA
Nahr Umr Iraq 1998 1949 6789 6779 500 NOC
TUPI Brazil 2010 2006 6500 6500 n.a. Petrobras
Tengiz Kazakhstan 1991 1979 6292 5300 669 Chevron
Abu Sa'fah Saudi Arabia 1966 1963 6219 4613 300 Saudi Aramco
Azeri Chirag Guneshli Azerbaijan 1997 1979 5400 4865 1105 BP
Bab UAE 1959 1954 5343 5343 320 ADCO
Ahwaz Iran 1971 1959 5340 4038 490 NIOC
NC Basin (Sinop) Historic China - 1961 5193 0 798 Sinopec
Dukhan Qatar 1949 1940 5026 1518 375 QP
Zubair Iraq 1950 1949 4931 3554 300 NOC
Priobskoye Russia West Siberia 1988 1982 4778 3990 600 Rosneft
Mamontovskoye Russia West Siberia 1970 1965 4597 670 689 Rosneft
Marjan Saudi Arabia 1973 1967 4429 2862 300 Saudi Aramco
Lower Zakum UAE 1967 1964 4202 1265 250 ADMA

Source: Deutsche Bank, Wood Mackenzie
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Figure 139: Net difference between annual reserves

additions and annual consumption.
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Peak Oil refers to the point
at which world oil output
will reach a maximum,
irretrievably declining

thereafter.

Dr M. King Hubbert — the
father of Peak Oil
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Another way of looking at it is to consider the net difference between annual reserve
additions and annual consumption i.e. are we discovering sufficient reserves every year to
replace oil consumed during the year. As the above graph illustrates, with the exception of a
few years (notably 1999 where the Canadian oil sands are added to global reserves in our
figures) global consumption outpaces reserves additions.

What is Peak Oil?

Peak Qil refers to the point at which world oil output will reach a maximum, irretrievably
declining thereafter. The last 100 years of worldwide GDP growth and associated
improvement in living standards has been built on the ready supply of relatively cheap energy
- i.e. oil. The idea that it will all shortly end is inherently alarming and hence Peak QOil
proponents have until recently at least, found willing listeners to their conclusions.
Economists on the other hand, have long argued that Peak Oil arguments are flawed, and
several lively debates between the two parties have taken place.

Dr M. King Hubbert - the father of Peak Qil

Dr. M. King Hubbert was a geophysicist who worked for Shell in the 1950s. He is credited
with having correctly forecast the 1970 peak in US oil production, 14 years before the event.
This impressive achievement gives credibility to his method, which is then applied by Peak
Oil proponents to the world at large. Hubbert's method was not complicated; he assumed
that US oil production would follow an exponential rise but would be constrained by the fact
it is a finite resource. This results in the ‘logistic’ curve, which resembles a bell curve and is
also used to model population growth. We show his predictions (1970 was actually an
extreme scenario in his range of forecasts) for US oil production versus actual below:

Despite Hubbert's success with his US oil peak forecast, it was merely an extreme scenario
out of several. His central forecast was actually for a US oil peak of 7.4mb/d in 1963, whereas
the real peak was of 9.6mb/d in 1970. Most people do not refer back to the 1956 paper
Hubbert wrote and so are unaware that Hubbert's central forecast was off by almost 50% (8
years until the peak instead of 14). Whether reviewing Hubbert's original forecasts, or simply
looking at all the forecast ‘Peaks’ that have failed to materialise (the first was for 1940, made
by the USGS in 1918), it is clear there are some fundamental problems with the methods
employed by the Peak Oil camp.
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Peak oil fails to take account
of oil prices, technology, the
inaccuracy of reserve
estimates and non-

conventional oil

Figure 141: Actual US crude production and Hubbert’'s forecasts
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A critical weakness - simple economics ignored

The common ground between many Peak Qil forecasts is that they assume a fixed amount of
oil remains to be recovered in the world. This may be intuitively reasonable but fails to take
account of oil prices, technology, the inaccuracy of reserve estimates and non-conventional
oil — all of which have a huge impact on the world’s ultimately recoverable reserves (URR).

= Qil prices matter. The amount of oil left in the world is less important than one might
think. What matters is the amount that is economically recoverable. As oil prices rise this
figure increases, because investments in new wells, infrastructure or other measures
that extend the field’s life become NPV positive at higher oil prices. A key failing in
traditional Peak Qil analysis is that it failed to connect the dots between increasing oil
scarcity, higher oil prices and more reserves becoming economic.

= Technology matters. Even without oil price rises, technology progresses and reserves
that weren't economic at say $40/bbl become economic with the introduction of new
equipment and procedures. Horizontal drilling, 3D and multi-azimuth seismic, increased
reliability of equipment; all of these have helped drive up economically recoverable oil
reserve estimates.

= How much was there to start off with? It depends on who you ask. The problem is
that this figure is not known with any degree of accuracy; credible estimates of this
figure vary from 1.9 trillion bbls (Campbell, 2002) to 4.4 trillion bbls (USGS high end
estimate, 2000).

= There is more to oil than conventional. Oil sands, heavy oil and the potential of shale
oil are not included in most Peak Qil analysis, yet these represent vast reserves; c.1.0
trillion bbls in oil sands/heavy oil and an estimated 1.5-2.0 trillion bbls in shale oil. Gas
represents another huge resource that equates to over 1.0 trillion boe, but again is
usually excluded from Peak QOil literature.

There are other criticisms of the traditional Peak Oil arguments, including the fact that it is
quite clear that very few fields or basins have delivered a bell curve production profile, and it
seems very unlikely that the world’s production profile will either; economics suggests a long
tail as more and more substitutes become economically viable.
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There will be a peak, and it
will probably be within the
lifetime of most people that
read this text

So when will a peak occur and does it matter?

In 2006 Exxon stated that it believed there will be no peak for at least 25 years, and the IEA
forecasts a peak between 2025-2050. So is there no need to worry?

There will be a peak, and it will probably be within the lifetime of most people that read this
text. What matters is not when such a peak occurs but what will the mix of energy supply be
in 100 years, and how painful the transition will be. Relying purely on market forces, I0Cs and
OPEC countries to ensure a smooth transition seems like a recipe for turmoil. Rather,
governments need to help the process. For example governments could:

= Much more aggressively promote more energy efficiency measures and lifestyles by
appropriate tax schemes and other incentives.

= Encourage a step change (by say an order of magnitude) in investment by companies,
including the I0Cs, into alternative energy sources.

= Provide substantial state funding for research into alternative energy.

With careful management of both the demand and supply side of oil and gas governments
could help minimise the pain in the transition from the hydrocarbon age to a post
hydrocarbon world. There are tentative signs that the process has started. The alternative is a
much more dramatic change, which would likely only add to worldwide tensions.
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There are just two major
fiscal arrangements used in
the taxation of oil and gas
producing activities — those
based on a concession and
those on a contract

Oil & Gas Taxation

Concessions & contracts — An overview

The sheer scale and value of the oil and gas industry together with its strategic importance
has meant that governments have long seen the extraction of hydrocarbons as an important
potential source of revenue. As such, oil & gas taxation is a very important part of today’s
industry with government-take invariably representing the single largest portion of an oil &
gas project’s cash flows. Moreover, most producing countries have established separate and
distinct tax legislation laying down the specific fiscal terms that are to be applied in
calculating the revenues and taxable profits of their upstream hydrocarbon industry.

Two main systems — tax & royalty or production sharing arrangements

While no two countries are likely to have identical fiscal legislation, as a general rule there are
just two major fiscal arrangements used in the taxation of oil and gas producing activities;
those which are concession based and as such focus on a tax and royalty system; and those
which are contract based and as such represent a defined contractual arrangement between
the resource holder and the contractor, most commonly in the form of Production Sharing
Contract (PSC) or, in certain limited cases, a Buyback Contract (which is effectively a contract
for services). As a general rule of thumb, oil production in OECD countries or countries that
have a long history of oil production tend to work on the basis of concessions (US, UK,
Venezuela, the UAE, etc) whilst those in the developing world tend to be based on PSCs or
contracts for service. In several cases both types of arrangement will be applied.

Figure 142: Distribution of global tax systems between concession, PSC, buyback
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In determining the type of system used resource holders are typically trying to strike a
balance between maximizing state take through both tax and/or profit share while still
attracting additional prospective investment. For the operating company or contractor, the
objectives are to maximize its return and protect its investment yet equally to ensure a stable
fiscal environment that will allow for more predictability when assessing future cash flows.
With this in mind it is perhaps of little surprise that concession systems with their broader
terms should be those most commonly found in OECD-member countries whilst in
developing countries government-endorsed contracts are more typical.

Tax take varies - but the global average is estimated at 67%

Many other factors will, however, also apply to a contractor’'s willingness to invest not least
the extent of the resource base, the technical challenges associated with extraction, the
importance of the oil industry to the economy, competition, political ethos and so on. As a
consequence, government take varies significantly from country to country as illustrated by
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Regressive or progressive?

the chart below. Thus for example in Ireland with its narrow resource base and limited
prospectivity the modest level of government take at 18% is designed to incentivise
exploration and development. This contrasts with, say, the 90% plus rate of take now typical
in Libya, a known hydrocarbon province whose highly prospective basins offer significant
opportunity for the discovery of meaningful onshore reserves. In a recent Wood Mackenzie
study, the weighted average government take globally was estimated at 67% of the
industry’s pre-tax NPV (or 72% if NOC equity is included).

Figure 143: government take of project pre-tax NPV in selected countries (%)
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Regressive or progressive?

Quite aside from the absolute level of tax take attributable to the government at a particular
oil price, fiscal systems also vary in their allocation of upside to higher oil prices or downside
to lower prices between the resource holder (i.e. government) and the contractor (i.e. IOC).

In a progressive tax system, government share of a project’'s NPV rises at times of
increasing prices so exposing it to oil price upside yet similarly falls at times of declining
prices. In doing so, the resource holder benefits disproportionately from an increase in the
value of its resource that is associated with rising prices whilst the risk-taking contractor
obtains some downside protection on its investment in the face of declining prices. This
contrasts with a regressive tax system in which the government's percentage share of
project NPV falls at a time of rising oil prices but rises as oil prices fall.

In general, concession systems tend to be regressive to neutral with the resource holder
capturing a smaller share of overall value as the oil price appreciates. By contrast, production
sharing contracts tend to be progressive with the resource holder entitled to a greater share
of project value given an appreciating oil price.

Concession regimes tend to be regressive — leaving them vulnerable to change
Importantly, this difference between the two systems has had significant consequences in
recent years as governments have looked to capture a greater share of the upside from
higher oil prices. Unsurprisingly, the regressive to neutral bias of concession regimes has
meant that, since 2002, the vast majority of the unanticipated increases in taxation
announced by governments have been in concession-based regimes with governments as
diverse as those in the UK and Venezuela implementing material increases in tax. This is not
to say that the terms applicable to new PSCs have not tightened. Indeed, the terms of most
PSCs negotiated today are less generous than they were, say, five years ago. However, in
the case of a new PSC the contractor has at least agreed to the less favourable terms upon
entering the contract. In a concession, for existing projects it has clearly not.
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Concessions or tax & royalty
regimes describe a system
where the oil industry is
granted the rights to
prospect for resource within
a defined onshore or
offshore acreage.

Figure 144: Broad tax changes since 2002 have focused on concession regimes

Country Tax form Change

UK Concession Increased tax take to 50% from 30% by adding supplementary tax on post 1993 fields

Venezuela MF Concession Increased tax rate on marginal fields by increasing royalty to 33% and tax to 50%

Venezuela Faja Concession Increased tax on heavy oil projects raising royalty to 16.7% and tax to 50%

Bolivia Concession Introduced royalty rate of effective 50% from 18% and state granted equity share
Russia Concession Introduced export duty at 90% on oil prices over $27/bbl

Russia PSC PSC Altered terms reducing cost oil and seeing payment of special dividend

Argentina Concession Introduced tax capping export price at $42/bbl

Alaska North Slope Concession Introduced sliding scale supplementary tax on prices over $40/bbl

Canada (sands)
US GoM

Concession Introduced sliding scale royalty on prices over $55/bbl

Concession Raised royalty to 18.75% from 12% on all fields

Source: Deutsche Bank

Tax & Royalty Concessions

At its most basic, concessions or tax & royalty regimes describe a system where the oil
industry is granted the rights to prospect for resource within a defined onshore or offshore
acreage. The concession holder takes ownership of all minerals found on that acreage, but
pays a % of their value upon extraction to the government together with a modest annual fee
to retain the acreage. This is typically through the payment of a royalty on the revenue base
(e.g. 18.75% in the US Gulf of Mexico) and the payment of tax at the determined corporate
rate on profits (e.g. 35% in the US Gulf of Mexico). Consequently, as the oil price rises,
government’s share of the barrel remains broadly constant, with full upside accruing to the
contractor.

Figure 145: Schematic depicting tax and royalty calculation in a concession

(less) _ Royalty 17
@17% $
Opex < (less)
$40
(less)
Capex <«
(less) R Tax $15
. @35%
v (equals)

Net Cash Flow| $28

Source: Wood Mackenzie; Deutsche Bank

Overall, government take under a concession is generally relatively easy to tabulate. It will
vary depending upon royalty rate, corporation tax rate and the rate at which capital
expenditure can be recovered against profits i.e. the tax depreciation schedule. This latter
point is important in that, at times of rising costs the pace of capital recovery against profits
may be such that capex cannot be recovered until several years after it is incurred. For
reference we show below the main components of taxation in several key geographies.
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In a PSC agreement a
contract lays down the
terms under which the
barrels produced from a
development project will be
allocated between the
resource holder and

contractor

Figure 146: Summary tax terms in major concessions

Royalty rate Corp. tax rate Depreciation Other tax rate

UK None 30% Year incurred 20% supplementary tax
us 18.75% 35% 7 year system n.a.

Norway None 28%  Six years with 4 year uplift 50% hydrocarbon tax
Russia Variable 24% Varies Up to 65% export tax
Nigeria Concession 0-20% n.a, b year straight line with uplift 85% Petroleum tax
Australia 12.50% 30% 10 years 40% PRRT

Venezuela 30% 50% Varies Several indirect
Argentina 12% 35%  Unit of production Export duty liable
Canada sands 1-40% 18% 4 years 10% state tax

Source: Deutsche Bank * Increased to 18.75% from 16.7% for lease sales from 2008 onwards

Outside royalty and corporation tax, the rise in the price of crude oil in recent years has seen
the introduction of several sources of additional taxation as governments have looked to
capture a greater share of the value of the resource base. Not least amongst these have been
export taxes in Russia (65% tax on all revenues over $25/bbl) and Argentina (no upside over
$42/bbl to the concession holder), sliding scale royalties in Canada and Alaska (whereby
royalty rates rise at higher oil prices) and the introduction of supplementary petroleum taxes
in the UK and Norway (now a 20% increment to corporation tax in the UK and 50% in
Norway).

Don’t forget reserve bookings!

There is, however, one final key point regarding concession systems. This is that, under SEC
reserve reporting requirements, even if 99.9% of the revenues realised from the production
of a company’s working interest in a field is to be paid away as royalty and tax, the company
is still entitled to book all of the barrels to which it is entitled as reserves (with the exception
of the US where royalty barrels may not be consolidated). As we shall see, this stands in
stark contrast to the rules for PSCs whereby only the barrels to which it will be entitled at the
year-end oil price qualify as proven reserves.

Production Sharing Contracts (PSCs)

Where under a concession system the concession holder has the economic right to all of the
oil produced within the concession but is liable to pay tax and royalty on the proceeds, in a
production sharing contract the mineral resource remains the property of the state. As such,
the PSC agreement lays down the terms under which the barrels produced from a
development project will be allocated between the resource holder and contractor i.e. the
contractors entitlement to the resource produced. Amongst others, these terms will typically
indicate how the oil produced will be allocated to cover the capital and operating costs of the
project (so called ‘cost oil’) and in what proportions the remaining "profit” oil will be allocated
between contractor and state.

PSCs - Progressive yes, but not loved by stock market investors

In an era when the major international oil companies are being asked to take increasing
political, financial and technical risk by developing resources in often remote and hostile
environments, PSC agreements make considerable sense. For the oil companies, they
provide the sanctity of an internationally recognised legal contract and the comfort that the
early revenues will in large part be applied to recovering invested capital so providing them
with a healthy level of return on investment and minimizing project downside. For the host
nation, they allow a valuable, but often difficult to extract, resource to be monetized,
exposing them to upside risk from oil markets but with limited downside to their own
finances. Indeed, there can be little doubt that without agreements of this nature much of the
oil now arising from Angola and Nigeria’s deepwater, the Caspian region or more hostile
environs in Russia would not be in production.
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Under most PSCs, a
significant proportion of the
revenues achieved from the
sale of the oil or gas
produced are available for

cost recovery

In most PSCs the allocation
of profit will alter as certain
contractual ‘trigger points
are attained’

Cost recovery generally a priority

Under most PSCs, a significant proportion of the revenues achieved from the sale of the oil
or gas produced are available for cost recovery. For example in Angola, Azerbaijan and
Malaysia amongst others, 50% of revenues are available for cost recovery whilst up to 100%
is available in some Nigerian deepwater projects. To the extent that these ‘cost oil’ barrels do
not cover all the costs incurred to date, unrecovered costs may be carried forwards to
subsequent periods, often accruing interest or some other form of value uplift. Importantly, at
times of industry cost inflation, this emphasis on cost recovery upon the commencement of
revenues can be very protective of project economics.

The remaining profit oil is then allocated between the state and the contractors in accordance
with the terms of the contract, the contractors taking their equity share of the profit oil. This
will generally be subject to corporation tax.

A simple example of a PSC

This is illustrated by the schematic below which shows a $100 revenue project with costs of
$40. Under the terms of the agreement up to 50% of revenues can be allocated for cost
recovery (the cost oil) with the balance of revenues (the profit oil) allocated between
contractor and state in a 40/60 ratio. The contractor is then liable for tax at 50% on its share
of the profit oil. As can be seen, at $40, all costs are recovered with the contractor retaining
some $24 of remaining $60 of revenues. On this a further $12 is then paid as taxation, the
result being that of the net revenues of $60 the state achieves an income of $48 and the
contractor $12.

Figure 147: Schematic depicting a PSC calculation

Revenue |[$700
(less) . Cost Recovery $40
Ceiling @50%
(equals) , | | Contr.Profit N Govt. Profit | |
| Share @40% | $24 $36 | Share @60% | :
opex - (less)
$40
Capex - (less)
(less) Tax
> 12
@50% $
v (equals)
Net Cash Flow k¥

Source: Wood Mackenzie; Deutsche Bank

Trigger points - PSCs use various schemes

Key within the PSCs is the allocation of profit oil between state and contractor. In most PSCs
this allocation will alter as certain contractual ‘trigger points’ are attained. Invariably these
trigger points will differ from contract to contract. In general, however, the variables used to
determine the allocation of barrels tends towards four or so generic types. These are IRR
based, production based, those based on a fixed share of profits (pre or post tax) and those
based on the ratio of revenues to costs (the so called R-factor). Each of which is discussed
below with the different PSC structures adopted by various different geographies also
highlighted in the subsequent table.
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= |RR based PSCs: IRR based contracts are structured such that, depending upon the
internal rate of return that the project has achieved, the share of profit oil barrels will
alter. As with most PSCs they typically allocate a higher share of revenues to the
contractor through the early phases of a project but a greater share to the state as the
contractors’ capital is recouped and the rate of return on the project rises. Indeed, as
their name suggests, changes in the allocation of barrels between state and contractor
(trigger points) tend to be associated with the achievement of different internal rates of
return. Countries which commonly use |IRR-based contracts as a mechanism for
determining share include Angola, Russia, Kazakhstan, and Azerbaijan, amongst others.
In our opinion, the advantages of IRR based contracts are that they are generally geared
towards rewarding the contractor first and directed at the achievement of an acceptable
level of return. As such they are very protective of a company's upfront capital
investment (particularly at times of cost inflation). The disadvantage, however, is that
once that return has been achieved the change in barrel allocation tends to be quite
severe. Equally, depending on the proportion of initial revenues that are available for cost
recovery they can mean that the state receives little by way of revenue through the early
years of a project. This has led to conflicts between state and contractor, particularly
where cost increases have also been evident (e.g. Sakhalin and Kashagan).

= Production based PSCs. These contracts generally tend to be written around
cumulative production, with changes in total oil or gas produced driving the change in
allocation (e.g. Nigeria Deepwater, Malaysian offshore, Egypt, etc). In some cases they
may, however, be based on the absolute volume of daily production planned (e.g. Qatar).
In our opinion, production based contracts are particularly profitable for the contractor
given an upwards shift in the oil price (from that at the time the contract was written) but
have the potential to be quite painful given a downward shift. In aggregate they are
certainly less sensitive to upwards changes in the oil price than IRR based contracts
because the change in allocation is based upon time to produce rather return achieved.
Again, the State’s delayed exposure to oil price rises can result in conflict (Nigeria DW).

= R-Factor (revenue) based PSCs. PSCs of this nature are based around trigger points
that come into effect as certain ratios of revenue to cost are attained. As a consequence
they are quite sensitive to the impact of rising oil prices, an event that is almost certain
to ensure that trigger points are more rapidly attained. At the same time, however,
because revenue allocation will almost certainly remain biased towards the contractor as
long as the revenue/cost ratio is low they afford good cost protection at times of
industry cost inflation. Examples of countries that tend towards R-factor based contracts
include Yemen, Qatar and Libya.

= Fixed share PSCs. Although PSCs of this nature share profits between the state and the
contractor, in reality because the allocation of profit oil is fixed they have much in
common with tax and royalty arrangements. For the contractor, the advantage is that
recovery of cost oil is given a priority - again providing protection at times of rising cost.
That aside, given that the government'’s share of profit oil is fixed, they are not dissimilar
to a concession. Examples of a fixed-share PSC include many of those written in
Indonesia.
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Figure 148: International PSCs: Broad terms on a collection of PSC’s compared- watch out for the type, terms on cost

oil recovery, the movement in share from high to low and capex uplift, amongst others

Country Angola Nigeria DW Azerbaijan Malaysia
Example Block 17 Bonga ACG MLNG
Royalty None 0-12% (depth dependent) None 10%

Capex uplift 50% 50% for tax purposes LIBOR plus 4% None

Cost Qil Capex over 4 years Capex over 5 years Approved capex Over 10 years

Cost recovery

55% revenues

100% revenues

50% revenues post opex

50% oil, 60% gas revenues

Profit oil split

IRR based

Production based

IRR based

Production based

Max (contractor/state)

75/25 @ IRR <15%

80/20 @ < 350mb

70/30 @ <16.75%

<2.12TCF 50/50

Min (contractor/state)

20/80 @ IRR >30%

40/60 @ >1500mb

20/80 @ >22.75%

>2.12 TCF 30/70

Tax rate 50% 50% 25% 38%

Companies XOM, TOT, BP, CVX RDS, TOT, XOM, ENI BP RDS

Comments Good cost protection but the ~ Good on costs and recovery.  Huge swing on very small Stable but contracts tend to be
switch in barrels is very Move in rates is also quite recovery boost in IRR finite with reversion to state.
marked as IRR moves favourable.

Country Russia Qatar Khazakstan Indonesia

Example Sakhalin Il Qatargas 1 Karachaganak Offshore Mahakam

Royalty 6% revenues None None 20% FTP

Capex uplift None None None 17% credit

Cost Qil Capex over 3 years with c/f Straight line at 20% Capex over 5 years Capex depreciated

Cost recovery

100% revenues

65% condensate revenues

60% revenues

100% post FTP

Profit oil split

IRR based

Production based

IRR based

Fixed (post tax)

Max (contractor/state)

90/10 @ <17.5%

65/35 @ <38kboe/d

80/20 @ <0%

15/85 Qil (fixed)

Min (contractor/state)

30/70 @ > 24%

10/90 @ > 80kboe/d

20/80 @ > 20%

30/70 gas (fixed)

Tax rate 32% 35% 30% 48%

Companies RDS, XOM TOT, RDS, XOM ENI, BG, TOT, XOM, CVX TOT, ENI, CVX

Comments The state stood to receive next Not very generous but lower ~ OK on recovery but screwed  Good recovery but not very
to nothing. Very favourable for tax on share generous share
contractor

Country Egypt Trinidad Algeria Libya

Example West Delta Deep North Coast Marine In Amenas NC186

Royalty Paid by state oil company None 10-20% but state may pay None

Capex uplift None None None None

Cost Qil 20-25% costs p.a. recoverable All costs 6 years straight line

Cost recovery

From 40% of domestic
revenues, 30% on LNG

Max 80% revenues less
25mboe

Revenue remaining after state
has taken its share

Recovered from 35%
production.

Profit oil split

Production based

Cumulative production but
also with a view on price

IRR based but also with an oil
price factor

Payback and production based

Max (contractor/state)

LNG 60/40;
Domestic<150mmcf/d 60/40

>$2mmcf/d and <60mmcf/d
47/53

IRR<10% split 80/20

From 100% of IOC allocation
(35% pre costs)

Min (contractor/state)

LNG 60/40; Domestic >900
mmcf/d 80/20

>$2mmcf/d and >450mmcf/d
19/81

IRR>14% split 10/90

From 30% of I0C allocation
(356% pre costs)

Tax rate 40% 50% 30% but typically met by the ~ None

state
Companies BG, Petronas BG, ENI BP, Statoil Repsol, Total, OMV, Occi
Comments Share of profits into LNG is If production stable little Harsh terms, steady flow but

largely fixed. Low cost
recovery reduces capex effect

change in barrel take

limited IRR available

Source: Deutsche Bank, Wood Mackenzie
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For companies and investors, hitting trigger points impacts several key metrics

Given that most PSCs are written to maximize the State's take from its resource base yet at
the same time limit the contractors downside but incentivise their commitment to a project,
the use of "trigger points’ for the allocation of resource makes considerable sense. However,
the change in the allocation of production barrels between contractor and state holds several
implications for company reporting. This is particularly true at times when the oil price is
appreciating. Not least amongst these are the impact on reported growth and the
contractor’s entitlement to book reserves especially under contracts where the change in
profit oil allocation is triggered by the contractors’ IRR or revenue/cost ratio.

Growth may ostensibly falter and reserves ostensibly fall

The issue here is that in the face of a rising oil price the contractor will find that, because the
oil produced is worth more, it recoups its capital and hits the contractual trigger points more
rapidly than would have been the case at a lower oil price. As such, its entitlement to crude
oil under the contract terms will almost certainly decline. Thus although payback is
accelerated with strong potential positives for both the project’'s IRR and NPV, the
contractors’ share of the barrels produced declines and in some cases rapidly.

Equally, because fewer barrels will be required for the contractor to be ‘paid’ its share of
value under the production sharing contract, in accordance with SEC reserve accounting
requirements its contractual entitlement to reserves is also reduced. This represents another
key feature of PSCs, namely that under SEC rules, reserve bookings suffer in a rising oil price
environment.

Value up, barrels down - an Angolan illustration

This is well illustrated by the following diagrams which depict the contractors working
interest and entitlement share to production barrels in a typical Angolan PSC at different oil
prices together with the different NPV's, IRRs and entitlement to reserves. What it
emphasizes is that whilst the faster recovery of capex and profit share at $80/bbl oil results in
both a higher NPV (c$2.6bn increase) and IRR (c11% increase) than at $40/bbl, reported
production and reserves are both significantly reduced.

Figure 149: Angola’s Dalia project — Working interest Figure 150: Angola’s Dalia project — NPV, IRR and
and entitlement volumes at $80/bbl and $40/bbl entitlement reserves at $80/bbl and $40/bbl
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Source: Wood Mackenzie; Deutsche Bank

Consider value not reported barrels

Ultimately, the increase in project value for the contractor (and thus shareholder) should be
seen as the key determinant of corporate value and, as the previous example illustrated,
value for the contractor has increased at the higher oil price. However, in a stock market
where reported production is seen as representative of a company’s growth potential and
reserves an indicator of business sustainability, the apparent deterioration in both these
metrics is not particularly helpful. For even though overall value may have increased, investor
perception is that production is declining and reserves faltering — neither of which is likely to
be perceived as a positive.
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The upside from a
movement in the oil price is
certainly greater in
concessions than under
PSCs

Figure 151: Average % increase in contractor NPV in various regimes based on $75/bl

vs. $25/bl oil (Black = Tax & Royalty, Blue = PSC)
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Ceteris paribus - concessions are more geared to price

Moreover, with a greater proportion of the value now accruing to the resource holder, the
strong (and accurate) perception is also that the oil company has signed away much of its
exposure to the rise in oil prices. As illustrated by the above diagram which depicts the
increase in value evident under various different tax regimes given a change in oil prices, for
the contractor the upside from a movement in the oil price is certainly greater in concessions
than under PSCs. What this does of course overlook is our earlier comment on government
behaviour under progressive and regressive tax regimes. Allocate too much of the upside to
the contractor, and it will not be long before governments elect to capture their fair share
through the introduction of some form of windfall tax as illustrated by the below estimates of
the value transfer through recent tax changes.

Figure 152: Estimated impact on upstream NPV of changes in tax legislation since
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Barrels may be lower, it is
important to remember that
nevertheless at higher oil
prices under IRR based
PSC’s companies create

greater value

Working through an IRR based PSC

As an example of how different oil prices affect the cash flows, IRR and barrel share of an
IRR-based PSC we have taken Wood Mackenzie's assumptions around the Angolan Dalia
field and, through building two models one at $60/bbl oil and the other at $40/bbl tried to
explain the mechanics and the different outcomes.

Shown in the Figures overleaf, our models work from the assumptions depicted in the below
table together with Wood Macs estimates of capex and opex. The table below detail the
workings and mechanics of the calculations.

Figure 153: Angolan Deepwater PSCs: Broad terms (Block 17)

Term Details
Development license Typically 25 years from license grant
Signature bonuses: Non-recoverable
Capex uplift 40% of capex (i.e. $1.4bn for $1bn of spend).
Cost oil A maximum of 55% of revenue in the period. Excess cost is carried forward.
Cost recovery Opex plus capex uplifted at 40% but amortised over 4 years straight line
Profit oil split IRR based as follows
Order of recovery Capital cost with uplift, operating costs, exploration costs
IRR <15% 25% state/75% contractor
IRR < 25% 40% state/60% contractor
IRR <30% 60% state/40% contractor
...... IRR < 40% 80% state/20% contractor
...... IRR > 40% 90% state/10% contractor
Corporate tax 50% of profit oil
Foreign oil company share Their interest (%) in the post tax profit oil

Source: Deutsche Bank, company data

Figure 154: Dalia: IRR at different oil
price assumptions

Figure 155: Dalia; NPV’s at different price

assumptions.
BENPV
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Source: Wood Mackenzie; Deutsche Bank estimates Source: Wood Mackenzie; Deutsche Bank estimates

Fewer barrels but greater NPV and a higher IRR

The results emphasise the very different production profiles of the two price outcomes. Most
particularly, at $60/bbl the decline in entitlement production is almost as dramatic as the
ramp up. However, even allowing for this the cash flow per barrel generated is substantially
higher. Most significantly, both the NPV and the IRR of the project are significantly higher at
the higher oil price. Thus while barrels may be lower, it is important to remember that at
higher oil prices under IRR based PSC’s companies create greater value.
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Figure 156: Angola’s Dalia - Estimated entitlement share and breakdown of contributing components at $60/bbl
Gross Capex $m Uplift Available OPEX Revenue Cost Oil Available Cost OilCost oil c/{ Cost Oil Profit oil Profit Oil Profit oil Entitle- Estimate Cash-flow

output (40%) for $m Limit to recover recovered Barrels ($m) share (% barrels ment of IRR per barrel
b/d recovery in year kb/d (C-F) split) (kb/d) barrels % ($)
(kb/d)
NOTE A B c D E F G H I J(per M) K L(H+K) M N
2003 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2004 0.0 700.0 980.0 245.0 0.0 0.0 0.0 245.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2005 0.0 900.0 1260.0 560.0 0.0 0.0 0.0 805.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2006 90.0 1300.0 1820.0 1015.0 91.1 1872.5 1029.8 1911.1 1029.8 881.2 49.5 842.6 75% 30.4 79.9 n.a
2007 225.0 328.0 459.2 1129.8 156.5 4681.1 2574.6 2,167.5 2167.5 0.0 104.2 2513.6 75% 90.6 194.8 -0.2% -4.3
2008 225.0 273.2 382.4 980.4 160.4 4681.1 2574.6 1,140.8 1140.8 0.0 54.8 3540.3 68% 114.9 169.7 24.8% 24.2
2009 225.0 215.4 301.5 740.8 164.4 4681.1 2574.6 905.2 905.2 0.0 43.5 3775.9 30% 54.4 98.0 31.5% 241
2010 225.0 176.6 2473 347.6 164.4 4681.1 2574.6 512.0 512.0 0.0 24.6 4169.1 20% 40.1 64.7 34.0% 22.0
2011 220.0 0.0 0.0 232.8 161.9 45771 2517.4 394.7 394.7 0.0 19.0 4182.4 20% 40.2 59.2 35.9% 19.8
2012 210.0 0.0 0.0 137.2 157.0 4369.1 2403.0 294.2 294.2 0.0 141 4074.8 20% 39.2 53.3 37.0% 24.8
2013 199.1 0.0 0.0 61.8 151.7 4142.3 2278.3 213.5 213.5 0.0 10.3 3928.8 20% 37.8 48.0 37.7% 24.5
2014 165.3 0.0 0.0 0.0 135.0 3438.1 1890.9 135.0 135.0 0.0 6.5 3303.1 20% 31.8 38.2 38.0% 24.2
2015 137.2 0.0 0.0 0.0 121.2 2853.6 1569.5 121.2 121.2 0.0 5.8 2732.4 20% 26.3 32.1 38.3% 23.7

Source: Deutsche Bank, Wood Mackenzie

Notes

A)
B)
C
D)
E)

F)
G)
H)
U

J)

K)
L)
M)

N)

Uplifts capex at 40% (i.e. multiplies by 1.4x) as per Angolan terms.

Capex available for recovery. This is 25% of the uplifted capex of the year plus 25% of that of each of the previous three years i.e. 4 year straight line recovery.

Revenue is the number of barrels produced multiplied by the oil price ($60/bbl Brent) less a 5% discount for quality and location.

Cost oil limit. This is calculated by multiplying total revenues by 55% - the maximum permissible recovery factor.

Available to recover are the total costs that have been incurred (OPEX and uplifted Capex) that could be recovered in the year. It is equivalent to OPEX plus capex available for
recovery in the year PLUS any un-recovered capex from the previous yearcarried forwards

The cost oil actually recovered. This is either the maximum available cost oil or the ‘available for recovery’ capex and opex in that year

Carried forwards capex is that eligible for recovery in prior years but which could not be recovered due to insufficient cost oil being available.

The value of cost oil in barrels per day i.e. cost oil divided by the price per barrel.

Profit oil — Gross revenues less those absorbed by cost oil

Profit oil split. This is dictated by the IRR and we believe is assessed on a quarterly basis. As prefigure 49, initially the split runs 75% contractor/25% state. But with the IRR
(column N) rising rapidly, the split quickly falls.

This is the profit oil x the appropriate share expressed in barrels of production per day (i.e. revenues/oil price/0.365)

Entitlement barrels. This is the sum of the cost oil received (Column H) and that paid as profit oil (column K).

IRR %. This is our estimate of the return of the project per year. Although not shown here (we couldn’t fit the columns on) it represents the implied return from the revenues
received in total less the costs incurred after taxation at 50 %

Cash flow per bbl — The cash flow achieved after tax at 50%. Thus revenue less costs less tax divided by total barrels of entitlement (kb/d * 365)/
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Figure 157: Angola’s Dalia - Estimated entitlement share and breakdown of contributing components at $40/bbl

Gross Capex $m Uplift Available OPEX Revenue Cost Oil Available Cost Oil Costoil Cost Oil Profitoil Profit Oil Profit oil Entitle- Estimate Cash-flow
output (40%) for $m Limit to recover recovered c/f Barrels ($m) share (% barrels ment of IRR per barrel
b/d recovery in year kb/d (C-F) split) (kb/d) barrels % ($)
(kb/d)
NOTE A B C D E F G H 1 J(per M) K L(H+K) M N
2003 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2004 0.0 700.0 980.0 245.0 0.0 0.0 0.0 245.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2005 0.0 900.0 1260.0 560.0 0.0 0.0 0.0 805.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
2006 90.0 1300.0 1820.0 1015.0 91.1 1248.3 686.6 19111 686.6 1224.5 49.5 561.7 75% 30.4 79.9 n.a.
2007 225.0 328.0 459.2 1129.8 156.5 3120.8 1716.4  2,510.8 1716.4 794.4 123.8 1404.3 75% 75.9 199.7 -16.8% -4.9
2008 225.0 273.2 382.4 980.4 160.4 3120.8 1716.4 1,935.1 1716.4 218.7 123.8 1404.3 75% 75.9 199.7 10.5% 15.7
2009 225.0 215.4 301.5 740.8 164.4 3120.8 1716.4 1,123.9 1123.9 0.0 81.0 1996.8 60% 86.4 167.4 21.6% 16.0
2010 225.0 176.6 247.3 347.6 164.4 3120.8 1716.4 512.0 512.0 0.0 36.9 2608.8 40% 75.2 112.1 25.7% 15.9
2011 220.0 0.0 0.0 232.8 161.9 3051.4 1678.3 394.7 394.7 0.0 285 2656.7 40% 76.6 105.1 28.6% 14.8
2012 210.0 0.0 0.0 137.2 157.0 2912.7 1602.0 294.2 294.2 0.0 21.2 2618.5 40% 75.5 96.7 30.4% 16.9
2013 199.1 0.0 0.0 61.8 151.7 2761.5 1518.8 213.5 213.5 0.0 15.4 2548.0 20% 36.7 52.1 31.0% 16.8
2014 165.3 0.0 0.0 0.0 135.0 2292.1 1260.6 135.0 135.0 0.0 9.7 2157.0 20% 31.1 40.8 31.3% 15.0
2015 137.2 0.0 0.0 0.0 121.2 1902.4 1046.3 121.2 121.2 0.0 8.7 1781.2 20% 25.7 34.4 31.5% 14.5

Source: Deutsche Bank, Wood Mackenzie

Notes: The same table but tabulated at $40/bbl Brent instead of $60. The key differences are depicted in the charts below. Note how lower revenues lead to an increase in the time taken

to recover cost oil and so detract from the IRR. With the IRR staying lower for longer, profit share favours the contractor for a far longer period with the 20% trigger point taking far longer
to reach. Yet despite higher barrels, cash flow per barrel is markedly lower than at $60.

Figure 158: Kb/d under different oil price scenarios ($60 vs. $40/bbl)
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Figure 159: Cash flow per bbl under different price estimates ($60 vs. $40)
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Buy backs are essentially
service contracts in which
the Iranian National Oil
Company, NIOC,
subcontracts certain aspects
of its responsibilities to a
foreign party.

Buy Backs

In almost every major oil producing territory, hydrocarbon taxation takes the form of either a
concession or production sharing contract. There is, however, one major exception; Iran.

Due to constitutional restrictions and Iran’s suspicions of foreign investors in the oil and gas
sector, the concept of ‘buy backs’ or service contracts was introduced as a controlled and
workable vehicle for foreign investment. Buy backs are essentially service contracts in which
the Iranian National Oil Company, NIOC, subcontracts certain aspects of its responsibilities to
a foreign party. No other form of direct investment in the oil gas industry is allowed by
foreign persons or companies under current regulations.

The commercial rewards in buy back contracts have changed gradually since the first
contract was signed with TOTAL in 1995. The level of return afforded to contractors has
reduced from an average of 21% to around 15%. Such tightening of returns to the foreign
parties reflect the level of competition for quality assets in the sector and the level of return
which participants have been prepared to accept in the contracts signed to date.

Figure 160: Schematic depicting an Iranian buy-back contract
Revenue BXZY

(less) Govt.
> Priority 840
(less) s Cost Recovery $40 Prod. @40%
Ceiling @65%*
]
(less) .
Remuneration $5
(equals) Govt. Profit $15
Share
opex _ (less)
$40
Capex < Hess)
Net Cash
Note: *Cost Recovery Ceiling assumes Flow $5
percentage of Total Revenue

Source: Wood Mackenzie; Deutsche Bank

Under a buy back contract the foreign investor will not own any part of the Iranian oil or gas
field. The contractor is the designated operator for design, construction, commissioning and
start up of all facilities and this responsibility passes to NIOC immediately after start up. The
foreign partner provides all the capital for the project and is compensated for its costs and
awarded an agreed level of profit. The details of the development programme are contained
in the field Master Development Plan, which clearly states the work to be performed and the
agreed capital cost for such work.

Cost Recovery

lllustrated by the schematic above, under the contract the contractor is compensated for all
capital and operating costs and bank charges incurred in fulfilling the specifications of the
Master Development Plan. Costs due for recovery are amortised over an agreed number of
years (generally five to ten years) from the date of first production. Any costs, which cannot
be recovered in any given period, are carried forward and recovered with interest in
subsequent periods. If the actual field costs are greater than anticipated then the extra cost is
borne solely by the contractor and the additional costs are not eligible for cost recovery.

Deutsche Bank AG/London
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The result is a contract in which the contractor essentially takes significant risk for the return
of what has over time become an ever more modest level of reward. Upside is often
negligible with several companies in recent years suffering significant write-downs as a
consequence of industry inflation increasing costs to the point of non-recovery (Statoil in
particular comes to mind). Looking forward, with considerable uncertainty now presiding
around future investment in Iran and many of the contracts currently in place coming towards
an end, we think Iranian buy backs are likely to become an even less significant feature of
company portfolios for some years to come.
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Oil & Gas Taxation — Some Key Terms

Production Sharing Contract (PSC): A contract between a resource holder and (generally) an oil company where the oil
produced is shared between the resource holder and contractor (oil company) in a pre-arranged manner.

Tax & Royalty regime (concession): A regime under which an oil company is granted a concession to prospect for and
extract hydrocarbons. From the revenues generated the concession holder will typically pay a pre-agreed royalty on revenues
together with corporation tax on profits.

Cost Oil. Share of barrels produced that is used to pay back the contractor for its capital investment in the project and/or the
operating expenses incurred in the year. Typically the resource holder will allow cost oil to be recovered from ¢.50-60% of
project revenues. Once the upfront capital costs have been recovered (generally high in the first years of a project coming on-
stream), anything left over is termed profit oil. Capital or operating costs that remain un-recovered in any one year are typically
carried forwards for recovery in subsequent years.

Profit QOil: The oil available for distribution to the partners in the project in line with their equity (or working interest) share.
Profit oil is invariably that available after costs (capital and annual operating) have been recovered.

Capex uplift. The % increase granted by the state on capex spend for recovery against costs. For example, in Angola’s Block
17 capex is uplifted for recovery against revenues at a rate of 50% i.e. on capital spend of $1.0bn, the contractor will be able
to recover $1.5bn against cost oil. The allocation of uplift pays heed to the time that it might take to recover capex invested in
a project given restrictions on cost recovery (as a % of revenues) and the time taken from breaking ground to first oil in a
development project.

Trigger points (our terminology). The conditions laid out in the PSC contract, the attainment of which lead to changes in the
allocation of profit oil share between the state and the contractor.

Working interest: The contractor’'s percentage interest in the project as a whole. Thus if a company has a 40% interest in a
project producing 100kb/d its working interest in that project would be 40kb/d.

Entitlement share: The number of barrels of profit oil which the contractor is entitled to from the project in any one year. This
will typically represent the contractor’s share of cost oil and its equity entitlement to profit oil. Depending on the nature of the
PSC terms, the entitlement share will alter over the life of the project as costs are recovered and the oil available for
distribution as profit alters following the attainment of trigger points. As an illustration, if a company has a 40% equity interest
in a project producing 100kb/d, the profits from which are distributed 50% government and 50% contractor after 10kb/d has
been allocated for cost recovery, its share of entitlement barrels would be 22kb/d (i.e. 40% of the 10kb/d of cost oil and 40%
of the 4bkb/d available to the contractors as profit oil). Note this compares with the 40kb/d in which the contractor has a
‘working interest’.

IRR based PSC. A PSC whose trigger points are determined by the internal rate of return achieved from the date of onset. As
the returns from a project move beyond pre-defined levels, so the share of profit oil will alter in favour of the host nation.
Common examples include those in Angola, Azerbaijan, Kazakhstan and Russia amongst others.

Production based PSC. A PSC whose trigger points are determined by the achievement of particular levels of production. In
some production contracts the production element refers to the cumulative number of barrels produced. In others, the level
of daily production achieved. In either case, as the trigger levels are attained, the share of profit oil between the state and the
contractor alters. Common examples include those in the Nigerian Deepwater, Qatar, Malaysia, India and many others.

R-factor (and R-factor based PSC). A PSC whose trigger points are determined by the ratio of total revenues to total costs.
Typically the contract will stipulate that as revenues meet certain multiples of costs so the share of profit oil between the
state and the contractor alters. Common examples include Algeria, Qatar (often mixed with production) and the Yemen.

Fixed share PSC. A PSC which stipulates at the onset the division or post tax or pre-tax profits from the project between the
state and the contractor. In effect, these contracts have economics that are similar to those of a tax and royalty regime.
Indonesia represents a good example of a fixed share PSC.
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Oil continues to be the
world’s most important

source of energy

World Oil Markets

Fundamentals, physical and financial

For many years, oil has been the world’s most important source of energy, meeting almost
35% of global energy needs in 2009 (natural gas 24% and coal 29% are its nearest rivals).
This has resulted in the oil becoming the world" largest traded commodity, whether
measured by value or volume. Indeed, we estimate the physical crude oil market alone to be
worth some USD2.2 trillion per year based on a 5 year WTI average historical price of
USD71.5/bbl and 2009 global demand of c.856mb/d. In recent years however, oil markets
have often become increasingly complex which in recent times has resulted in the oil price
on the screen becoming disjointed from the underlying fundamentals. We examine the
various different components of oil markets and how they ultimately impact the oil price.

Figure 161: World Energy Consumption by fuel in 2009 (ex. alternatives)

Hydroelectric
Nuclear 7%
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Oil
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Source: BP Statistical review 2010

Key exchanges and benchmarks

The main international exchanges for the trading of oil and oil products (both physical and
financial) are the New York Mercantile Exchange (Nymex) and the Intercontinental Exchange
(ICE, formerly the International Petroleum Exchange in London). Both exchanges trade spot
contracts for immediate delivery and future contracts for delivery at a later date, providing
hedging, speculating and price discovery opportunities. Given the large number of crudes and
the difficulty in following them all, two benchmark crudes are widely used; West Texas
Intermediate (WTI) on Nymex and Brent crude on ICE. While these are used as indicative oil
prices, most other crudes will trade at a discount or premium depending on their gravity and
sulphur content (refer to section on crude for detail on gravity and API and refining for detail
on the 'heavy-light spread’). Turning to products, the key pricing benchmarks are US RBOB
gasoline, US heating oil and European gasoil.

Nymex WTI: WTI is the largest exchange-traded commodity, with traded volumes often
being four times that of Brent. WTI is by and large only consumed by refineries in US mid-
continent, thus very little of the world’'s physical volumes are actually priced against it. It
remains, however, a key benchmark given it is one of the most liquid crude contracts
globally. Another interesting point to bear in mind with WTI is that it is settled physically with
delivery taking place at Cushing, Oklahoma.
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ICE Brent: Brent futures are tied to the North Sea physical market and comprise four key
crude streams: Brent, Forties, Oseberg and Ekofisk (BFOE). Unlike WTI, Brent is settled
financially (i.e. there is no physical delivery upon contract expiry). Instead, the value upon
expiry is equivalent to the Brent Index, which is set on a daily basis by the exchange and is
the weighted average of all trades in the physical market for the month in question for each
of the four crude streams. Brent is a far more complex financial instrument than WTI in that
not only is it comprised of futures and a physical forward market (BFOE), there is also a
physical spot market, Dated Brent. This sets the price for most of the global physical market
and as such is of huge importance. The value of Dated Brent is set every day at 16:30GMT
and is assessed by Platt’s as the value of the cheapest crude in the BFOE group on that day.

The oil price

The nominal price of oil has fluctuated significantly throughout the years, from the lows of
USD2.5/bbl seen in the 1940-70's to the highs in 2008 of near USD150/bbl. There are many
factors which affect the oil price; the most important being supply and demand fundamentals
but also the strength of the US dollar given that all oil is traded in US dollars and of course
geopolitics also play a hugely important role, in particular any action taken by OPEC. In recent
years, however, oil prices are ever more affected by the fact that commodities are
increasingly viewed as a financial asset class by investors which has led to increasing levels
of involvement by financial market participants and, consequently, to a more volatile oil price.

Figure 162: Brent oil price (nominal) 1970 - 2010
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Other factors that impact the oil price include inventories, oil product markets and OPEC
spare capacity. At first glance, one would assume that the price of crude drives the price of
crude products. However, the reverse is often the case. At times of tight refining capacity,
product price increases can lead to an increase in the price of crude as the market assumes
that demand for crude will increase as companies seek to take advantage of high product
prices. Likewise when significant spare refining capacity is evident, or when inventories of oil
products are high, this can lead to a decline in the price of crude. OPEC spare capacity, being
the volume by which OPEC nations can theoretically increase production if required, has
increasingly impacted oil prices as the world has become more reliant on OPEC oil. If OPEC
capacity decreases this will invariably put pressure on supply (or fuel fears that supply will
tighten) and hence the oil price will increase (see section on OPEC).

Deutsche Bank AG/London
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Oil Demand

From the early days of boom and bust, demand for oil has experienced sustained growth
worldwide over the past 15 years, with 2008/9 being the exception to the rule. In 2009, the
level of world demand is estimated to have stood near 85mb/d, down from a peak of
86.5mb/d in 2007, reflecting the impact of the severe financial crisis. Looking forward, global
oil demand is forecast to expand by an average ¢.1.5% p.a. between 2009 and 2015
assuming annual global GDP growth of ¢.4%, with the majority of growth forecast to come
from non-OECD countries. Despite this, the US does remain the world's largest consumer of
oil, accounting for some 22% of total world demand in 2009 with its consumption of
18.7mb/d far outstripping the 8.5mb/d consumed by China.

Figure 163: World oil demand, 1996-2010e (mb/d) Figure 164: Regional breakdown of world oil demand
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World demand is likely to be ~ Continued growth in world crude demand is likely to be driven by non-OECD countries, in
driven by non-OECD particular China and the Middle East. Demand in non-OECD countries is projected to expand
at over three times the rate of that of OECD nations (3% relative to 0%). However, in spite of
these comparative growth rates, non-OECD countries will still represent only 46% of global
oil demand in 2015, rising to 49% by 2030 according to data from the EIA. China will
continue to represent the greatest source of growth with demand expected to grow by an
average 4.5% across the same period.

countries, particularly China.

Figure 165: Avg. growth rate of oil demand - non-OCED Figure 166: Oil consumption/capita (2009) — despite its
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China looks set to
consolidate its position as
the second largest oil

consumer worldwide.

Transportation fuels will
account for the majority of
growth in world oil demand.

Figure 167: Chinese end-product demand breakdown

If it sustains its high levels of GDP growth, China’s oil consumption per capita will likely
converge over time towards the level of countries such as the US or Japan. Moreover, with
Chinese oil demand forecast to grow at 4.5% p.a. from 2009 to 2015, China is likely to
consolidate its position as the world’'s second largest consumer of oil, consuming an
estimated 11mb/d by 2015 according to EIA estimates.

While absolute demand is increasing, it should be noted that energy intensity is in fact
decreasing as OECD economies continue to focus on the services sector. The |[EA estimates
that energy intensity has declined by an average 2% p.a. since 1996 and will continue to
decline by a similar level out to at least 2014. While much of non-OECD economic growth is
energy intensive industry, the new facilities and cities being built for example in China are
highly energy efficient, thereby reducing future energy intensity.

Demand by sector

The three principal energy-generating uses for oil include transportation, power generation
and heating. However, oil is also used for alternative non-energy, or process functions e.g. as
a raw material in the petrochemicals industry. All non-transportation uses are commonly
referred to as "“stationary uses”.

Transportation fuels (gasoline & diesel) account for the majority of oil demand in both OECD
and non-OECD countries, and similarly are expected to be the greatest driver of future
demand growth. Fuels for transport include motor gasoline, kerosene (jet fuel) and gas/diesel
oil. Gasoline is the most commonly used transportation fuel in North America whilst diesel is
more dominant in Europe.

The composition of oil demand by sector is by no means uniform across all countries. Mature
economies are characterised by well-developed distribution infrastructures, service-based
industries and high levels of private vehicle use. Consequently, gasoline and distillate form
the bulk of end-product demand in these countries. In particular, the US uses the highest
volume of gasoline worldwide, accounting for 45% of world demand.

Figure 168: Total OECD end-product demand
breakdown
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Another strong regional trend is seasonality in end-product demand. This effect is most
apparent in countries in the northern hemisphere. Heating oil experiences particularly strong
demand during the winter season, while gasoline demand is strong during the summer
‘driving season’ in the US.
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In theory, oil demand and
price have an inverse

relationship.

...whilst transport fuels are
relatively price inelastic.

Figure 169: Price elasticity - Regional estimated demand

at a range of different oil prices

$/bbl WTI

Factors influencing demand

The two key determinants of oil demand are price and income (GDP per capita). The
responsiveness, or elasticity, of oil demand to changes in these factors is also an important
consideration.

Price

Oil demand and price theoretically have an inverse relationship, although in practice, this
does not always hold true i.e. through the boom years of 2004-2008, global oil demand and
crude oil prices increased simultaneously. However, this is most likely a function of increased
income resulting from economic growth (notably in China) rather than an indication that oil
demand and prices have moved to an inelastic relationship. When oil prices remained over
$100/bbl for a number of months in 2008 at a time where the world economy came under
significant pressure, we started to see demand destruction, particularly in the US and OECD
Europe. The figure below illustrates estimated crude oil demand elasticity at a range of
different oil prices across a number of regions, and illustrates the inverse relationship
between oil demand and oil prices i.e. demand is lower at higher oil prices. A notable
exception to this is fuel oil which is one of the only components of crude to have high price
elasticity due to the fact that it is easily substituted with natural gas or coal for these
products. As a result, it loses market share to these substitutes in times of high oil prices.

Transportation fuel, by contrast, is relatively price inelastic as no readily available substitute
exists as yet i.e. it is a captive market. However, changes in spot crude prices do not tend to
pass through immediately to retail prices as a result of government policy. Firstly, a large tax
component in the retail price helps to cushion volatility arising from raw material price
fluctuations. Secondly, retail prices are capped or managed by the government in many
countries e.g. China, Mexico and Argentina. These controlled retail price regimes support
demand growth by insulating consumers from price increases. However, as 2008 showed
there is a price at which even demand for transportation fuel starts to decline. Miles driven in
the US fell by almost 4% y-o-y in 2008 as consumers cut back on gasoline consumption, with
many selling second cars and/or changing their less efficient SUVs for smaller, more energy

efficient (often hybrid) cars.
Figure 170: Income elasticity of oil demand in China vs.
the US
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Income

Historically, the main driver of demand growth has been income (or GDP). Strong economic
growth, as measured by rising GDP per capita, boosts levels of oil demand, as industry is
developed and people start to consume more energy-intensive products such as motor
vehicles and domestic appliances. This is visibly the case for China’s appetite for increasing
volumes of oil in recent years.
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Figure 171: World's largest net exporters in 2009- Saudi

Arabia dominates
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Conversely, mature economies have lower income elasticity as these countries have
gravitated towards service-based economies, which typically have less intensive energy
demands. Mature economies are increasingly outsourcing energy-intensive activities to
emerging economies such as China which reinforces the differential in income elasticity. The
figure above illustrates that for a given change in GDP per capita, growth in demand for oil is
much higher in China compared to the US. The relatively steep slope of the line representing
China demonstrates this higher income elasticity. As a result, it appears that the strong
growth trend in emerging economies will amplify growth in oil demand.

Oil Supply

With OPEC controlling 77% of total global oil reserves, it goes without saying that a
significant portion (41% in 2009 — and this following a 14% production quota cut) of the
world’s oil supply is derived from its member countries. The graph below shows the world’s
largest exporters of oil in 2008 and clearly indicates how dependent the world is on Middle
Eastern and OPEC crude oil.

Figure 172: World's largest net importers in 2009 - the
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In its reference scenario (published in the 2009 World Energy Outlook), the |IEA forecasts that
despite an increased focus on sourcing energy elsewhere, total non-OPEC supply will only
grow at an average 0.4% between 2008 and 2030. This growth will initially be driven by
biofuels and OPEC NGLs, with substantial increases in crude supplies from the GoM,
Canada’s oil sands, the FSU, Brazil and Africa. Over the same period OPEC crude production
is forecast to increase by almost 1%, contributing ¢.61% to global crude supply by 2030
according to estimates by Wood Mackenzie. Of note, a big chunk of this growth is expected
to come from NGLs, with the IEA estimating that NGLs should represent ¢.55% of total
liguids production growth in OPEC between 2008 and 2014. Splitting the data another way
shows (unsurprisingly) that Non-OECD countries constitute the bulk of global supply (79% in
2009), and will also see an upward increasing trend across the same period, with Wood
Mackenzie estimating that some 85% of crude oil production will be sourced from non-OECD
countries by 2030.

As illustrated in the chart above, the US is the world's single largest importer with net
imports of crude and products increasing every year. However, given both Canada and
Mexico are two of the US' largest suppliers, it is not North America but Asia Pacific that is
the largest regional importer. On the export side, Saudi Arabia and the Middle East are the
largest net exporting country and region respectively, an accolade both have held for many
years and are likely to continue to hold in the future, particularly as Iragi production ramps up.
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Figure 173: OPEC oil production set to increase to over

Figure 174: Unsurprisingly Non-OECD contribution to
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mb/d

global oil production will also increase

v mb/d
Non-OPEC = OPEC Non-OECD B OECD

100 OPEC's contributionto glaobal supplyon an upward trend -
increasing from 42% in 2000 to near 52% in 2020e

20
- I
0

O - N @ ¥ B © K © O O = N O T B O N O DO O - N ® ¥ B © N © O O = N O F WL O N O D O
S ©0 0 © © © © 9 © O ¥ v © ¥ v - - © v - « S 0 0 © 9 Q@ © O 9 O ¥ v ¥ v - v - = v = «
o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o o
8§ 8 8 8 8§ 8§ § & 8 8 8 QT QT Q@ 8§ &§ &§ 8§ § § & 8§ 8
Source: Wood Mackenzie GOST Source: Wood Mackenzie GOST

Access to resource has become increasingly challenging for integrated oil companies over
recent years as the expertise and indeed financial clout of national oil companies has grown.
As such we have seen an increasing trend toward more unconventional oil production such
as deepwater and oil sands at the oil majors a trend which looks set to continue as projects
come on-stream in Brazil, the US GoM, Western Africa to name a few. As the figure below
illustrates, deepwater production is estimated to account for 10% of global oil supply in 2020
(from the current 6%) while the oil sands in Canada could contribute up to 4% of global oil
supply by 2020 (from today’'s 2%). Looking at the bigger picture in the right hand figure
below, we consider growth in oil supply vs. growth in other liquid fuels across the same
period. What is clear is that while crude remains the main source of liquid energy in absolute
terms, at 1% CAGR between 2020 and 2010, its growth is somewhat lacklustre when
compared to that of bio-fuels (+5%) or gas to liquids (+6%); albeit both are growing from a
very small base.

Figure 175: Unconventional oil production looks set to Figure 176: Growth in other non-crude sources of
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Moreover, as the figure below shows, future oil production is expected to be increasingly
heavy and sour. Heavy and extra heavy crudes currently represent some 23% of global crude
production but this is expected to increase to nearer 27% according to Wood Mackenzie
estimates as production at the Canada oil sands and Venezuela's Orinoco belt ramp up.
Similarly, production of sour crude is also set to increase largely as a result of increased
production in the heavy crude regions mentioned above, but also Irag and Saudi Arabia are
set to see substantial increases in production of sour crude.
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Figure 178: ....and increasingly sour...over 50% of crude

Figure 177: Crude oil production is becoming
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Inventories

The other key fundamental element that impacts oil prices is the level of crude and product
inventories, as these go some way to smooth any fluctuations in supply and demand. As
such any movements in inventories can also impact the market and the price of oil. The
world’s largest storage capacity is unsurprisingly in the US, which first started storing oil in
1975 when oil supplies were cut off during the 1973-4 oil embargo in an attempt to mitigate
future oil disruptions. This prompted the creation of the Strategic Petroleum Reserve (SPR),
an emergency petroleum store which is maintained by the US Department of Energy (DOE).
It is the largest emergency supply in the world with current capacity to hold 727mbbls of
crude oil (theoretically 37 days of supply at current consumption levels). Elsewhere, Japan
also has significant inventory capacity (5683mbbls), while China has begun to expand its SPR
targeting capacity of some 685mbbls by 2020. In Europe, governments require that oil
companies are required to keep a specified minimum level of crude and oil products (typically
90 days consumption) in inventory as opposed to having a separate, stand alone SPR.

The Energy Information Administration (EIA, part of the DOE) publishes weekly inventory data
for crude, crude products and refinery utilisation in the US which the market eagerly awaits,
as it is largest petroleum inventory in the world and is thus used as an indicator to estimate
current capacity/tightness in the market. Another widely watched report is the IEA’s monthly
Oil Market Report ‘'OMR’ that reports crude and product inventory levels in OECD countries.

Physical vs. Financial

All of the factors discussed above are considered as the underlying fundamental drivers of
the oil market. However, oil prices on the screen often may appear not to reflect these
fundamentals due to the impact of financial factors. The size of financial market for crude is
considerable and drastically outsizes the physical market, with less than 1% of Nymex
contracts for example actually going to physical delivery. Thus the financial market can have a
significant impact on the oil price, essentially setting the outright price (or flat-price) for crude
even though financial contracts are cash settled. Physical settlement, however, ensures that
the value of the crude futures contract at expiry is in effect equal to the price at which
demand sets in.

The physical market for both crude and oil products consists of many small markets
depending on the quality and region. There is a market for almost every blend or grade of
crude produced globally be that Nigeria’s Bonny Light, Russia’s Urals or Peru’s Loreto. In
products there are a multitude of different specs depending on regional environmental
requirements and refining complexity. Physical contracts actually take delivery of crude upon
expiry with many large commercial traders able to store the physical commodity.
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In contrast, the financial market is generally settled in cash or traders can roll their position
to the next delivery month or simply by settling the position. As described above, there are 5
key internationally traded benchmark contracts (Nymex WTI, RBOB gasoline and heating oil in
the US and ICE Brent and European gasoil in Europe) and two main markets (Nymex and ICE)
on which they are traded. As illustrated below the level of assets under management in
exchange traded products has exploded since 2003, growing by an average 30% pa.
Moreover the volumes of exchange traded products (ETPs) has also exploded with almost
2400 ETP currently in circulation from a paltry 260 in 2003. This highlights the ever increasing
importance of the financial market in impacting on the oil price.

Figure 179: Exchange Traded Products Assets Under Management have grown

significantly since 2003
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A number of different types of investors invest in the commodities market, employing
various different strategies to trade the commodity. Below we detail the key players,
strategies used and also the main ‘tools’ used by the market to analyse trends in
commodities markets.

Key players in financial commodities markets

Commercial: These are the producers (both upstream and refiners) and consumers (i.e.
airlines, shipping companies) of crude and crude products. Typically trade in the physical
market and might use financial instruments to hedge exposure thereby optimising portfolio
and pricing.

Mainstream (institutional and retail investors): Trade in the financial market profiting from
either short-term volatility (typically hedge funds) or longer-term moves (pension funds).

Traders/Commodity Trading Advisors (CTA): Traders try to profit from price discrepancies
between different regions and commodities or try to anticipate future price moves by trading
in a range of financial instruments. CTA's typically trade both physical long and short. CTAs
advise others on the value of financial products (future, options, etc).
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Key strategies used in financial commodity markets

Outright: This is taking a position directly in the future/OTC swap contract, whether it be in a
long or short position. The price of the outright contract is the most important reference
when discussing oil trading, with the front month contract closing price being quoted as the
price of crude. It tells us how the market values the price of crude today (and via the forward
curve, in the future).

Options: There are two main types of options calls (right to buy) and puts (right to sell) that
give the holder the right to buy or sell the underlying (crude or crude contract) at an agreed
price on an agreed date. There are many complex trading strategies that use these
instruments. Options pricing is also a useful indication of how the market values the chances
for a move up or down in the price of the underlying.

Time-spreads: In the futures market, it is not just one contract that is traded. Each traded
commodity has a strip of one month contracts that extend out for 8 years in the future (see
the forward curve below). One of the most common trading activities is to trade the relative
price strength/weakness between different contracts. The shape of the curve is very
important and is indicative of market expectations of supply/demand over the future months.
Under “normal” market conditions, the forward curve would be expected to slope upward
(called contango) reflecting the cost of storage, insurance and the greater level of uncertainty
around future supply i.e. market is expected to be tighter further out. However, as described
below, the curve can for various reasons flip into backwardation (downward sloping). An
example of a trading strategy in a backwardation or tightening market would be to sell the
prompt contract and buy the cheaper deferred contract in a bet that the price will continue to
rise as the deferred contract nears expiry.

Arbitrage: Traders try to take advantage of the relative strengths and weakness between
regions, buying in the region that is expected to perform and selling in the region that is
expected to underperform i.e. it is a relative trade. It also sometimes explains a lot about the
relative strength in one region vs. the other. For example, when Brent was trading at a
premium to WTI over a sustained period of time in 2009 (typically it's vice versa given US the
world’s largest consumer and importer of crude) this indicated that 1) the US was
oversupplied 2) Europe, due to a number of issues including disruptions in Nigeria and an
outage on the North Sea, appeared at risk of entering a tight market. This type of trade also
impacts on the heavy-light spread (i.e. the difference between for example heavy Russian
Urals and light Brent) between crudes of varying API quality.

Inter-commodity: Crude is not traded in isolation and is in fact of limited use without being
turned into oil products. Thus the relationship between crude and oil products is crucial in
energy markets. For example, from a commercial point of view, if diesel is trading at a strong
premium to gasoline, refiners can adjust their yield to optimise diesel production and thus
maximise the margin obtained per barrel of crude processed. From a financial point of view, if
an investor doesn’t want to take a direct position in crude, a position can be taken in a
product. This can indirectly impact on crude prices i.e. if the market sees the open position in
say gasoline contracts increasing (indicative that expects an increase in demand) it will
assume that refiners will need to process more crude to produce gasoline. This can lead to
open long positions in crude subsequently increasing.

Other: Finally if investors do not want to take an outright position in the commodity they can
invest in funds or indices that that do. Exchange Traded Funds (ETF) are investment
vehicles that invest in commodities (or indeed in other assets) and subsequently issue shares
that are traded similar to company shares on the market. Commodity Indices are exactly
what the name implies, an index of specific commodity prices (spot or futures) into which
people can invest e.g. Deutsche Bank’'s own DBLCI (Deutsche Bank Liquid Commodity Index)
which tracks crude, heating oil, aluminium, gold, corn and wheat prices.
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Figure 180: The forward curve — upward sloping thus
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Key data points in financial commodity markets

The forward curve: As levels of financial involvement in oil trading have increased, the
importance of the futures curve has increased as an indicator of market sentiment (albeit it
has not always necessarily proved itself to be a good predictor of the actual forward price).
The shape of this curve reflects expectations of supply/demand over the next 12 months. An
upward ‘contango’ curve indicates that the market expects higher prices in the future,
implying that demand is expected to be higher relative to supply in the future, that spare
capacity may become more limited in the future or that the current market is well supplied
but is expected to be tighter in the future. A downward sloping 'backwardation’ curve, where
the front month commands a premium over the future month’s contracts, suggests current
demand is outpacing current supply, with the expectation that the imbalance will become
less pronounced in the future. Stripping out any expectations regarding supply and demand, a
contango curve is considered ‘normal’ as the costs of carry will always be included, thereby
increasing the price of future months. However, recent years have seen the oil futures curve
more often than not in backwardation as short-term supply constraints continue to support
prices.

Figure 181: Weekly CFTC data shows the net open/long
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CFTC data: While the futures curve incorporates overall market sentiment in relation to the
underlying supply/demand, further insight is given by the weekly publication by the
Commodities and Futures Trading Commission (CFTC) published at 15.30 (Eastern Time)
every Friday, which shows the speculative long and short position as well as weekly open
interest data. Open interest refers to the number of open futures or options contracts that are
yet to be closed through either an offsetting transaction, delivery or exercise, with options
positions counted in futures equivalent terms. This gives a snapshot of what direction the
market expects crude to trade i.e. a net long position suggests the market is bullish the crude
price. In recent years, market volatility has seen the CFTC make changes to improve visibility
in the data reported e.g. it has subdivided the ‘non-commercial’ component to give a clearer
idea of the level of participation of large money managers in the crude market.
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Natural gas is the world'’s
third largest source of

primary energy

World Gas Markets

The clean fuel of choice

Natural gas is the world's third largest source of primary energy, accounting for 24% of total
energy use in 2009. Gas markets are generally regional owing to the limitations of
infrastructure, transportation and currency pricing. We expect this to gradually evolve as
technologies such as LNG, together with increasing environmental pressures and favourable
pricing provide strong incentives to both private industry and governments to opt for gas
over coal or oil as the source for energy generation. The natural gas market, whilst still
‘young’ compared to the oil market is nevertheless worth an estimated $850bn per year
based on 2009 demand of 291bcf/d and a 5-year average Henry Hub price of $7.70/mmbtu.

Proven global natural gas reserves stand at 1.1tIn/boe according to the 2010 BP Statistical
Review, some 10% below those of oil (20% inclusive of the oil sands). This near parity
between oil and gas reserves is a relatively new occurrence. Commercial gas reserves have
risen by almost 30% over the last decade, in part because oil companies have begun to
search for gas in its own right, but also because gas which historically would have been
flared is now being re-injected for later recovery. Despite the increased focus on gas
reserves, natural gas demand has not kept pace with discoveries in recent years.
Consequently the reserves/production ratio for natural gas is over 60 years, compared with
43 years (inc. Canadian oil sands and based on 2009 production levels) for oil.

Figure 182: Regional disposition of natural gas proved reserves 2009
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Gas demand

Demand for natural gas achieved important levels in recent years as gas has increasingly
grown to be viewed as a viable source of energy due to improvements in technology,
increasing instability in oil rich nations and the fact that gas is less environmentally damaging
than oil. Despite a sharp 2% fall in consumption in 2009 as global economic recession
impacted demand from industry, average compound growth in demand for gas over the past
decade of 2.4% compares with compound oil growth demand of 1.0% over the same period.
As economies recover gas demand is expected by the EIA continue growing by at least this
level through to 2013.

Demand by region
The largest consumers of gas in the world are the US and Russia, the main difference being
that Russia is self-sufficient in gas while the US has shown a supply deficit since 1970. US
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domestic gas supply as a proportion of consumption troughed in 2005 at 82%, albeit it has
subsequently increased hitting 91% in 2009 as production of shale gas has increased.
Europe, with its historic focus on oil projects, imported ¢.13.6TCFbcm of gas in 2008 (20% of
which was LNG) and accounted for 55% of total global gas trade movements. However,
going forward, growth in gas demand is expected to come primarily from Asia, notably China
and India where demand is expected to grow by more than 5% across p.a. out to 2030.
Overall, the IEA forecasts demand growth of some 4% p.a. in non-OECD Asia between 2007
and 2030, effectively more than doubling current demand in this region from 11.3TCF in 2007
to 26.4TCF in 2030. Demand in OECD countries, which currently account for ¢.50% of gas
consumption, is expected by the IEA to decline to 41% as a proportion of total global
demand over the same period. Overall the IEA expects global gas demand to grow by an
average 2.5% p.a. between 2010 and 2015 (or 1.5% between 2007 and 2030).

Figure 183: Gas Demand by region in 2009
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To a greater extent than oil,
gas is affected by the
weather, fuel competition
and storage

Figure 185: Seasonality of US gas demand
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Figure 184: Forecast Gas Consumption by region
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To a greater extent than oil, gas demand is affected by the weather, inter-fuel competition
and storage. As clearly illustrated in the chart below, demand for gas usually peaks during the
colder winter months due to increased residential demand for heating. One noticeable trend
however to emerge in recent years is a mini-peak in gas demand in the summer months due
to increased electricity generation demand in summer as a result of the increasing popularity
of air conditioning. Unlike the majority of crude uses, natural gas can be replaced with either
fuel oil or coal by energy generators depending upon which is most economical at any given
time. As such, when gas prices become too high, many power generators can switch to a
cheaper substitute where possible thereby depressing demand for gas, which in theory
eventually reduces the gas price.

Figure 186: US storage facilities dwarf those of Europe
making the US the ‘sink’ for excess supply
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Additionally, natural gas storage levels will have a significant impact on the commodity’s
price; when storage levels are too low, the market interprets it as there being a smaller
supply cushion hence prices will generally rise. Similar to oil inventories, the EIA publishes a
‘Weekly Natural Gas Storage report’” which indicates the volume of gas held in storage in the
US that week, in addition to week-on-week movements. See below for further detail on gas
storage.

Demand by Sector:

The principal uses of gas are for electric power generation, industrial sector processes (such
as refrigeration, process heating/cooling) and other (primarily heating, air-conditioning and
ventilation for both residential and commercial purposes). Power generation accounts for the
bulk of consumption (c.39% by 2015) and the IEA anticipates that the sector will remain the
leading driver of gas demand in most regions, accounting for some 45% of the increase in
world demand out to 2030 i.e. gas demand in the power sector will grow by a CAGR of
c1.7% between 2007 and 2030 and will represent ¢.41% of total gas demand in 2030.

Figure 187: Natural gas demand by sector — power and Figure 188: Natural gas demand growth by sector —

residential dominate power is the key driver
100.0% 1

[ |
80.0% -
'l B H m N
60.0% -
50.0% A
40.0% 4 80 1
30.0% A
20.0% - 801
10.0% J 40 -
0.0% . . . T

160 mPower Generation Residential, services & agriculture
W Industry Non-energy use

140 | mGas-to-liquids m Other sectors
120

100 4

I Nl
Il N
F-l

-
20 -
1980 2000 2007 2015 2030

W Power Generation Residential, services & agriculture 0 -J T T T

M industry Non-energy use 1980 2000 2007 2015 2030
W Gas-to-liquids B Other sectors

Source: Deutsche Bank Source: Deutsche Bank
Gas Supply

In 2009 global gas production fell by just over 2% to reach 105TCF (49.8mboe/d), marking a
break with a long term trend of steady upward growth that had seen production more than
triple since 1970. This reflected the sharp downturn in industrial activity associated with the
economic crisis which led to sharp declines in demand for power, not least in the mature
economies of the OECD. With demand slipping by some 2% this has seen global gas
markets move to a state of potential oversupply, encouraging producers to restrict
production. Absent a much stronger than anticipated recovery in global economic growth,
gas markets look set to remain in a position of potential excess supply 2012/13 at the
earliest.

Since 1996 gas production
has grown at a compound
rate of 3%

OECD production faltering - for now

At present approximately 37% of gas production is derived from OECD countries, a statistic
which looks set to change over the longer term as production ramps up in Russia and LNG
projects around the world are implemented. Indeed, the EIA estimates that by 2030 only
27% of gas production will be derived from the OECD, with the majority of new production
coming from Russia. The biggest increase however is likely to be seen in the Middle East
(CAGR of 3.6% across the period of 2007-2030), primarily due to LNG projects in Qatar and
increased production in Iran.
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Although as with the US unconventional sources could afford long term relief

The other notable trend is the expectation that unconventional gas will grow in significance
out to 2030. The IEA estimates that unconventional production will grow at a CAGR of 2.5%
out to 2030 (vs. overall global growth of 1.5%) taking its contribution to gas supply from the
current 12% to near 15% by 2030. Most of this growth will come from various tight
gas/shale gas/CBM projects in the US, although unconventional gas production is also
forecast to grow in Australia, China, India and Europe (albeit the share of unconventional gas
to total gas production in these regions is expected to remain small).

Figure 189: Forecast gas production by region Figure 190: Gas production by type
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Historically, because of the challenges associated with transporting gas over large distances
and limitations on storage the major centres of production have tended to be within piping
distance of the major demand centres. However, as indigenous production not least in
Europe starts to decline so the delivery of gas in liquid form as LNG from often stranded or
displaced sources is likely to become more prevalent. LNG as a proportion of supply has
been increasing over the last number of years, a trend the IEA expects will continue through
to 2030. A glance at its forecasts for world inter-regional natural gas trade indicate that the
contribution of LNG to international gas trade is expected to increase from the current 34%
to nearer 40% by 2030. Beyond the decline in indigenous supply sources, this is as a result
of both new LNG capacity coming on-stream, but also as a result of efforts from countries to
diversify sources of supply, particularly in Europe where most importing countries are
dependent on Russia as a key source of supply. The figure overleaf shows the number of
planned re-gas facilities in Europe — which if all were to materialise would result in a 150%
increase in regas capacity by 2025 from 2009 levels of 106mtpa.

Figure 191: LNG’s % of global trade set to reach 40% Figure 192: Re-gas capacity set to increase by ¢.75%
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Figure 193: Existing and planned LNG regasifcation terminals in Europe
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Gas reserves — more dispersed than oil

Gas reserves are for the main part more geographically dispersed than oil, with many of the
world’s top consumers holding significant domestic reserves. Russia has the world’ largest
gas reserves (23% of total), and since 2002 is also the world's largest producer (58.2bcf/d in
2006) and largest exporter of gas. The fact that c63% of gas reserves are found in regions
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other than the Middle East increases the appeal of gas to governments wishing to reduce
their energy dependence on this region.

Figure 194: World’s largest net gas exporters 2008 Figure 195: World's largest net gas importers 2008
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Factors impacting gas supply include pipeline capacity, storage and increasingly whether
there are sufficient regasification facilities available to handle LNG supplies (refer to the
section on LNG for further detail on regasification). Prior to the LNG era, pipelines were the
only way to transport gas from the wellhead to the market, a fact which to some extent
stunted the growth of gas as a reliable source of energy on the basis that gas located in
remote locations was effectively stranded if transporting it via pipeline was not economic
(distance/technical reasons). While the US has an extensive, interconnected pipeline system
(a fact which has contributed to it becoming the largest gas market in the world that is often
referred to as the “sink” for gas that cannot be sold elsewhere), Europe's pipeline
infrastructure by and large can only flow gas east to west, which effectively impedes free
movement of gas around Europe.

Figure 196: Majority of gas piped into Europe flows east Figure 197: There are a number of new pipelines

to west
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Finally given the seasonality of natural gas demand, storage facilities are used to meet peak
demand in winter (the winter heating season) and in summer (gas used for electricity
generation to power increased air conditioning demands). Storage facilities tend to be
depleted salt caverns (or other aquifers) which have been converted to store natural gas. The
US holds by far the most gas storage capacity globally (241bcm or 8500bcf), with most other
regions having well below 40% of winter demand storage capacity as illustrated in the figure
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below. However, with countries putting increased focus on ensuring the necessary
infrastructure to support a liquid spot market is put in place, there are plans to increase the
levels of storage capacity, particularly in Europe.

Figure 198: Gas storage in existence Figure 199: US weekly gas storage data
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Unlike oil markets, gas
markets are regional and for

the main part, not liberalised

Source: Deutsche Bank

Gas Pricing

Unlike oil markets, gas markets are regional and for the main part, not liberalised. In fact, until
2000, natural gas prices were linked to oil prices limiting competitive pricing and free market
mechanisms. Even today despite some ‘deregulation’, markets in Europe remain opaque and
only the US and the UK are transparent and for the main part, liberalised. On the most basic
level, natural gas is priced based on energy content and proximity to consuming markets,
however, pricing mechanisms vary considerably across the world. We discuss the key pricing
regimes (US, Europe and Asia) below.

US - Henry Hub gas pricing

All gas sold in the US whether piped gas or LNG is traded on both the spot and futures
market much in the same way as crude. All gas is priced against Henry Hub (HH), which is an
actual physical interconnection point on the natural gas pipeline in Louisiana where gas is
typically delivered. Spot and future prices set at Henry Hub are denominated in US$/mmbtu
and are generally seen as the primary price set for the North American natural gas markets,
although the physical distance from Henry Hub will impact on prices around the country e.g.
west coast prices normally trade at a discount to Henry Hub whilst those located near to the
major centres of demand on the Eastern Seaboard trade at a premium. Around 80% of gas
sold in the US is via the "bid-week process”. This process occurs on the three days leading
up to and ending on the NYMEX contract’s expiration, which occurs on the third-last business
day each month. The NYMEX natural gas contract expiration price is indicative of the price
bid-week deals should be conducted at.

While supply interruptions have caused spikes in pricing, the longer term price tends to
reflect limitations in resources and their rates of development, albeit the price of
interchangeable, competing fuels (namely coal and fuel oil) will also impact. In the long term,
the drive by the US to reduce its dependency on foreign sources of energy could impact
longer term gas prices as gas derived energy production is ramped up thus increasing the US
appetite for both domestic natural gas and LNG. However, nearer term the outlook is
somewhat different. Historically, HH traded at an average 7:1 ratio to the price of crude oil,
but recent years have seen this relationship break down with the ratio rocketing as high as
20:1 at times. Since the renaissance of US domestic gas production levels, the US gas
market is more than well supplied even before LNG volumes (currently 2% of total
consumption) are taken into consideration. Thus as long as this situation persists, the pricing
relationship between crude and natural gas in the US is unlikely to return to historic norms.
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Figure 200: US Henry Hub gas price vs. the oil price

Figure 201: Gas price differentials within the US - East
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Europe - a mixed bag with many moving parts

The majority of gas sold in Europe is sold under long term oil indexed contracts. This is as a
result of the fact that historically in order for producers to be able to sanction the
development of a gas project, volumes needed to be sold forward under some agreed
pricing mechanism in order to guarantee a market for gas. Furthermore, most gas consumed
in Europe is pipeline gas coming mainly from Norway, Russia or Algeria. However, with LNG
an increasingly viable option, more and more European countries are investing in
regasification facilities in order to diversify sources of gas.

Spot pricing in Europe: is nascent. However, a number of disputes between Russia and the
Ukraine which reduced gas supply to Europe for periods in 05/06, 07/08 and most recently in
Jan 2009, coupled with the current oversupplied gas market have seen several countries
establish or grow their gas trading platforms in order to 1) reduce dependence on Russian
gas and 2) benefit from cheaper spot gas prices. At present the UK is the only European
country with an active gas trading market. NBP (National Balancing Point) is the virtual
equivalent to US Henry Hub for pricing and delivery of natural gas futures contracts. It is the
most liquid trading point in Europe and essentially determines the price domestic UK
consumers pay for their gas. While a number of gas trading hubs have established
themselves in continental Europe in recent years, a full move to spot pricing in Europe is not
realistic in the near term for a number of reasons. Aside from the size, liquidity and
transparency of gas markets in Europe, infrastructural limitations will impede a move away
from LT contracts. The majority of pipelines in Europe flow east to west (from Norway/Russia
to rest of Europe) and do not have the ability to reverse flow, while access to other sources
of gas via LNG remains limited at present given lack of regasification facilities in Europe.
Finally, Europe is short gas storage facilities thus sufficient volumes of gas cannot be easily
stored. However, as regasification capacity in Europe grows and as demand for gas
increases, it is expected that trade on both spot and forward markets in Europe will also
increase. The expectation that spot pricing in Europe will become more relevant in future
years is starting to be recognised by key producers with both Statoil and Gazprom recently
introducing spot gas prices as part of the basket of products against which gas is priced
under long term gas contracts (to the extent that the contract in question also has access to a
spot market). Indeed, we note that all gas sold in the UK, even volumes sold under a long
term contract, is priced against NBP.

Long term contracts: There is no established format or content for long term contracts;
each is bespoke, tailored to the needs to both the seller and the buyer. However, as a
general rule long term gas contracts are indexed to a basket of oil product prices, lagged by
between three to nine months. The contract nature means visibility on pricing is poor
although, theoretically, prices should track those of crude (given product price fluctuations
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are normally in line with oil price fluctuations). We present below our understanding of the
general key terms of long term contracts of Europe’s second largest gas supplier (Statoil).

Figure 202: Summary key points in European long-term gas contracts

Term Description

Gas Year 1 October - 30 September

Duration Varies from contract to contract but typically 25-30 years

Off-take Varies from contract to contract but :
Annual: Statoil average is that consumers must take a minimum of 80% of contracted volumes in
any one gas year.
Daily: Daily average volumes can fluctuate between 60% to 110% of the delivery obligation

Nomination Long term contract customers can nominate volumes to be delivered 24 hours in advance of
delivery. For Statoil ¢.85% of its long term contracts can nominate 24 hours ahead of delivery. The
remaining contracts are newer and tend to have less flexibility.

Take-or-pay If consumers take less than the 80% minimum in a gas year, they must pay for the difference

between the volumes taken and minimum volumes permissible under the contract

Make-up volumes

Where a customer has paid for volumes but not taken them they are entitled to take between 50-
80% of these ‘pre-paid’ volumes over the next 5 gas years (Note this is a general proxy and varies
from contract to contract and is often negotiable between both parties).

Contract pricing

LT contract gas prices are typically linked to a basket of competing fuels such as gas oil, fuel oil,
coal etc as determined by the contract. Each customer’s gas price is set at the start of each
quarter and will be based on 3-9 month rolling average product prices with a one month lag e.g.
Q1 gas price could be based on average product prices between 01 June to 30 Nov weighted by
end market (residential, industrial, power).

Source: Deutsche Bank

Determining the gas price under long term oil indexed contracts is as noted above, not
simple. There are so many nuances within each individual contract that two consumers
purchasing gas from the same field may actually be paying different gas prices depending on
the terms they've negotiated. However, as a general rule, pricing under long term gas
contracts comprises a number of the following main components:

Base price per unit of gas and competing fuels as agreed at start of contract: this is the
minimum base price of gas and competing fuels agreed between the producer and the
consumer at the start of the contract to ensure that the producer is guaranteed a
minimum gas price in order to make a return on the project.

All the different elements vary dramatically from contract to contract and indeed within a
single contract but we try to illustrate above how indexation works in a European gas
contracts.

Indexation to competing fuels: long term gas pricing is effectively determined by pricing
the gas relative to its main competing fuels such as gasoil, fuel oil and coal. In order to
do this the price is normally set at the start of a quarter and is based on historic prices
for the relevant competing fuels.

Weighting: the formula will be weighted based on what the consumer typically uses the
gas for e.g. if the customer is a big utility which sells most of its gas to the residential
sector where the main competing fuel is gasoil, the price of gasoil will have a greater
weighting in determining the gas price for this customer. This is one of the elements that
can be negotiated and changed during price reviews depending on how the consumers
business has evolved.

Capacity charge: use of pipeline capacity and the processing plants is also added on to
the end sale price.

The above comments can be summarized pictorially as shown overleaf:
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Figure 203: Indexation to product prices made simple

How product prices feed into LT contract gas prices

3 month rolling Recalculated every 3
average product price months

Lagged by one month

= There are many variances on this such as 6-1-3, 9-1-3 or 9-1-1 etc.
However the referencing remains consistent.

= |n determining the gas price for a quarter there are different periods of time
lag by product e.g. there could be a gasoil 6-1-3 and a fuel oil 3-1-3 due to the
fact that gasoil is more seasonal than fuel oil.

=Example: One of the pricing elements in a LT contract is a 6-1-= gasoil.

To determine the price for Q4 one would take the average gasoil price for the
6 months between 01 March to 31 August

One excludes September in order to allow for the one month lag

Source: Deutsche Bank estimates

Asia - oil parity and S-curves

Not surprisingly, gas sold in Asia is priced in a different manner to both Europe and the US.
Given the lack of any material domestic gas production in the region, it has tended to offer a
premium, oil linked gas price in order to attract international gas to its shores (note that LNG
represents ¢.90% of gas imported in Asia Pacific). In the past, oil linked S-curves were used,
however, as gas markets tightened between 2004-2008, contracts were increasingly signed
at or near oil price parity in order to attract gas away from both the US and Europe although
more recently, some reversion to ‘'S’ type formulas has become evident

= S-curve: In the past, LNG sold under long term contract into Japan (world’s largest
importer of LNG) has typically been priced under an oil price linked formula, the price
outcome of which was similar in shape to that of an S-curve. On the basis that the price
of crude had, and would likely continue to trade within its historically defined range this
formula invariably comprised a constant, usually $1-3/mmbtu, together with an oil price
linked multiplier which was to be applied within a defined range of oil prices, typically
$15-35/bbl. Should the oil price fall outside this range the contract also provided an
interim formula whereby a lower multiple would be applied to the oil price. At the upper
end of the inflection point (e.g. over $35/bbl in our example) this typically afforded the
buyer some protection from a temporary surge in oil prices whilst at the lower inflection
point (under $15/bbl) it provided the seller with some form of downside protection.

= Qil parity: this is when gas is priced on an energy equivalent basis with crude i.e. 17%
of the price of crude (thus at $100/bbl, gas is priced at $17.24/mmbtu). In most cases,
the price achieved is less than the price of crude in BOE terms, however, in 2008/09
when gas markets were at their tightest, a number of cargos in East Asia achieved oil
parity. Even the 14-15% long term contract prices signed since the highs of 2008 remain
significantly ahead of terms signed in the past. Unlike the S-curve, contracts signed at oil
parity provide no protection to the buyer from a surge in oil prices or to the seller should
the price of crude oil collapse.

Each of these is depicted further in the later discussion of LNG markets and pricing.
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Figure 204: Oil & Gas reserves, production and consumption by country

Oil Gas

Countries Reserves Production CAGR Consumption CAGR Reserves Production CAGR Consumption CAGR

Bn Bbls kb/d 99-09 kb/d 99-09 Tef Bef/d 99-09 Bef/d 99-09
Algeria 12.2 1810.9 1.8% 331.1 5.9% 159.1 7.9 -0.5% 2.6 2.3%
Angola 13.5 1784.0 9.1%
Argentina 25 676.3 2.2% 473.1 0.6% 13.2 4.0 1.8% 4.2 2.9%
Australia 4.2 558.7 -1.1% 941.3 1.1% 108.7 4.1 3.2% 2.5 2.4%
Austria 270.4 0.8% 0.9 0.9%
Azerbaijan 7.0 1033.0 14.0% 59.7 -6.0% 46.3 1.4 10.5% 0.7 3.5%
Bahrain 3.0 1.2 3.9%
Bangladesh 92.8 3.2% 12.5 1.9 9.1% 1.9 9.1%
Belarus 191.7 2.2% 1.6 0.8%
Belgium & Luxembourg 781.2 1.5% 1.7 1.6%
Bolivia 251 1.2 18.4%
Brazil 12.9 2029.0 6.0% 2404.9 1.3% 12.7 1.2 4.8% 20 104%
Brunei 1.1 167.9 -0.8% 12.4 1.1 0.2%
Bulgaria 97.6 0.5% 0.2 -1.8%
Cameroon 731 -2.6%
Canada 33.2 32125 2.1% 2195.5 1.3% 62.0 15.6 -0.9% 9.2 0.8%
Chad 0.9 117.8
Chile 332.9 2.9% 0.3 -4.0%
China 14.8 3790.4 1.7% 8625.2 6.8% 86.7 8.2 13.0% 86 15.2%
China Hong Kong 285.6 3.9% 0.2 -2.7%
Colombia 1.4 685.4 -2.0% 193.9 -2.0% 4.4 1.0 7.3% 0.8 5.3%
Czech Republic 205.4 1.7% 0.8 -0.5%
Denmark 0.9 264.5 -1.2% 1741 -2.4% 23 0.8 0.8% 0.4 -1.2%
Ecuador 6.5 495.1 2.6% 216.5 5.1% n
Egypt 4.4 741.9 -1.1% 720.5 2.3% 77.3 6.1 14.1% 4.1 10.0%
Eq. Guinea 1.7 307.0 11.9%
Finland 211.7 -0.6% 0.3 -0.3%
France 1833.4 -1.1% 4.1 1.2%
Gabon 3.7 229.0 -3.9%
Germany 2421.6 -1.5% 2.7 1.2 -3.7% 7.5 -0.3%
Greece 4171 0.8% 0.3 8.4%
Hungary 161.4 0.7% 1.0 -0.9%
Iceland 20.4 1.0% -
India 5.8 754.4 0.2% 3182.8 4.1% 39.4 3.8 4.6% 5.0 7.5%
Indonesia 4.4 1021.4 -3.2% 1344.3 2.8% 112.5 7.0 0.3% 3.5 1.4%
Iran 137.6 4216.0 1.6% 1740.7 3.6% 1045.7 12.7 8.8% 12.7 8.56%
Iraq 115.0 2482.0 -0.5% 111.9
Italy 0.9 95.0 -0.9% 1579.5 -2.2% 2.3 0.7 -7.4% 6.9 1.4%
Japan 4396.1 -2.4% 8.6 2.3%
Kazakhstan 39.8 1681.6 10.3% 259.6 5.9% 64.4 3.1 13.6% 1.9 9.8%
Kuwait 101.5 2481.1 1.8% 418.5 5.6% 63.0 1.2 3.8% 1.3 4.5%
Libya 443 1652.0 1.5% 54.4 1.5 11.8%
Lithuania 60.7 -0.3% 0.3 1.3%
Malaysia 5.5 739.8 0.0% 468.1 0.7% 84.1 6.1 4.4% 3.0 6.9%

Source: BP Statistical Review 2010
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Figure 205: Oil & Gas reserves, production and consumption by country - continued...

Oil Gas

Countries Reserves Prod’'n CAGR Consump’'n CAGR Reserves Prod’'n CAGR Consump’'n CAGR

Bn Bbls kb/d 99-09 kb/d 99-09 Tef Bef/d 99-09 Bef/d 99-09
Mexico 1.7 2979.5 -1.1% 1944.5 0.5% 16.8 5.6 4.6% 6.7 6.4%
Myanmar 20.1 1.1 21.0%
Netherlands 1053.9 1.8% 38.3 6.1 0.4% 3.8 0.1%
New Zealand 148.1 1.3% 0.4 -2.9% 0.4 -2.9%
Nigeria 37.2 2060.8 0.0% 185.4 24 15.2%
Norway 7.1 23421 -2.9% 2106  -0.2% 72.3 10.0 7.9% 0.4 1.3%
Oman 5.6 809.6 -1.2% 34.6 24 16.3%
Pakistan 413.6 1.3% 32.0 3.7 6.4% 3.7 6.4%
Papua New Guinea 15.6
Peru 1.1 145.3 3.1% 188.1 1.7% 11.2 0.3
Philippines 265.1 -3.4% 0.3
Poland 553.2 2.5% 3.8 0.4 1.8% 1.3 2.9%
Portugal 269.3 -2.0% 0.4 6.7%
Qatar 26.8 1344.9 6.4% 209.4 15.1% 895.8 8.6 15.0% 2.0 4.2%
Rep. of Congo 1.9 274.3 0.3%
Republic of Ireland 169.3 -0.1% 0.5 3.7%
Romania 0.5 92.6 -3.6% 211.3 0.8% 22.2 1.1 -2.5% 1.3 -2.3%
Russia 74.2 10032.1 5.0% 2695.1 0.3% 1567.1 51.0 -0.2% 37.7 1.0%
Saudi Arabia 264.6 9713.1 0.9% 2614.2 5.4% 279.7 7.5 5.3% 7.5 5.3%
Singapore 1001.9 4.9% 09 205%
Slovakia 82.6 1.2% 0.5 -1.4%
South Africa 517.9 1.3% -
South Korea 2327.0 0.7% 3.3 7.2%
Spain 1492.2 0.5% 3.3 8.7%
Sudan 6.7 489.8 22.8%
Sweden 2868 -1.6% 0.1 3.2%
Switzerland 262.1 -0.3% 0.3 1.1%
Syria 25 376.1 -4.2% 10.0 0.6 0.7%
Taiwan 1014.2 0.5% 1.1 6.1%
Thailand 0.5 329.9 8.9% 975.4 2.2% 12.7 3.0 4.9% 3.8 7.4%
Trinidad & Tobago 0.8 150.7 0.7% 15.4 3.9 13.2%
Tunisia 0.6 85.7 0.2%
Turkey 620.9 -0.3% 3.1 10.0%
Turkmenistan 0.6 205.9 3.7% 119.5 4.1% 286.2 3.5 5.8% 1.9 6.1%
Ukraine 307.0 1.2% 34.7 1.9 1.6% 45  -4.0%
UAE 97.8 2599.0 0.3% 455.4 5.3% 2271 4.7 2.4% 5.7 6.5%
UK 3.1 1448.0 -6.7% 16114  -0.7% 10.3 5.8 -4.9% 84  -0.8%
USA 28.4 7196.0 -0.7% 18686.2  -0.4% 244.7 57.4 1.1% 62.6 0.2%
Uzbekistan 0.6 107.1 -5.6% 1006 -3.1% 59.4 6.2 2.5% 4.7 0.2%
Venezuela 172.3 2436.7 -2.5% 608.8 2.5% 200.1 2.7 0.2% 2.9 0.8%
Vietnam 4.5 345.3 1.6% 241 0.8 19.9%
Yemen 2.7 298.0 -3.0% 17.3
Other 5.6 985.5 0.7% 5551.8 2.1% 78.3 5.2 71% 11.6 8.7%
Total 1333.1 79947.9 84076.9 6621.2 289.0 284.4

Source: BP Statistical Review 2010
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Crudes differ in a large
number of chemical and

physical properties

Light crude usually has an
API gravity between 35 and
40 degrees

Sweet crude contains less
than 0.5% sulphur.

Oil & Gas Products

What is crude oil?

Not all crude oil is the same. Breaking it down to its most simple form, crude oil consists of
lots of carbon chains and molecules all of differing lengths. It is not a homogenous material
and its physical appearance varies from a light, almost colourless liquid to a heavy
black/brown sludge. The number of hydrocarbons, in addition to the heat at which the
hydrocarbons formed, will determine the density and hence the classification of the oil.
Density (light/medium/heavy) is classified by the American Petroleum Institute (API). The less
dense the oil, the higher the API gravity, hence high gravity oils are known as ‘light’ crudes
and low gravity oil are ‘heavy’ crudes. Equally, all oils contain sulphur to some degree which
is released on combustion as sulphur dioxide. Oils containing a higher percentage of sulphur
are known as sour, and those with lower sulphur levels are known as sweet.

Figure 206: Simple depiction of the structure of the different components that

comprise crude oil. Importantly, not all chains are the same*
C-C-C-C (LPG)
C-C-C-C-C-C (naphtha)
C-C-C-C-C-C-C-C-C (gasoline)
C-C-C-C-C-C-C-C-C-C-C-C-C (diesel)
CHs - (C-C-C-C-C-S-C-C-C-C-C-C-C-C) - CHs (long chain bunker fuel)
CHz-(CH2)n-CHsz Bitumen

Source: Deutsche Bank *Chain lengths are for illustrative purposes only rather than an accurate depiction of length and molecular form

Definitions

Light crude usually has an API gravity between 35 and 40 degrees. It has a lower wax
content and fewer long chain molecules, hence lower viscosity and as such is easier to pump
and transport. This historically has meant lower operating (both production and refining) costs
to exploit resources of light crude and hence higher demand by oil companies to gain access
to these resources. The majority of refined oil (in all its forms such as petrol, heating oil) to
date has been produced from light oil and both the London (Brent) and New York (WTI) oil
prices - the two key international benchmarks - are for light crude, indicating the dominance
of light crude in the global market to date.

Heavy crude usually has an APl between 16 and 20 degrees. Physical properties that
distinguish heavy crudes from lighter ones include higher viscosity, with a consistency
ranging from that of heavy molasses to a solid at room temperature. These oils can often
contain high concentrations of sulphur and several metals, particularly nickel and vanadium.
These are the properties that make them difficult to pump out of the ground or through a
pipeline and interfere with refining. In general, diluents are added at regular distances in
pipelines carrying heavy crude to facilitate the flow.

Sweet crude contains less than 0.5% sulphur. High quality, low sulphur crude oil is
commonly used for processing into petrol and is in high demand. "Light sweet crude oil" is
the most sought-after version of crude oil as it contains a disproportionately large amount of
gasoline (petrol), kerosene, and high-quality diesel.
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Sour crude contains
impurities such as hydrogen

sulphide and carbon dioxide

Both heavy and sour crude
trades at a discount

What is API gravity?

The American Petroleum Institute gravity, or API gravity, is a measure of how heavy or light a
petroleum liquid is compared to water. If its API gravity is greater than 10, it is lighter and
floats on water; if less than 10, it is heavier and sinks. API gravity is thus a measure of the
relative density of a petroleum liquid and the density of water, but it is used to compare the
relative densities of petroleum liquids. For example, if one petroleum liquid floats on another
and is therefore less dense, it has a greater API gravity. Although mathematically API gravity
has no units (see the formula below), it is nevertheless referred to as being in “degrees”. API
gravity is graduated in degrees on a hydrometer instrument and was designed so that most
values would fall between 10 and 70 API gravity degrees. The formula for APl is as follows.
Note that the specific gravity (SG) of a liquid is its density relative to water.

API Gravity = 141.5/SG at 60°F - 131.5

Sour crude contains impurities such as hydrogen sulphide and carbon dioxide. When the
total sulphide level in the oil is >1% the oil is called ‘sour’. The impurities need to be
removed before the lower quality crude can be refined, thereby increasing the cost of
processing. This results in higher costs to produce transport and other fuels than those made
from sweet crude oil.

Acidity is measured via a total acid number (TAN) index. Acidity above a certain level poses
problems for refiners as it can lead to corrosion of the refinery equipment. Special equipment
can be installed to handle higher acid crudes or the problem can be addressed via blending
but this too has a logistical element to it. Acidity has not played a major role in oil markets to
date but with more unconventional sources of oil being explored this could be an important
factor going forward.

Figure 207: Typical refining output of crude oil for selected blends
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Source: Wood Mackenzie

In general both heavy and sour crudes trade at a discount due to higher processing costs and
the fact that historically the majority of refineries were built to process light, sweet crude.
The above diagram shows the typical refining slate of a number of different crude oils.
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Figure 208: European crude imports (mb/d)
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Trends in crude oil

In Europe, the slate of crude available has changed in recent years as oil production in the
North Sea has begun to decline. Supply is being replaced to some extent by the Russian
Urals blend, which is both heavier and sourer. This is illustrated in figure below which
indicates that imports from Russia have increased by 75% (from 3.7mb/d in 2001 to 6.4mb/d
in 2008) over the last seven years. Globally, since 2000 the same trends have also been in
evidence with production of heavier oils having increased by a total of 18% not least as
heavier Middle Eastern oils produced by OPEC members have gained market share.
Unsurprisingly, with OPEC forecast to steadily increase its share of global production this
trend is expected to continue.

Figure 209: Trends in non-OPEC crude production
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In general, the early refineries were constructed to process light sweet crude (i.e. non-
complex refineries) hence this has driven demand for light sweet crudes. However, in light of
a trend to reduced production of light-sweet crude and with higher oil prices rendering the
exploitation of heavy crude more economically attractive, there is growing interest in
developing heavy crude resources. To this end the oil industry has been developing new,
cost-effective methods for extracting heavy crude, upgrading it either in situ or at the
wellhead, transporting the heavy crude or synthetic crude (syncrudes) to the refinery, and
refining it to obtain high yields of valuable light and middle distillate fuels. Heavy investment
has also been made by refineries (refer to section on refineries) in order to process and
desulphurise heavy and/or sour oil. This trend will continue as oil regulations get tighter. The
introduction of Auto-Oil | and Il in Europe and similar legislation in most other countries
(designed to reduce the environmental impact of acid rain) has meant that the level of sulphur
permitted in gasoline and diesel has significantly decreased over the last number of years.

Figure 210: Gasoline and Diesel Maximum sulphur level

Gasoline (ppm sulphur) Diesel oil (ppm sulphur)

Country 2000 2005 Current  Started 2000 2005 Current  Started

from from
EU 150 50 10 2009 350 50 10 2009
USA 300 90 30 2006 500 500 15 2006
Canada 320 30 - - 500 500 15 2006
Australia 800 150 50 2008 1500 500 10 2009
Japan 100 50 10 2007 800 50 10 2007
China 800 500 150 2010 2000 500 350 2012

Source: Deutsche Bank
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Key Global Blends

The figure below shows the different characteristics of some familiar crude blends and
highlights higher volumes of production in light but sour blends indicating that the need for
refineries to de-sulphurise crude will increase in coming years. For example both Urals and
Arab Light (light sour blends) and Maya (heavy sour blend) are now produced in much higher
volumes than Brent Blend or West Texas Intermediate. The two former blends were once
produced in such high volumes that they became the key pricing benchmarks for crude oil.

Figure 211: Quality and Production volumes of crude oil 2006
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Refining has long been the
least favoured child of the
integrated oil company’s
portfolio.

Recently refining
profitability has, however,
seen something of a

renaissance

Refining Overview

The Black Sheep of the family

Refining has long been the least favoured child of the integrated oil company's portfolio. Low
return, low growth, capital intensive, politically sensitive and environmentally uncertain - the
industry has perhaps appropriately been described by one leading refiner's CFO as one of the
world's least attractive industries. Yet as an important link between upstream production and
end consumer markets, refining has long been perceived as a necessary evil by the
integrated oil companies and one that, if managed tightly with limited capital investment, can
generate both healthy returns on invested capital and strong cash flows.

Of course it wasn't always like this. Through much of the twentieth century as demand for oil
products grew strongly refining afforded the oil exploration companies the opportunity to
benefit from that growth while securing demand for their upstream production. However,
akin to the western hemisphere’'s petrochemical industry, the oil price shock of the early
1970s served to hasten an already impending slowdown in underlying demand growth for
refined oil products in the developed world (see chart below), following which years of
overcapacity helped to ensure that returns remained well below re-investment levels. A
similar reaction was once again evident through the financial crisis of 2008/09 with demand
falling by some 1.3mb/d in 2009 which resulted in a significant increase in refining spare
capacity as illustrated in the figure below.

Figure 212: Refining supply and demand and apparent ‘spare’ capacity 1965-2013E
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The ‘Golden Age of Refining’ more of a Golden Moment?

Through the period of 2004-2008 refining profitability experienced something of a
renaissance. Continued steady demand growth combined with western refiner’'s ongoing
reluctance to invest in new capacity resulted in a reduction of much of the surplus supply
with the resulting improvement in capacity utilization, particularly in the US, leading to periods
of market tightness and much improved profitability. With gross margins significantly
improved this led to comments of a new “golden era” for refining.

However, the financial crisis of 2008/09 sent the golden era to an early grave, with refining
margins in 2009 dropping sharply to pre-2004 levels. Weak demand, a sharp increase in
existing spare capacity (with the risk that new capacity additions currently under construction
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Figure 213: OECD refinery utilization rates 1995-2010
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will further exacerbate the situation) and increased supply of both bio-fuels for blending and
NGL production all put downward pressure on margins, with most majors now commenting
that perhaps the Golden Era of refining was more of a “Golden moment”. Whilst refining
margins have recovered somewhat since the end of 2009, this is largely due to low utilisation
rates with many refiners shutting-in units or reducing throughput to support margins. More
telling perhaps is that a number of IOCs, particularly in Europe where margins remain
significantly below long-run averages, are actively seeking to reduce their refinery exposure,
with a sale of assets being the preferred route. However, finding a buyer has proved to be
difficult, highlighting perhaps the extent to which industry believes the refining market is
oversupplied.

Figure 214: Global refining margins by region
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Various factors have clearly played an important role in the dramatic improvement and
subsequent collapse in gross refining margins in recent years. These are discussed in some
detail over the following section. In brief, however, they include:

The impact of rising crude oil prices on conversion margins

As we shall see, refining at its simplest is about the separation of the different components
of the crude oil barrel. However, not all of the outputs have the same market value. Gasoline
and diesel for example sell at a premium to heavy fuel oil for power generation. Moreover,
where the market price of these transport fuels typically advances with a rise in the price of
crude oil given a lack of substitutes, in the case of heavy fuel oil the availability of energy
alternatives (coal, natural gas, etc) serves to cap price improvements even at higher crude oil
prices. As a consequence, those refiners that have invested in the process equipment to
CONVERT lower value products to higher value products stand to gain from an improvement
in conversion margins. This is illustrated by the below table which depicts the benefits to
Total from a conversion plant inaugurated in 2006 for production of diesel from heavy fuel oil.

Figure 215: Total’s Gonfreville hydrocracker - summarizing the economics

Input Amount Price Cost Output Amount Price Value
($/T) ($m) ($/T) ($m)

Heavy Fuel Oil 1.8mtpa 250 -450 Diesel 1.3 mtpa 580 754
Domestic Fuel Qil 0.7mtpa 550 -413 Naphtha 0.2 mtpa 530 106
2.5mtpa -863 Kerosene 0.4 mtpa 620 248

Other 0.5 mtpa 550 275

1383

OPEX Costs (@$5/bbl) -90

Input Costs -863

Upgrade value (gross) 430

Upgrade value/bbl $23.5/bbl

Source: Deutsche Bank estimates
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Theoretically, the different
price of different crude oils
should reflect variances in
their composition and the
different value of the
product slate that emerges
from their distillation

However, this is not always the case as was demonstrated in 2009, when one of the key
challenges for complex refiners was the sharp decline in the fuel oil-middle distillate crack
spread. The majority of refinery shut-ins that occurred in 2009 were simple refiners with a
product slate more biased toward fuel oil that is often sold to complex refiners for further
processing. The closure of simple refiners meant less volumes of fuel oil were available on
the market thereby supporting fuel-oil prices, the result being that the fuel oil-middle distillate
crack spread fell dramatically.

The light-heavy spread

Theoretically, the prices of different crude oils should reflect variances in their composition
and the different value of the product slate that emerges from their distillation. However,
because not all refineries can process heavier, sour blends, at times of tightness in crude oil
markets or if the supply of light, sweet crude oil is restricted, those refiners that cannot
process heavy, sour crudes will likely bid up the value of lighter sweeter blends. The result is
that the differential between the heavy and light crude oils will increase beyond its theoretical
value. In the past, this has meant that those refiners that had invested in the equipment
necessary to process such blends have been able to capture this incremental value.

However, this phenomenon reversed somewhat in 2009 as OPEC production cuts reduced
the availability of heavy crudes to the market. While there has subsequently been an
improvement in the heavy-light spread as OPEC production has come back on-stream, with
the majority of investment (both on-going and proposed) in refineries aiming to increase the
ability of the refinery to process heavy crudes, there is a risk that going forward demand for
heavy oil could exceed that for light oil, with prices eventually reflecting that.

Product imbalances

Although refining capacity globally may be in surplus, there are clear regional differences in
capacity utilization. Moreover, whilst it is possible through investment to alter the products
emerging from the refining process, ultimately the product slate cannot be tailored to exactly
meet the needs of the market. Indeed, given the age of many refineries in the western world
considerable rigidity exists within the refining system. Environmental concerns also limit the
scope for investment in new build. As such, while a regional market may be long overall
capacity, it may be unable to fully meet the local demands for a particular refined product.

Figure 216: US - Future product balances (Mt) Figure 217: North West Europe - Future product
balances (Mt)
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This is particularly true of gasoline in both the US market and Europe. Thus where the US
market is significantly short of gasoline, the European market produces substantially more
than is required. Of course, this European excess can be sold into the US. However, in order
to do so prices in the US market need to be sufficient to justify the cost of shipping. This
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‘transport premium’ suggests that so long as the US market remains short of gasoline US
prices will be better as should US refining margins. By contrast, Europe’s need to export not
only means that refining margins will be lower. It also suggests that the health or otherwise
of European margins is likely to be critically dependent upon the health of markets
elsewhere, not least the US.

Conclusion: refining profitability the sum of many parts

Ultimately it is not just fluctuations in supply markets that has driven the improvement and
subsequent deterioration in refining profitability in recent years. It is also the structural shift in
oil prices, different rates of demand growth for the end-products of the refining process and
the growing product imbalances between different regional markets. Add to these the
increased environmental and regulatory specifications applied to oil products nowadays,
most significantly transport fuels all of which require investment and add barriers to the
simple flow of products between one region and another, and it seems clear that there is
much more at play here than a simple shift in the demand supply balance.

The curse of the investment cycle

Following the improvement to profitability during the so called golden moment of refining, on
looking at current planned refineries around the world, the industry appears to have invested
in more capacity than is actually needed, something it has done in the past. Current capacity
addition plans are significant (even net of known planned closures) and despite incremental
demand growing at a faster pace than incremental supply, the existing oversupply situation
means the world still looks oversupplied by c6mb/d in 2015. No doubt in this environment
some of these plans will be deferred whilst others will be pushed out. However, if all were to
proceed the oversupply situation looks like it will persist for many years to come.

Figure 218: Planned global refining capacity additions and annual expected demand
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Simplistically, if the above scenario was to manifest itself, we would expect this to continue
to place significant downwards pressure on margins. Distillation margins certainly look likely
to remain under pressure and, with capacity building, the scope for gross refining margins to
spike at times of temporary tightness as has been the case over the past two to three years
looks likely to diminish. Assuming oil prices remain relatively high conversion margins should
in theory continue to prove attractive most significantly for those who are able to benefit
from a return to a more normal heavy-light spread.
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Refining is a process of
converting crude oil into

usable products.

What is Refining?

Refining is a process of converting crude oil into usable products. Crude oil is a mixture of
hundreds of different types of hydrocarbons with carbon chains of different lengths. These
can be separated through refining. The shortest chain hydrocarbons are gases (under five
carbon atoms); chains containing five to 18 carbon atoms are liquids; and chains of 19 or
more carbon atoms generally form solids at room temperature.

Figure 219: Types of Hydrocarbons in Crude Oil
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What do refineries make?

Qil refining produces a wide variety of products that can be seen in use around us every day:
gasoline for motor vehicles; kerosene; jet fuel; diesel and heating oil to name just a few.
Petroleum products are also used in the manufacture of rubber, nylon and plastics.

A typical product yield or a refinery’s product slate (the proportion of refined products
obtained by refining one barrel of crude) obtained from a complex refinery in Western Europe
is shown in the figure below. This yield reflects both the refineries configuration but, because
all crude oils differ in their hydrocarbon composition, also the type of crude oil that is
processed.
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The initial product yield can be improved by further processing the oil products using more
sophisticated refining units to crack, unify and/or alter the hydrocarbons (see the “How does
a refinery work?" section below).

Refinery yields also tend to vary slightly over the year as refiners respond to both the regular
seasonal swings in product demand (more heating oil in the winter, more gasoline in the
summer) and irregular movements in product prices (the best and most flexible refineries can
quickly alter their output to produce the highest priced mix).

Figure 220: Typical Western Europe Product Yield

Product Western Europe (%)
Petroleum Gas L( ,! 3
Naphtha . 6
Gasoline - 22
Kerosene 6
Gasoil/ Diesel (aka middle distillates) 34
Fuel Oil [ 20
Others (residuals, lubricants) 9

Source: Deutsche Bank

The stream of oil products

The basic building block of the oil and gas sector, hydrocarbons, contain a lot of energy. Fuel
products from the refining process take advantage of this attribute. The only difference
between each oil product is the length of the carbon chains it contains. As mentioned
previously, this determines its physical state (gas, liquid, solid) and also its application. The
main refinery outputs can be summarized as follows:

= Petroleum gas is the lightest hydrocarbon chain, commonly known by the names
methane, ethane, propane and butane. It is a gas at room temperature, easily vaporised
and is used for heating, cooking and making plastics. It is often liquefied under pressure
to create liquefied petroleum gas (LPG) supplied by pipeline, in filled tanks or in large
bottles.

= Naphtha is a light, easily vaporised, clear liquid used for further processing into
petrochemicals (in western Europe and Asia in particular), as a solvent in dry cleaning
fluids, paint solvents and other quick-drying products. It is also an intermediate product
that can be further processed to make gasoline.

= Gasoline is a motor fuel that vaporises at temperatures below the boiling point of water
i.e. it evaporates quickly if spilt on the ground. Gasoline is rated by octane number, an
index of quality that reflects the ability of the fuel to resist detonation and burn evenly
when subjected to high pressures and temperatures inside an engine. Premature
detonation produces “knocking” (backfiring), wastes fuel and may cause engine
damage. Previously a form of lead was added to cheaper grades of gasoline to raise the
octane rating, but with the environmental crackdown on exhaust emissions, this is no
longer permitted. New formulations of gasoline designed to raise the octane number
contain increasing amounts of aromatics and oxygen-containing compounds
(oxygenates). Cars are now also equipped with catalytic converters that oxidise un-
reacted gasoline.

m  Kerosene is a liquid fuel used for jet engines or as a starting material for making other
products.

= Gasoil or diesel distillate is a liquid used for automotive diesel fuel and home heating
oil, as well as a starting material for making other products.
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The function of a refiner is to
convert crude oil into
finished products required
by the market in the most
efficient, and therefore

profitable, manner

= Lubricating oil is a liquid used to make motor oil, grease and other lubricants. It does
not vaporise at room temperature and varies from the very light through various
thicknesses of motor oil, gear oils, vaseline and semi-solid greases.

= Heavy gas or fuel oil is a liquid fuel used in industry for heat or power generation and as
a starting block for making other products. Heavy grades of fuel oil are also used as
‘bunker oil" to fuel ships. However, because most of the contaminants of oil (sulphur,
metals, etc) have very high boiling points they tend to concentrate in the heavy fuel oil.
Taken together with a heavy fuel oil's low hydrogen to carbon ratio, this makes it the
most potentially polluting fraction of oil.

= Residuals (or resid) are solids such as coke, asphalt, tar and waxes. They are generally
the lowest value products in the barrel but can also be used a starting material for
making other products.

How does a refinery work?

The function of a refiner is to convert crude oil into finished products required by the market
in the most efficient, and therefore profitable, manner. How this is done will vary widely from
refinery to refinery, depending upon the location of the site, the configuration of the refinery,
crude oil processed and many other factors.

Overall, however, there are four major refining steps taken to separate crude oil into useful
substances:

= Physical separation through crude distillation

= Conversion or upgrading of the basic distillation streams

= Product treatment to purify and remove contaminants and pollutants

=  Product blending to create products that comply with market specifications

Figure 221: The oil refinery crude distillation process - fractionation through blending
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Figure 222: Product yields from simple distillation of

different crude stream
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Distillation or fractionation
is a process by which crude
oil is separated

Unlike distillation, which
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structure of the
hydrocarbons, conversion
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Figure 223: Average US refinery yield - complexity

improves the product slate
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Crude Distillation (also known as ‘Topping’ or ‘Skimming’)

Distillation or fractionation is a process by which crude oil is separated into groups of
hydrocarbon compounds of differing boiling point ranges called “fractions” or “cuts”. It uses
the property of differing boiling points of different sizes of carbon chains in the crude oil —
the longer the chain, the higher the boiling point. Two types of distillation can be performed:

= Atmospheric distillation: This takes place at atmospheric pressure, when the crude is
heated to 350-400°C. The liquid falls to the bottom and the vapour rises, passing through
a series of perforated trays (sieves). The lighter products, liquid petroleum gases (LPG),
naphtha, and so-called "straight run" gasoline, are recovered at the lowest temperatures.
Middle distillates namely jet fuel, kerosene and distillates (such as home heating oil and
diesel fuel) come next. Finally, the heaviest products, such as, residuum or residual fuel
oil are recovered.

= Vacuum distillation: To recover additional heavy distillates from this residue, it may be
piped to a second distillation column where the process is repeated in vacuum
conditions. Called vacuum distillation this allows heavy hydrocarbons with boiling points
of 450°C and higher to be separated without them partially cracking (breaking down) into
unwanted products such as coke and gas.

Conversion (or upgrading)

Unlike distillation, which maintains the chemical structure of the hydrocarbons, conversion
alters their size and/or structure. Using several processes to improve the natural yield of
products achieved through simple distillation, upgrading enables refiners to more closely
match their output with the requirements of the market. Thus where, for example, the output
from a light crude oil would include around 25 percent gasoline but 40 percent residuum,
after further processing in a sophisticated refinery the product slate can be altered to
something nearer 60 percent gasoline, and 5 percent residuum, far more in line with the
demand from end markets.

The following are the major types of conversion processes:

m  Cracking: Cracking processes break down heavier hydrocarbon molecules (high boiling
point oils) into lighter products such as petrol and diesel, using heat (thermal) or catalysts
(catalytic).

In thermal cracking the hydrocarbons are heated, sometimes under high pressure,
resulting in decomposition of heavier hydrocarbons. Thermal cracking may use steam
cracking, coking (severe form of cracking - uses the heaviest output of distillation to
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produce lighter products and petroleum coke), visbreaking (mild form of cracking -
quenched with cool gasoil to prevent over-cracking, used for reducing viscosity without
affecting the boiling point range).

In catalytic cracking the heavy distillate (gasoil) undergoes chemical breakdown under
controlled heat (450-500°C) and pressure in the presence of a catalyst, a substance
which promotes the reaction without itself being chemically changed, such as silica.
Fluid catalytic cracking (FCC) uses a catalyst in the form of a very fine powder, which is
maintainedhav in an aerated or fluidized state by oil vapours. Feedstock entering the
process immediately meets a stream of very hot catalyst and vaporizes. Hydrocracking
uses hydrogen as a catalyst.

Figure 224: Catalytic cracking — FCC is used to produce gasoline whilst hydro-cracking

is used to increase distillate yields

FCC Hydrocracker
Gas 5% 3%
LPG 14% 6%
Naphtha 1% 7%
Gasoline 45% 4%
Kerosene 1% 40%
Gasoil 23% 38%
Residue 8% 2%
Coke 5% 0%

Source: Deutsche Bank

= Unification: This process combines the lighter hydrocarbons to create heavier
hydrocarbons of desired characteristics. Alkylation is one such process and uses a
catalyst such as sulphuric acid to convert lighter hydrocarbons into alkylates, a mixture of
high-octane hydrocarbons used to blend with gasoline.

= Alteration: This uses processes such as isomerization and catalytic reforming for “re-
arranging” the chemical structure of hydrocarbons. Catalytic reforming uses a catalyst to
produce higher-octane components under controlled temperatures and pressure. The
process also produces hydrogen, which is used to remove sulphur from refinery
streams.

Figure 225: Pictorial representation of major refining processes
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Treatment includes
processes such as
dissolution, absorption, or
precipitation to
remove/separate these

undesirable substances

Treatment

A number of contaminants are found in crude oil. As the fractions travel through the refinery
processing units, these impurities can damage the equipment, the catalysts and the quality of
the products. There are also regulatory limits on the contents of some impurities, such as
sulphur, in products. Treatment includes processes such as dissolution, absorption, or
precipitation to remove/separate these undesirable substances. Desalting (dehydration) is
used to remove impurities such as inorganic salts from crude oil. Catalytic hydro-treating is
a hydrogenation process used to remove about 90% of contaminants such as nitrogen,
sulphur, oxygen, and metals from liquid petroleum fractions.

Formulating and Blending

Blending involves the mixing and combining of hydrocarbon fractions, additives, and other
components to produce finished products with specific performance properties. Additives
including octane enhancers, metal deactivators, anti-oxidants, anti-knock agents, gum and
rust inhibitors, detergents, etc., are added during and/or after blending to provide specific

properties not inherent in hydrocarbons.

Figure 226: Summary of main downstream processes

Process Name Action Method Purpose Feedstock (s) Product (s)

Distillation

Atmospheric distillation Separation Thermal Separate fractions Desalted crude oil Gas, gasoil, distillate, residual

Vacuum distillation Separation Thermal Separate fractions Atmospheric tower residual Gasoil, lube stock, residual

Conversion - cracking

Catalytic cracking Decompose Catalytic Upgrade gasoline Gasoil, coke distillate Gasoline, petrochemical
feedstock

Coking Polymerize Thermal Convert vacuum residuals Gasoil, coke distillate Gasoline, petrochemical
feedstock

Hydro-cracking Hydrogenate Catalytic Convert to lighter HCs Gasoil, cracked oil, residual Lighter, higher-quality products

Steam cracking Decompose Thermal Crack large molecules Atm tower heavy fuel/ distillate Cracked naphtha, coke,
residual

Vis-breaking Decompose Thermal Reduce viscosity Atmospheric tower residual Distillate, tar

Conversion - unification

Alkylation Combining Catalytic Unite olefins & iso-paraffins Tower isobutane/ cracker olefin Iso-octane (alkylate)

Polymerizing Polymerize Catalytic Unite two or more olefins Cracker olefins High-octane naphtha,
petrochemical stocks

Conversion - alteration

Catalytic reforming Alteration/ Catalytic Upgrade low-octane naphtha Coker/hydro-cracker naphtha High oct. reformate/ aromatic

dehydration
Isomerization Rearrange Catalytic Convert straight chain to Butane, pentane, hexane Isobutane/ pentane/ hexane
branch

Treatment and Blending

Desalting Dehydration Absorption  Remove contaminants Crude oil Desalted crude oll

Hydrodesulfurization Treatment Catalytic Remove sulphur, contaminants High-sulphur residual/ gasoil Desulphurized olefins

Hydrotreating Hydrogenation Catalytic Remove impurities, saturate Residuals, cracked HCs Cracker feed, distillate, lube

HCs
Sweetening Treatment Catalytic Remove H2S, convert Untreated distillate/gasoline High-quality distillate/gasoline

mercaptan

Source: Deutsche Bank, www.osha.gov/dts/osta/otm/otm_iv/otm_iv_2.html
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A “complex” refinery refers
to a refinery with secondary
heavy oil upgrading units
downstream of atmospheric
distillation

Key variables impacting refinery performance

Whilst all refineries concentrate on converting crude oil into oil products, the net profit margin
of one refinery relative to another can vary markedly. Clearly, given the potential for refiners
to introduce different processes to alter their output slate, refinery configuration, or
complexity, has a major role to play here. As illustrated by the schematic below, configuration
is, however, only one of several factors that can play a significant role in determining the
refining margin achieved by one refinery relative to another. Other important factors include
the type of crude oil processed (sweet/sour), location, crude delivery method and overall
efficiency (although for a cost based industry this is a surprisingly modest performance
differentiator). Each of these is discussed over the following pages.

Figure 227: Several factors impact on a refiners net margin not least configuration, the

crude slate and, perhaps surprisingly, location.

Direct by Urals Top quartile Solomon top Pipeline Inland,

$/bbl pipeline configuration quartile remote
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Potential to add margin

Crude delivery Crude Cost Configuration Efficiency Despatch Location
Ship, then Brent Topping Poor layout, fuel Limited Surplus
barge only efficiency facilities area

Source: Wood Mackenzie; Deutsche Bank

Configuration and complexity

A simple refinery (also known as a skimmer or topper) is one which in essence is focused on
crude oil distillation with very little investment in equipment to upgrade the distillate streams.
In contrast a “complex” refinery refers to a refinery with secondary heavy oil upgrading units
downstream of atmospheric distillation. These secondary units include catalytic crackers,
catalytic hydro-crackers, and fluid cokers. The advantages of adding complexity to refineries
include:

= Value of the product slate. Simple refining configurations have a more rigid product
yield or production pattern than the more complex refineries due to the lack of
conversion units. Adding conversion units imparts the ability to produce a product slate
which comprises a higher percentage of more highly value outputs, not least LPG, light
distillates (gasoline, naphtha) and middle distillates (diesel for transport and home
heating) whilst reducing the percentage of low value fuel oil, the selling price of which is
constrained by lower cost substitutes such as coal and natural gas.

= Choice of crude. Complex refineries have far greater flexibility around their choice of
crude feedstock and therefore are well placed to benefit from the use of lower priced
crude feedstocks, which often sell at a discount that is greater than that implied from
their molecular composition. This flexibility is a function of the investment they are likely

Deutsche Bank AG/London
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to have made to remove sulphur (hydro-treaters) and to break down the lower value
fractions at the bottom of the barrel (cracking). By contrast, a simple refinery is far more
dependent upon light, sweet oil as a feedstock.

= Fuel specifications. Complex refineries are far better positioned to produce high-quality,
refined products which are in line with frequently changing fuel specifications.

Having said this, while complexity certainly adds to a refiner’s ability to realise a higher gross
profit margin, the additional capital costs associated with the investment mean that it need
not necessarily achieve a similar improvement in return on capital. For example, BP has
amongst the most complex refineries in North America. Its return on capital in recent years
has, however, been woeful even allowing for production outages at major refineries.

Equally, it is possible for refineries to be highly complex yet for that complexity to be directed
towards making products which are now in surplus and therefore poorly rewarded. This is
particularly true in Europe where a number of refineries invested in earlier years in upgrading
equipment (predominantly fluid catalytic crackers) to increase gasoline yields. However, with
the European market moving towards diesel, and gasoline production now in surplus they
find themselves dependent upon export markets for sales. Moreover, because a gasoline
cracker cannot be converted to one focused on diesel, repositioning the refinery would
require not only the construction of a new and expensive hydro-cracker, but would also
necessitate the idling or scrapping of a valuable piece of upgrading equipment. Again, this is
in part the story behind BP’s decision to sell its UK Coryton refinery, it's third most ‘complex’
refining asset, for a seemingly modest $8100/bpd of capacity.

High oil prices are good for complex refiners.

The economics of The importance of complexity should not, however, be underestimated particularly at high oil
conversion are dramatically prices. This is because the economics of conversion are dramatically improved at high oil
improved at high oil prices, prices, a feature which reflects the widening price differential between transport fuels and

heavy fuel oil at high oil prices and with it the so called ‘crack spread’ (discussed later). For
while the absence of effective substitutes means that transport fuels rise in price as the price
of crude oil increases, demand for fuel oil from its power generation end markets is largely
capped by the availability of cheaper substitutes, namely coal and natural gas. Consequently
those companies with the ability to upgrade or ‘crack’ fuel oil achieve a far better value uplift.
This is illustrated in the two charts below, one of which depicts the ‘theoretical’ drag effect of
coal on fuel oil prices and the other the substantial improvement in conversion margins for
those companies cracking fuel oil to make diesel in recent years (the shaded area
representing the historic norm).

Figure 228: Conversion margins expand as lower value Figure 229: The result is a significant rise in conversion

fuel oil prices are capped by substitutes margins (diesel/fuel oil here) for complex refiners
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There are several measures
of complexity. The most
recognised is the Nelson
Complexity Index (NCI)

Refining is getting more complex

Not surprisingly, with limited underlying growth in product demand the bias of investment in
the US and Northern Europe in recent years has been towards increasing the complexity of
refineries rather than expanding capacity. In the US, for example, no new refineries have
been built since 1980 although improvements in process design and the removal of
bottlenecks has seen capacity creep of around 1% per annum. Complexity has, however,
increased significantly. The European trend is depicted below. Note also how investment in
gasoline-geared FCC’s has given way to investment in diesel biased hydro-crackers.

Figure 230: Refining capacity on the Figure 231: But refining infrastructure

increase since the 1990’s has become more complex
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Measuring Complexity — The Nelson Complexity Factor

There are several measures of complexity. The most recognised is the Nelson Complexity
Index (NCI) which represents a standard measure to ascertain refinery complexities.
Developed by Wilbur L Nelson in 1960, this captures the proportion of the secondary
conversion unit capacities relative to primary distillation or topping capacity. It is an indicator
of not only the investment intensity or cost index of the refinery but also the value addition
potential of a refinery. Nelson assigned a factor of one to the primary distillation unit. All other
units are rated in terms of their costs relative to the primary distillation unit (atmospheric
distillation unit). The complexity of an individual refinery is calculated by summing the
following equation for all the major refinery processes: (Complexity Factor x Unit
Capacity)/Crude Distillation capacity). In the below example it tabulates as 3537/817=4.3

Figure 232: Complexity calculation: Worked Example

Ulsan Refinery Change Capacity* Complexity Factor

A B A*B
= =
Crude Distillation 817 1 (\ 817 ,\
Vacuum Unit 79 1 79
Semi-regen Reformer 20 3.4 68
Continuous-regen reformer 50 5.8 290
Cat Cracker 45 12 540
Residue Hydrocracker 27 12 324
Mild Hydrocracker 54 7 378
Residue Hydrotreating 27 6 162
Alkylation 5 9 45
MTBE 5 9.1 45.5
BTX 28 15 420
Bitumen production 5 1.5 7.5
Hydrotreating (Naphtha) 76 1.2 91.2
Hydrotreating (Distillate) 159 1.7 270.3
(\35_37_._5)

Source: Deutsche Bank, * Oil and Gas Journal
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The NCI typically varies from about two for hydro-skimming refineries, to about five for
cracking refineries, and over nine for coking refineries. A related term to NCI is EDC or
Equivalent Distillation Capacity. The calculation of EDC is a two-step process. The first step is
the multiplication of the capacity of each unit in the refinery with the Nelson's complexity
factor and the second is the sum of these products to arrive at the EDC for the refinery in
total.

Figure 233: Typical Western Europe Product Yields: Simple vs. Complex

Product Simple Refinery Complex Refinery
Liquid Petroleum Gas 4% 6%
Naphtha 10% 10%
Gasoline 14% 26%
Kerosene 17% 16%
Gasoil/ Diesel (aka middle distillates) 20% 23%
Fuel Oil 35% 19%

Source: Deutsche Bank

Choice of Crude - Heavy, sour, sweet and light

We have already discussed the different properties of various crude oils emphasizing that the
two key differences are:

= whether a crude is heavy or light, with light crude oils containing a greater proportion of
more valuable, shorter chain, hydrocarbons such as gasoline and naphtha; and

= whether a crude is sweet or sour, indicating the degree of sulphur evident in the crude,
with sweet crude oils containing less sulphur and thus requiring less processing
equipment and cost to extract the sulphur in order to meet product specifications.

Crude oil prices reflect the different refining value of the distillate slate

Crude oil pricing reflects these differences with light sweet crudes such as Brent or WTI
trading at a significant price premium to heavy, sour blends such as Russian Urals or Mexican
Maya. Theoretically the difference in price should be reflective of the different value of the
product slate produced by the simple distillation of each. In other words, if the value of the
product slate obtained from the crude distillation of Brent is $4/bbl higher than that from the
distillation of Urals, it would seem reasonable to expect Urals to trade at a $4/bbl discount.

In tight markets a processing premium can emerge

This is broadly what happens in practice. However, because the refining system is heavily
geared towards the processing of a lighter, sweeter barrel, at times when product demand is
high or light crude supply is constrained, those refiners who are unable to process heavier or
more sour crudes will find themselves having to compete for the available light barrels. The
result is that the discount between the price of heavy and light crude oils expands to reflect
the scarcity of the light barrel, moving to levels which reflect more than the simple difference
between the two crude’s underlying components and processing costs.

Put simply, the refiner capable of processing a heavy crude oil will find that it is effectively
receiving a 'profit’ premium for its ability to do so.

This phenomena is well illustrated by the below chart. This depicts both the different value of
the product slate emerging from processing a barrel of Urals crude oil relative to Brent and
the actual price discount at which Urals trades relative to Brent. As explained earlier, in a
perfect market, one would expect the price discount of Urals to reflect purely the underlying
difference in value of its product stream. This was the case through much of the late 1990s
before tightness through the middle of the last decade saw the discount expand with Brent
trading at a premium to Urals that was more than justified by its higher value product yield.
As markets have gone into oversupply this position has subsequently reversed.
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Figure 234: The theoretical discount at which Urals should trade to Brent based on the

refining value of the product slate compared with the actual price discount
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In a heavier world this premium is likely to occur more frequently

For refiners who are capable of processing the heavier, more sour barrel this price premium
clearly represents a profit opportunity. Moreover, in a world in which the supply of crude oil
is becoming tighter and the barrel of crude oil heavier, this premium is likely to emerge more
frequently placing a greater value premium on refineries capable of processing heavy, sour
blends. In particular, given that the marginal OPEC barrel is heavy, at times when OPEC is
producing towards capacity the heavy-light spread is likely to broaden (and vice versa as is
clear from quota cuts in 2009). In large part this is reflected by the Saudi’s decision to build to
new high conversion facilities in Saudi Arabia at Jubail (one with COP, the other Total) as it
seeks to add value to the heavy oil arising from new fields such as Manifa and Safinayah.

Figure 235: OPEC production has had a clear influence on the heavy light spread - the

marginal OPEC barrel is a HEAVY barrel
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Source: Wood Mackenzie

Deutsche Bank AG/London

Page 163



9 September 2010 Integrated Qils Oil & Gas for Beginners Deutsche Bank

Location is probably the
third most important
determinant of a refinery’s
ability to capture profit

An ability to process heavy oil adds flexibility and value

Away from the actual benefits to refiners of being able to gain from the heavy-light spread,
refiners capable of running heavy blends also gain from the greater flexibility of their system
to use a far wider range of crude oils for processing. This leaves them in a far better position
to benefit from temporary differences that may emerge between the price of different crude
oils in the marketplace or to buy the occasional distress cargo at a discount price.

Warning: Complexity and processing heavy oil need not be the same

As a final point, it is often assumed that complexity and the ability to run a heavy, sour crude
are the same thing. It is, however, important to emphasise that they are not. Complexity is
about investment in a wide range of processes to upgrade distillate, some of which may be
associated with desulphurization or upgrading low value fuel oil. There are, however, plenty
of complex refineries which are unable to process a heavy, sour barrel. Equally, it should be
appreciated that the higher profitability of a complex refiner is not necessarily a function of its
ability to buy lower priced crudes. As we have shown, much of the time the heavy light
discount is purely a function of the difference in the refining value of the two crude streams.
What is, however, key to profitability is the ability to convert lower value products to those of
a higher value and so to gain from the conversion premium.

Location

Away from configuration and crude supply, location is probably the third most important
determinant of a refinery’s ability to capture profit. Location, and with it likely competition,
affects crude freight costs, product despatch costs, product price realisations as well as
labour and environmental legislation compliance costs.

The basic technical division lies between coastal and inland plants. Coastal plants will often
have low crude supply costs and will be able to access export markets cheaply. However,
inland refiners may be closer to areas of high demand (important given that product
distribution costs are generally higher than the carriage of crude) and may be specifically
configured to relatively isolated markets. To the extent that they dominate a local market or
are sole supplier to a local market, reduced competition means that they can be very well
placed to capture a significantly higher margin.

Other factors

Away from the above, other factors that are important determinants of refinery profitability
include:

= Plant reliability and efficiency. Given the relatively high fixed costs associated with
running a refinery, reducing unscheduled downtime is a very important determinant of
profitability. This is particularly the case for high added value, high cost units such as
crackers. Efficiency is reflected in a range of parameters such as scale economies or the
physical layout of the refinery. In general, refineries nowadays will be shut for a major
maintenance overhaul once every 5 years with the timing of that shutdown generally
planned to take place during periods when the relevant market is particularly slow (late
summer, early autumn is frequently chosen being the end of the driving season but
ahead of the impending winter build in fuel oil). However, unplanned maintenance
shutdowns can be very expensive given the refinery is likely to face a total loss of
contribution through the entirety of the closure.

= Crude delivery. Largely dependent upon location, the source of fuel delivery to a
refinery can make a meaningful difference to the effective price paid by the refinery for
each barrel of crude that it receives. In general, plants located near an export port or
within access of a main oil pipeline will have delivery costs per barrel which are lower
than that for a refinery which is supplied by road tanker or rail. As an example, when
OMV connected its Schwechat refinery to the Druzbha Russian via pipeline it indicated it
could reduce its fuel costs by as much as $1.50-2.00/bbl of delivered crude.
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In general, refineries use
some 5-7% of their
feedstock as fuel to run the
refinery.

Speciality product capacity: Refinery speciality products such as lube base oll,
aromatics, solvents and anode grade coke often offer higher margins than bulk fuels.
Manufacturing margins for these products often contribute significantly to downstream
results. For example, the high margins achieved by Conoco’s UK Killingholme refinery on
anode coke probably make it one of the most profitable refineries in Europe. High
margins can often also be obtained on other speciality products, but the small volumes
involved limit the impact on the bottom line.

Petrochemical integration. Refineries forming part of a larger petrochemical complex
have greater flexibility in optimising the use of many of the intermediate product streams
as well as benefiting from lower transfer costs and shared operating costs. Depending
on transfer pricing between the refinery and petrochemical complex, this integration can
add significantly to the refining margin. TOTAL's Antwerp refinery is an example of a fully
integrated petrochemical refinery.

Operating costs. Costs are chiefly dependent on fuel usage, labour costs, efficiency,
economies of scale and the degree of investment in automation. Manpower per unit of
capacity is a key benchmark since labour costs are a large element of operating costs.
However, as the price of crude oil has risen in recent years one of the most significant
components of costs has been that of fuel. In general, refineries use some 5-7% of their
feedstock as fuel to run the refinery. Energy efficiency has consequently become a far
more important component of costs and initiatives designed to improve fuel savings
have delivered much greater payback than may have been the case but a few years ago.
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Within regional refining
markets product imbalances
are frequently evident.

Regional balances and market structure

Through investment in conversion units, refiners are able to go a long way towards meeting
the underlying market demands for the different product streams arising from the crude oil
barrel. Invariably, however, the molecular composition of the crude barrel means that it is not
economically possible to perfectly match the output from the refinery with the demands of
the local regional market. As a consequence, within regional refining markets product
imbalances are frequently evident.

Importantly, these product imbalances together with regulatory restrictions and fuel
specifications also have an important role to play in refining profitability. To the extent that a
local market is short a particular product, refiners will be able to charge a premium for that
product — the premium being largely equal to the transport cost for an external source of
supply. Similarly, where a product is long the refiner may reduce price to try and encourage
sales or incur a transport cost to export. In aggregate, however, whilst refining markets may
be tight regionally, product flows ensure that tightness in any one regional market tends not
to be sustained. In other words, looked at globally, today's refining market is not short of
supply.

US balances suggest that it will continue to deliver above global-average margins

The charts overleaf depict Wood Mackenzie's estimates of current product balances across
four major regional markets and how they are expected to move over the course of the next
decade. The charts serve to emphasise that, where the US market is now short across
almost every major product group, significant surpluses exist in other regional markets with
Europe, for example proving an important supplier of gasoline to the US. Several simple
observations can be made.

= The US market is now tight across most major product categories, in particular gasoline
and therefore import dependent. Given that the US authorities are unlikely to sanction
the build of a new grass roots refinery in the US market for environmental reasons,
capacity growth is likely to be modest (c1% p.a.) depending essentially on companies’
ability to de-bottleneck plant (so called capacity creep). As such, in the absence of a
major deterioration in demand US refining margins can sensibly be expected to be higher
on average than those in other regional markets.

= The European market is significantly long gasoline, with some surplus fuel oil and
naphtha and is thus export dependent. Given its maturity, demand growth is likely to
prove modest and with the exception of fuel oil, these imbalances more likely to
increase than subside. Overall, European margins thus tend to be lower than those in the
US - something that is unlikely to change. Europe’s export bias also clearly means that
its health is dependent upon continued good demand in other regional markets.

= Although modestly long diesel and jet fuel, Asia is currently a significant net importer of
oil products particularly of fuel oil much of which is supplied from Europe. It is also the
fastest growing of the three main regions and expected to see an increasing deficit in
naphtha (petrochemicals), fuel oil (space heating) and, in time, gasoline.

Capacity utilization by region

This difference in product balances is also well reflected by refinery utilization rates across
the different regional centres. Again, these emphasise that rates have been more robust in
the US. Utilisation fell dramatically across all regions in 2009 due to the financial crisis which
precipitated a decline in demand across all regions. Despite some improvement in demand
(and a corresponding uplift in refining margins) utilisation rates remain low at present given
the underlying fundamentals (market well supplied at existing levels of demand) and the fact
that there exists an over-supply in global refining capacity.

Page 166

Deutsche Bank AG/London



9 September 2010 Integrated Qils Oil & Gas for Beginners Deutsche Bank

Figure 236: US - Future product balances (Mt) Figure 237: North West Europe - Future product
balances (Mt)
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Figure 238: Total Asia — Future product balances (Mt) Figure 239: Middle East — Future product balances (Mt)
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Figure 240: Regional capacity utilization rates 1995-2009 (%)
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‘Crack spreads’ depict the
gross margin per barrel

Measuring Refining Profitability

Just as the stock market looks to the daily oil price as an indicator of upstream profitability,
so it focuses on ‘refining margins’ as a guide to the health of downstream returns. These
volatile margins are merely the subtraction of the daily crude price from a basket of oil
products. They represent only the additional revenue that can be generated from turning a
barrel of crude into something useful — not the costs, or therefore, the profit, of doing so.

Given crude oil and oil product prices are readily visible in most of the major regions of the
world, it is possible to calculate the gross refining profit or margin that a refiner is likely to be
achieving at any moment in time. Indeed, several newswires (e.g. Reuters) and oil agencies
(e.g. Platts) publish daily or weekly gross margins for the major regional refining centres,
namely the US Gulf Coast, North West Europe (or Amsterdam, Rotterdam, Antwerp aka
ARA) and Singapore. Called ‘indicator’ margins or ‘crack spreads’ these depict the gross
margin per barrel that a regional refiner operating with either a simple or complex refinery
configuration typical of that area and running a single crude widely processed in the region is
likely to be achieving.

Because all refineries are different these published margins are, as their name suggests, no
more than an indicator. They do, however, afford a strong view of refining profitability at any
one time and the trend in margins (up or down).

Calculating crack spreads

In calculating these indicator margins or crack spreads, simple assumptions are made about
the output of the local refinery. Thus, for example, the most commonly quoted Gulf Coast 3-
2-1 crack spread assumes that for every three barrels of oil, two barrels of gasoline and one
of fuel oil are produced (or one barrel of crude gives 0.67 barrels of gasoline and 0.33 barrels
of fuel oil). From this it is easy to calculate the gross refining margin.

Consider the following. The price of crude oil per barrel is $71 whilst the price of gasoline is
$1.95/gallon and that of heating oil $1.65/gallon. Given that there are 42 gallons in a barrel the
crack spread calculates at $6.74/bbl as illustrated by the below calculation.

0.67 x one barrel of gasoline + 0.33 x one barrel of fuel oil — one barrel of crude oil
or
[(0.67%1.95*42) + (0.33%1.65*42)] - $71.00 = ($54.87 + $22.87) - $71.00 = $6.74

Other spread ratios can be used to reflect the refining complexity of the refinery or region.
For example, where light crude is refined and there is a higher demand for heating oil the
appropriate ratio may be 2-1-1. Similarly a refinery that yields significant amounts of residue
might be 6-3-2-1 (gasoline, distillate and residue).

Product cracks

Beyond indicator margins or cracks, one can also look at product cracks. These give a strong
view of the value of conversion. Most common here are gasoline and diesel fuel oil cracks
which depict the value uplift of converting a barrel of heating oil to more highly valued
gasoline or diesel.

The following charts depict complex and simple gross refining margins in the three main
refining centres over the course of the past several years together with gasoline/fuel oil crack
spreads in the US and Europe.
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US margins ($/bbl)

Figure 241: US Gulf Complex
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Figure 242: US Gulf Simple (3-2-1)
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NWE margins ($/bbl)

Figure 243:NWE Complex
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Figure 244: NWE Simple
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Asian margins ($/bbl)

Figure 245:Singapore Complex
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Figure 246: Singapore Simple
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Gasoline/fuel oil crack spreads US/Europe

Figure 247: US Gasoline/Fuel Oil Figure 248: Europe Gasoline/Fuel Oil
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What drives refining margins?

As secondary derivative, As secondary derivative, refining margins ultimately represent the dynamic outcome of a host
refining margins ultimately of different drivers. Beyond the factors discussed over the preceding pages (location,
represent the dynamic complexity, crude feedstock, etc) over which companies have some good degree of control,

refining margins are heavily influenced by a multitude of external influences. Not least
amongst these are:

outcome of a host of
different drivers

= Demand. As with most products, demand is key to profitability. Strong demand and
inventories are likely to come under some downwards pressure and refineries kept
active. Faltering demand and the likely build in inventories will result in price weakness
as buyers become less concerned about the availability of supply and refiners look to
shift volume.

= Inventories. Through their influence on perception, inventories can have a powerful
impact on refining margins. Low stock levels and the market starts to worry about
shortages, bidding up gasoline. High stock levels and the surplus begins to weigh
equally heavily upon forward prices.

m  Seasonality. Because demand for the different outputs from a refinery varies through
the course of the year so too do gross refining margins. In particular, from late winter
through to late spring focus moves towards the production of gasoline for the US and
European driving seasons, which officially starts in the US on Memorial day (31 May).
This tends to be a period of relatively high refinery activity and, with production biased
towards expanding gasoline demand, margins tend to strengthen. However, as gasoline
demand starts to fall off towards the end of summer, margins have a tendency to
weaken before refining activity picks up, the focus now being on the production of
heating oil for winter in the Northern hemisphere.

= Maintenance activity. Time and time again maintenance activity has proven a significant
influence on refining margins. With significant capacity down, refining tightness is often
accompanied by declining inventories. The result tends to be an improvement in product
prices and with them margins. Appreciating maintenance timelines can provide valuable
insights into the likely direction of margins.

= Crude Oil Price Prospects. As the heavy-light spread becomes a more important
influence on refining profitability, so too does understanding dynamics in oil markets.
Tight crude markets and the heavy light premium is likely to expand as simple refiners
pay up for light oil. Equally, if crude oil is tight due to geopolitical concerns around supply
but demand in domestic markets weak, one would expect refining margins to be
squeezed (and vice versa).
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Gasoline differential US/Europe: As an import dependent gasoline market, the scope
for arbitrage opportunities from Europe to the US can impact gasoline prices and with
them refining margins on both continents. For example, tight US markets tend to pull in
product from overseas, so placing pressure on US prices but improving the supply
demand balance and pricing in Europe. Weak US prices and the opportunities for exports
and price arbitrage fall away, with surplus European gasoline placing added pressure on
European gasoline prices and refining margins.

Specification and regulation: To the extent that specification changes can place a
temporary restriction on production as refiners struggle to produce on-spec product or
distribute it, specification changes can impact refining margins meaningfully. This was
particularly evident in the US market in mid-2006 as changes in the specifications for
diesel and the removal of MTBE as an oxidant in gasoline impacted supply.

Inter-fuel substitution: This is of particular relevance to fuel oil pricing. Given that fuel
oil competes in power markets with gas and coal, the price which the market is willing to
bear will depend heavily on that of its alternatives. Falling coal or gas prices and fuel oil
prices are likely to deteriorate taking down the margins of simple refineries in particular.

Weather: Unpredictable as it is, the weather and weather forecasts can play a huge role
in the level of refining margins. Key here are perceptions of what the demand and/or
supply consequences of periods of extreme weather might be. For example, after the
events of 2004 and 2005 when hurricanes resulted in the closure of significant US
refining capacity, the fear of hurricanes in the US plays an important part in market
psychology through the summer months. Similarly, forecasts of a cold winter will help
heating oil prices in the run-up to winter whilst forecasts for a mild winter will tend to
undermine them.

Deutsche Bank AG/London
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The global refining industry
continues to be dominated
by the integrated oil majors

Refining Industry Structure

The global refining industry continues to be dominated by the integrated oil majors with
companies such as Exxon, ConocoPhillips, Shell, BP and Total retaining very substantial
distillation capacity (broadly 25% of total supply). However, as these companies have sought
to bring their refining exposure more in line with their marketing position in regional markets
and reduce overall exposure to refining in mature western markets, so a significant number
of sizeable independents have emerged.

Shifting to the independents

This has been most evident in the United States where companies, not least Valero, have
built strong and broadly spread portfolios of assets through selective acquisition over a
number of years. Indeed, within the US market the independents now account for
comfortably over half of national crude distillation capacity. Similarly, within Europe a
significant independent refining sector now exists although many of the existing companies
tend to have relatively modest refining capacity available to them. Several are also focused on
emerging markets, not least PKN, MOL and OMV.

Looking forwards, we would expect the western integrated majors to continue to downsize
their refining portfolios through the sale of non-strategic assets on a piecemeal basis. This is
likely to prove especially true within mature European markets where excess capacity
combined with an outlook of static to falling demand mean investment is likely to be focused
and very disciplined. This has seen each of the major Europeans (BP, Shell, Total) divest
individual refineries in the past (and indeed they continue to seek buyers for further
divestments), in part as they look to upgrade the assets within their portfolios but do so
without investing significant excess capital in refining in aggregate.

Asia and the Middle East will gain share

Longer run, with oil demand in much of the OECD essentially static, greenfield investment in
new capacity is likely to centre on those markets which offer volume growth (essentially
Asia) or which are advantaged by virtue of access to raw materials (essentially the Middle
East). Little surprise then that it is in these markets that many of the planned capacity
increases are anticipated over the next five or so years as companies seek to both meet the
needs of the local market but also benefit from the growth on offer.

Petroleum Administration for Defence Districts (PADDS)

The United States is divided into five ‘Petroleum Administration for Defence Districts’, or
PADDs. These were created in 1942 during World War Il under the Petroleum Administration
for War to help organize the allocation of fuels derived from petroleum products, including
gasoline and diesel (or "distillate") fuel. Although the Administration was abolished in 1946
these regions are still used today for data collection purposes. The five PADD Districts are:

= PADD | (East Coast) is composed of the following three sub-districts A (New England); B
(Central Atlantic); and C (Lower Atlantic).

= PADD Il (Midwest): lllinois, Indiana, lowa, Kansas, Kentucky, Michigan, Minnesota,
Missouri, Nebraska, North Dakota, South Dakota, Ohio, Oklahoma, Tennessee, and
Wisconsin.

= PADD Il (Gulf Coast): Alabama, Arkansas, Louisiana, Mississippi, and New Mexico, and
Texas.

= PADD IV (Rocky Mountain): Colorado, Idaho, Montana, Utah, and Wyoming.

=  PADD V (West Coast): Alaska, Arizona, California, Hawaii, Nevada, Oregon, and
Washington
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Figure 249: Global refining capacity by region 2009 Figure 250: Share of refining capacity in mature markets
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Figure 251: Major US refiners - CDU capacity (bpd) Figure 252: Major European refiners — CDU capacity
(bpd)
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Figure 253: Major US refiners - CDU capacity by PADD Figure 254: Major refiners — CDU capacity globally by
(kb/d) region (bpd)
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Marketing, or the wholesale
and retail sale of fuel
products, is the final step in
the integration chain

Figure 255: Change in European marketing (retail)

margins and refining margins y-o-y % (2002-2009)
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Stability in a cyclical world

Marketing, or the wholesale and retail sale of fuel products, is the final step in the integration
chain and the oil industry’s main point of contact with the end-market consumers of its
products and, consequently, its public face. Profits tend to be much less volatile than those
of its refining activities and as such lend stability to the financial performance of an oil
company’s downstream operations. Indeed, marketing is probably the single aspect of an oil
company’s operations that, excluding short term fluctuations, are largely insensitive to
commodity price volatility.

Figure 256: Absolute gross retail margins are higher and

less volatile than those achieved in refining
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Figure 257: RDS; Oil products net profit split - marketing
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Profits are sizeable

Perhaps it is because of this stability that the absolute scale of the marketing profits achieved
by the majors is easily overlooked. Despite the fact that net margin tends to be very thin as a
percentage of revenues (at somewhere between 1-2% of sales), given the huge volumes of
product moving through an integrated oil company’s marketing network, the absolute level of
profit is substantial. This is well illustrated by reviewing Royal Dutch Shell's downstream
performance in recent years, the marketing profits of which have fairly consistently stood at
in excess of $2.5bn net per annum. As evidenced by the analysis, profit performance per
barrel has also been far more robust than that of the refining activities.

Figure 258: RDS Net margin per marketing barrel vs. net

margin per refining barrel ($/bbl)
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The key role of marketing is
to secure end markets for an
integrated oil company’s
refined products and so act
as the engine of refining
output growth

Securing end markets

Profit aside, the key role of marketing is to secure end markets for an integrated oil
company's refined products and so act as the engine of refining output growth. Moreover,
through providing a route to market and customer access, marketing helps to ensure that at
times of faltering demand an integrated oil company will be able to place its refined products
and the refinery maintain its rate of utilization. In effect, the marketing network serves to pull
through refined product.

Equally, marketing typically represents the first step of downstream entry into a new market.
Again, once a market presence is established and sufficient base demand established,
refining can follow and with it demand for upstream crude oil. In what is essentially an ex-
growth industry, marketing therefore represents one of the few low-risk opportunities for an
integrated company to build share in an emerging or developing market and to actually drive
above average industry growth for its range of oil products.

Profits and seasonal trends

In general disclosure of marketing profits is poor, almost all companies presenting a single
profit result for their refining and marketing operations, with the industry arguing that the two
are inextricably linked by their integration. More likely, this obfuscation reflects a sensible
desire to shield the absolute level of profit achieved ‘at the pump’ from the prying eye’s of
consumer groups and government (one can just imagine the headlines were any individual
company to inform the general public that it achieved an operating profit from fuel marketing
of around $5bn at a time when pump prices were high). Having said this industry bodies such
as the EIA do disclose gross marketing margins, calculated by deducting tax and refinery
prices from those achieved at the retail pump. Quarterly marketing margins per barrel are
also released by certain of the IOCs not least Chevron.

Figure 259: European marketing margins (retail) - overall steady but not without short

term noise (gross margin €cents)
Unleaded Gasoline 95

16 1

14 -

12

2 10

=

Z 8

3

w 6

4

2
o——r——r T T T T
N N N O M0 O & & L OV OV ©W ©W O MM MM N O 0 0 O O o o
R Q9292 2 Q2 99992 PP QI P PIIIIIIIIN
cC > QO € > Q € > QO € > Q € > QO € > Q € > o € > o c
c © o ©€ ©®© 0o © & o ©€ ©® 0o ©€ ©®© 0o © ©®© 0o © & 0o © & 0o ®©
S =2 N0 = NN =2 MWD E MO = N = N = N D = 0D

==Monthly Margin ===Annual Average

Source: Wood Mackenzie

Marketing profitability does, however, fluctuate both with the commodity price and by
season. Typically at a time of rising oil prices marketing margins will be squeezed as the
marketer takes time to push through increases in the cost of refined product. Equally,
however, at times of falling oil prices, marketing prices tend to prove very sticky most
especially at the retail end, with margins expanding as input costs fall. Seasonally, the run up
in refined product prices as the driving season approaches tends to see a seasonal fall in
gross marketing margins. However, as the summer driving season moves towards an end,
marketing margins generally tend to expand. Thus, while marketing profits are relatively
stable over a longer time period (say a year) short term volatility can be considerable.
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Oil companies market
petroleum products to a
wide variety of trade
sectors, both at the
wholesale and retail level.

One other important feature in recent years has been the entry into fuels retailing of the
supermarket chains, most significantly in Europe. These have tended to see fuel retailing as
something of a loss leader (i.e. a means of attracting customers to the grocery door through
the use of predatory pricing). The result has been both a meaningful loss of share for the
IOCs and a reduction in industry profitability as a whole.

The wholesale/retail chain

Oil companies market petroleum products to a wide variety of trade sectors, both at the
wholesale and retail level. At the wholesale level, they typically supply to retail service
stations, industrial and commercial customers, oil distributors and other oil companies. Retail
sales typically occur through either own branded service stations (COCO: Company owned,
company operated), or through a franchise network, where the franchisee is required to
adhere to strict standards (as said, retail marketing IS the public face of the oil company).

Given little differentiation between one supplier’'s product offering and another’s, marketing
margins tend to be very fine on a per unit basis, with volume and throughput absolutely key
to profitability and return. For example, in Europe, the gross margin achieved per litre of
throughput at a retail station is typically around €0.09cents — or around 20% of the value of
the sale excluding government excise duty. As such, marketing operations are highly
operationally geared with control of costs absolutely key to profitability. Given the need for
volumes and throughput, well located retail outlets are key as is the product offering.

Figure 260: Wholesale/ Retail margin split
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The degree of ownership/ control of the supply chain will determine the extent to which a
typical refiner can access the total marketing margins. The marketing margin also depends on
the type of the product and the channel of sales. For example, specialized products such as
lubricants command the highest unit margins though volumes are small. Similarly retail fuel
marketing enjoys higher gross margins than industrial/ commercial marketing, but volumes
are lower. Moreover, retail marketing requires higher capital investment.
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Overall, around 30-40% of
marketing volumes tend to
arise through service
stations in retail end

markets

Another critical variable impacting marketing margins is the geography in which the company
operates. There are countries which impose restrictions on pump prices or subsidise retail
fuel to shield customers from price inflation, e.g. Argentina, China, Indonesia and until
recently India. Thus while strong economic growth in these territories may feed product
growth, achieving profitable growth can be a significant challenge. In the OECD retail and
wholesale prices are, however, determined by the market although the absolute price may be
very heavily influenced by government taxation (see overleaf).

Retail; the smaller volume but higher value component

Overall, around 30-40% of marketing volumes tend to arise through service stations in retail
end markets. However, in revenue terms the significantly greater value of the products sold
through the retail channel (gasoline and diesel) relative to those sold via wholesale suggests
that closer to 50% of revenues are likely to arise in retail markets.

As companies have striven to improve returns so they have sought to increase the retail
offering of their service stations, driving incremental revenues and gross margin from their
non-fuel activities. Perhaps ironically, these activities have achieved faster growth than
almost any of the companies’ other activities although contribution in general remains very
modest.

Figure 261: lllustrative split of marketed products by Figure 262: lllustrative split of net contribution per
volume (%) and those through the retail chain tonne of product sold
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Removing capital, containing costs

More significantly, however, in recent years most of the major oils have endeavoured to take
capital out of their marketing operations either by selling down parts of their portfolio —
typically in markets where they are under-represented and unlikely to be able to achieve the
economies of scale necessary to achieve a healthy return on capital - or by seeking to expand
the proportion of dealer owned, company branded sites. With growth in mature western
markets unlikely to accelerate and competition for sales expected to remain intense, these
initiatives to strip costs and to contain capital investment are unlikely to change.
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What's in a litre of fuel? European Retail Data

Figure 263: Retail prices by Country (2009) Figure 264: Excise duty by country (2009)
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Figure 265: What's the cost? Gasoline (2009 averages) Figure 266: What's the cost? Diesel (2009 averages)
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What's in a litre of fuel? US Retail Data

Figure 267: Composition of US fuel price (% 2009)

Figure 268: Composition of US fuel price ($/litre 2009)
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Biofuels

What are biofuels?

Biofuels are fuels made or processed from vegetation from which energy can be extracted
(known as biomass and can be such things as corn, wood, sugar cane). Biofuels currently
comprise only a small part of today’s global energy supply, accounting for a modest 1.5% of
total road-transport fuel usage, however, growth rates for biofuel supply are expected to
continue to outpace those of more conventional sources of energy with the IEA suggesting a
growth rate of 1.7% out to 2015 vs. oil at 0.4%. Renewable energy overall (bio-energy,
hydro, solar etc) represented 12.6% of total energy demand in 2007 according to the IEA’s
world energy outlook in 2009.

Figure 269: Breakdown of renewable energy, 2008 Figure 270: Annual growth rates, 2007-2015 & 2030
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Biomass energy is effectively derived from living or recently living organisms and is carbon
based, composed of a mixture of organic molecules including hydrogen, nitrogen amongst
others. While fossil fuels are in fact ancient biomass, they are not considered “biomass” as
they contain carbon that has been ‘out’ of the carbon cycle for a very long time, thus their
combustion disturbs the Co2 content in the atmosphere.

Whilst biofuel technology is still relatively nascent, there are already 2 recognised generations
of technology, with fuel from algae considered by many to be the third generation.

= First generation biofuels. These are biofuels produced using conventional technology
and by and large use food crops (such as sugar, corn) as the source of biomass. The two
most notable first generation biofuels are bioethanol and biodiesel. Other first generation
biofuels include butanol, alcohol and biogas.

= Second generation biofuels. Second generation biofuels make use of more advanced
technology such as gasification and liquefaction processes to convert biomass into
biofuel. Moreover they are use non-food crops such as stalks of wheat as feedstock
Many are only at an early stage of development and they are not yet in widespread use.
Examples include biohydrogen, biomethanol and Fischer-Tropsch (FT) diesel.

Why use biofuels?

Bio-fuels are an environmentally friendly substitute for fossil fuels and this is naturally where
their strengths lie. Moreover increasing difficulties in accessing resource mean that
alternative energy sources are increasingly attractive to governments seeking to reduce their
reliance on imported crude. Advantages include:
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Brazil has been using
bioethanol since the 1970s.

= Carbon neutrality. Carbon generated from biofuel consumption has been absorbed
from atmospheric carbon dioxide by the original organism as it grows. This means that
net carbon emissions should equal zero, assuming that biomass is replenished to its
sustainable level. Bioethanol, for example, produces 65-70% less carbon emissions than
conventional gasoline.

= Security of supply. Use of biofuels reduces reliance on oil imports. This is becoming
increasingly important because of the volatility of oil prices and frequent tensions with oil
producing nations. However, although increasing use of biofuels is predicted, estimates
still suggest contribution to overall consumption will remain moderate (only 9% of total
by 2030).

Figure 271: Bio-fuels as a proportion of transport fuel, 2007-2030
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= Biodegradability. Biofuels are not harmful in the event of a spillage unlike the majority
of fossil fuels.

= Political support. The use of biofuels is welcomed by the agricultural sector as biofuels
provide an extra market for farming products. In countries where the farming industry
has strong lobbying powers, this is a clear political benefit.

Where are biofuels produced and used?

Agricultural products used in biofuels are grown across the world in varying forms. In the US,
for example, corn and soybean are grown mainly whilst in Europe, flaxseed and rapeseed are
more common. In Brazil, where use of biofuels is already widespread, sugar cane is the
favoured crop and in India, the plant jatropha is used primarily.

The US recently surpassed Brazil as the world’s primary producer of bioethanol. However,
Brazil still remains a significant producer of bioethanol, which makes up 45% of the fuel used
in cars in the country. This is largely a consequence of the government initiative 'Proalcool’
established in 1975 to encourage oil substitution. Today, more than 60% of new cars sold in
the country are capable of running on pure bioethanol.

In Europe also, biofuels have experienced increasing popularity. Sweden, for example, has a
well-established biofuel vehicle network and in Germany, biodiesel is available at filling
stations across the country.
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Policy has switched from tax
subsidies to blending

requirements.

The regulatory framework

Regulation continues to play an important role in the advancement of biofuel use. Strong
emphasis has been placed on initiatives which provide direct targets within a specific
timescale. The international body that has overseen these current trends is |IEA Bioenergy,
established in 1978 by the International Energy Agency (IEA). IEA Bioenergy facilitates the
development of biofuels by providing a platform for information exchange between countries
with national biofuel programs.

United Kingdom

The key directive currently in place in the UK is the Renewable Transport Fuel Obligation,
which mandates that 5% of all transport fuel must be from a renewable source by 2010. This
will primarily achieved by blending with fossil fuels given all existing vehicles are already
capable of running on a 5% blend.

European Union

At present, the Biofuels Directive (May 2003) is the principal regulatory measure for biofuels
in the EU. This establishes a non-binding target to replace at least 5.75% of all transportation
fuels with biofuels by 2010, rising to 10% by 2020. In 2008, the EU announced that it is
rethinking its biofuel targets due to environmental and social concerns given the impact 1
generation biofuel production has had on food prices over recent years. There are also
concerns over rainforest destruction and concerns that poorer, smaller farmers could be
driven off their land (particularly in African countries) leading to increased poverty and
starvation levels.

The Biofuels directive is complemented by the EU Directive of Taxation on Energy which
grants biofuels special exemption from fuel taxation in member states.

United States

The Alternative Motor Fuels Act 1988 provided the foundation for widespread production of
motor vehicles capable of operating on alternative fuels such as bioethanol. This has been
formalised more recently under the Energy Policy Act 2005 which introduced the Energy
Independence and Security Act 2007 which calls for 15.2bin gallons of biofuels to be used
annually by 2012, rising to 36bin gallons by 2022 (from 4.7bin gallons in 2007). Most cars in
the US already run on blends of up to 10% ethanol and there are plans to eventually increase
this to 85%.

Key legislative measures

Legislation is integral to the effective regulation of the biofuels industry. The industry has
witnessed a gradual switch from fiscal-based programs based on tax subsidies to regulation-
dominated measures which mandate minimum biofuel blend ratios. Part of the reason for
this change has been to remove the additional burden of providing subsidies on tax revenues.
More importantly, it eliminates the distortionary impact created by undue reliance on
subsidies.

United Kingdom

A tax rebate of £0.20 per litre on both bio-ethanol and biodiesel is currently in place. This is to
encourage suppliers to ensure that 5% of their sales of transport fuel is made up of biofuels
by 2020.

European Union

Germany has been a leader in supportive legislation for biofuels. The key piece of legislation
is the Biokraftstoffquotengesetz which outlines mandatory blending requirements. Present
requirements are 6.25% biofuels in fossil fuels from 2010 and should remain at that level until
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2014. Germany has been the most compliant of all EU members in reaching biofuel targets,
surpassing the 5% 2010 target in 2006.

In France there are favourable tax measures such as a partial tax exemption from the internal
consumption tax for all biofuels that have received a licence (a licence is required to sell

biofuels in France). More generally, to be eligible for reduced taxes, the ethanol must be
produced within France.

United States

In the US, biofuels receive a simple tax rebate of $0.51 per gallon for bioethanol and $1.00
per gallon for biodiesel.

Figure 272: Regulatory and legislative measures

Region Target Tax rebate Blending requirements
Bioethanol Biodiesel Bioethanol Biodiesel
United Kingdom 5% by 2010 £0.20 per litre 2.50% in 2008/2009

3.75% in 2009/2010
5.00% in 2010/2011

European Union 5.75% by 2010
10% by 2020

United States 4.7 billion gallons
in 2007

15.2 billion gallons  $0.51 per gallon ~ $1.00 per gallon
by 2012

Source: Deutsche Bank
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Flexible fuel vehicles (FFVs)
will help to increase the
popularity of bioethanol.

ETBE has replaced MTBE as
a gasoline additive.

Bioethanol

Overview
Bioethanol is an alcohol-based fuel made through the fermentation of crops such as barley,
wheat, corn or sugar cane. It is the most commonly used biofuel worldwide. The US and
Brazil represent the major markets for bioethanol, together accounting for 72% of worldwide
production.

Principally, it is used in blends with gasoline as a substitute for pure gasoline. As a fuel
additive, it reduces the carbon monoxide emissions of conventional combustion engines to
promote cleaner burning. Low blends of bioethanol and gasoline, typically comprising 5-10%
bioethanol, can be used in conventional engines without modification. The development of
flexible fuel vehicles (FFVs) has assisted the growing popularity of higher blends, with FFVs
capable of running on an 85% bioethanol mix (E85) after relatively simple modifications.
Rubber seals and aluminium parts must be replaced with materials that resist the corrosive
properties of bioethanol. However, while the market is growing FFVs are not currently in
widespread use.

Production
The bioethanol production process consists of the following stages: processing,
fermentation, distillation and dehydration.

= Processing. The processing stage of corn can be distinguished as either wet or dry corn
milling. In wet corn milling, corn is first soaked in water before processing. In this case,
one bushel (56 pounds) of corn yields approximately 31.5 pounds of starch which is then
further processed into 2.7 gallons of bioethanol. In dry corn milling, the corn kernel is
ground into flour before processing and the bioethanol is then evaporated off. Under dry
corn milling, one bushel of corn yields approximately 2.8 gallons of bioethanol and a by-
product of 17 pounds of distiller’s dried grains (DDGS), which can be used as an animal
feed. Although dry corn mills are less expensive to construct than wet corn mills, they
are more expensive to operate.

= Fermentation. Sugars are fermented to produce bioethanol, water and carbon dioxide.
Sugarcane yields approximately 8 units of fuel energy per unit of energy expended whilst
corn is relatively inefficient, yielding only 1.34 units for every unit of energy used.

= Distillation. Water is removed from the fermented product, purifying this to 95-96%
bioethanol for use as a fuel. This is known as hydrated ethyl alcohol.

= Dehydration. Further purity can be attained through dehydration, which removes
remaining traces of water to produce anhydrous bioethanol with purity of 99.5-99.9%.

Issues

Bioethanol is used as an oxygenate additive to promote cleaner burning of standard gasoline.
The gasoline blend, which is known as ETBE (ethyl tertiary butyl ether), contains 47%
bioethanol. It has replaced MTBE (methyl tertiary butyl ether) as a standard oxygenate
additive largely because MTBE has been shown to contaminate groundwater and is
considered to cause cancer. Two key issues surround the blending of ETBE:

= Octane. ETBE circumvents the problem of ‘knocking’ caused by conventional gasoline.
Knocking occurs when gasoline prematurely combusts in an engine without the spark
plug triggering the ignition. This produces an audible sound, hence the name. Octane is a
measure of how well a fuel can resist knocking, which can cause engine damage. The
addition of bioethanol to gasoline enhances a fuel’'s octane rating therefore reducing the
probability that knocking will occur.

= Reid Vapour Pressure (RVP). RVP is a measure of the pressure required to prevent a
substance from evaporating. T